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Abstract

Understanding the displacement and trapping of a displaced phase in porous media is
important for applications in improved oil recovery (IOR) and carbon capture and stor-
age (CCS). In IOR, we design the process to leave as little residual oil behind as possible,
while for CCS, we do the opposite: we wish to maximise the amount of CO2 trapped by
the host brine. Reservoir rocks display a range of wettability, from being preferentially
water-wet–they spontaneously imbibe water–to oil-wet, or water repellent. Many rocks
are mixed-wet, with both water-wet and oil-wet pores. The other wettability state is
more intermediate-wet where, as we show, the rock appears to be largely non-wetting
to both oil and water. Carbonate reservoirs, which house the majority of the world’s
remaining conventional oil, and which offer potential storage locations for carbon diox-
ide, have an altered wettability after contact with crude oil. In this thesis we study
spontaneous displacement and trapping in carbonate rocks for different wettability con-
ditions. The rate of spontaneous imbibition governs the rate with which oil, or carbon
dioxide is trapped, while the residual saturation quantifies how much trapped. This is
particularly important in carbonate reservoirs, which are almost extensively fractured.
In these reservoirs, the principal mechanism for displacement is spontaneous imbibition
of water to displace oil (or carbon dioxide) in the water-wet portions of the pore space.

Pore structure and wettability are two of the main factors affecting displacement and
capillary trapping. Experimental and pore-scale modelling studies have found a mono-
tonic increase of residual non-wetting phase saturation, Snwr, with the initial non-wetting
phase saturation, Snwi in a water-wet medium. However, altered-wettability systems
have received relatively little attention, particularly those which are intermediate-wet.

We first present the three carbonates we study in this thesis: Estaillades, Ketton and
Portland. These are three quarry limestones that have very different pore structures and
span a wide range of permeability. We present standard core analysis results including
mercury injection capillary pressure and nuclear magnetic resonance response. We also
study three-dimensional X-ray images of these samples, obtained at a resolution of a few
microns. We use these experiments to assess the pore size distribution; we show that
all the samples have micro-porosity and use the results to interpret the trapping and
displacement experiments performed later.

We then perform spontaneous imbibition experiments in these three carbonates under
strongly water-wet conditions. We use scaling equations and recently published analyt-
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ical solutions to assess the recovery of these rocks. We perform two sets of experiments.
In the first, we measure the mass of water imbibed as a function of time. We show that
the amount imbibed scales as the square root of time. In the second series of experi-
ments, we measure saturation profiles as a function of distance and time using X-ray CT
scanning. We demonstrate that the saturation profiles are functions of distance divided
by the square root of time. We also demonstrate that the profiles are consistent with
the analytical theory and, using reasonable estimates of relative permeability and capil-
lary pressure, we can match the experimental results with the analytical solutions. We
discuss how, in combination with conventional measurements of relative permeability
(steady-state or using Buckley-Leverett theory in an unsteady-state experiment) these
measurements could be used to measure capillary pressure and relative permeability.

In the next phase of the study, we use organic acid (cyclohexanepentanoic acid) to
alter the wettability of our samples and observe the relationship between the initial oil
saturation and the residual saturation. We take cores containing oil and a specified
initial water saturation and waterflood until 10 pore volumes have been injected. We
record the remaining oil saturation as a function of the amount of water injected. In
the water-wet case, with no wettability alteration, we observe, as expected, a monotonic
increase between the initial and the remaining oil saturation. However, when the wetta-
bility is altered, we observe an increase, then a decrease, and finally an increase in the
trapping curve for Estaillades limestone with a small, but continued, decrease in the re-
maining saturation as more water is injected. This behaviour is indicative of mixed-wet
or intermediate-wet conditions as there is no spontaneous imbibition of oil and water.
However, Ketton did not show indications of a significant wettability alteration with
a similar observed trapping profile to that observed in the water-wet case. Portland
limestone also showed a monotonic increasing trend in residual saturation with initial
saturation but with a higher recovery, less trapping, than the water-wet case. Again,
this is intermediate-wet behaviour with no spontaneous imbibition of either oil or water,
and slow production of oil after water breakthrough. Finally, we repeat the same experi-
ments but instead we age the three carbonates with a high asphaltenic content and high
viscosity crude oil at 70◦C mimicking reservoir conditions. The results show a monotonic
increase in residual saturation as a function of initial saturation but with higher recov-
ery than the water-wet cases for Estaillades and Portland, with again no indication of
wettability alteration for Ketton. We discuss the results in terms of pore-scale recovery
process and contact angle hysteresis. We observe recovery behaviour that lies between
the water-wet and mixed-wet conditions previously studied in the literature.

Overall, the thesis demonstrates that recovery rate and the amount of trapping are
sensitive to pore structure and wettability. Very different recovery trends were observed
for three rocks with similar chemical composition. The work serves as a benchmark for
further modelling and experimental studies. The recommendation is to reproduce, in
the laboratory, conditions close to those observed in the reservoir, and to use imbibition
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and displacement measurements to quantify and constrain multiphase flow properties.
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1. Introduction

1.1. Carbon Capture and Storage

According to the United Nations (UN), climate change is one of the major challenges
facing human kind in this century [Stocker et al., 2013]. It threatens the ecological
system of our planet with floods, drought, and temperature variations. Climate change
is a consequence of human activities mainly from burning fossil fuels, which contributes
about 85% of the world’s primary energy [International Energy Agency, 2012]. The
burning of fossil fuels and other industrial processes has led to, and will likely lead
to further substantial increases in the concentration of the greenhouse gases (GHGs)
(methane, nitrogen oxides, and carbon dioxide) in the atmosphere [Wigley et al., 1996].
Among all GHGs, carbon dioxide (CO2) has the most significant impact on climate
change [Alley et al., 2007]. The increase of CO2 concentration is correlated to a rise
in global mean temperature [Friedlingstein et al., 2010]. If the global consumption of
fossil fuels continues to grow at the same rate based on 2008 levels, the level of CO2 is
predicted to reach at least 550 ppm in 2100, Figure 1.1 [Blunt, 2010]. According to the
National Research Council (NRC), the global mean temperature is estimated to rise by
6◦C if the concentration exceeds 550 ppm.

The prime solution for climate change is to move away from dominantly carbon-based
to other forms of energy, such as renewables and nuclear. However, the world is yet not
prepared to switch to these alternative energy supplies mostly because of intermittency
and affordability [Tohidi et al., 2010]. Therefore, carbon capture and storage (CCS)
can be implemented in a transition period during which fossil fuels are still widely used.
CCS is a process where CO2 is captured from its anthropogenic sources–mainly fossil
fuel burning power stations–and sequestrated in sinks [Gibbins and Chalmers, 2008].
There are several geological sites where CO2 can be stored, such as saline aquifers and
oil reservoirs, Figure 1.2.

To maximise the storage efficiency in CCS, we need to understand the different CO2 se-
questration mechanisms, namely: structural trapping, solubility trapping, mineral trap-
ping, and capillary trapping. In the sequestration process, CO2 passes through all these
mechanisms in stages with different time scales and storage contributions, Figure 1.3.

Structural trapping is when the reservoir fluid gets trapped beneath the cap-rock
(which is an impermeable layer). This mechanism depends on the geological features of

22



the reservoir and occur relatively fast compared to the other mechanisms [Bachu et al.,
1994].

Solubility trapping occurs when the injected CO2 mixes with the host brine; since
the CO2 is soluble in brine, the brine will dissolve CO2 until it becomes fully saturated.
This process can take from few years to thousands of years depending on the reservoir
permeability; the higher the permeability of the reservoir, the faster the mixing will be
[Lindeberg and Wessel-Berg, 1997].

Mineral trapping occurs after the acidic solution forms from mixing of the CO2 and
the host brine; this acidic mixture reacts with the formation rock over hundreds to many
thousands of years [Morse and Arvidson, 2002, Gunter et al., 1993].

Capillary trapping occurs when the CO2 is trapped as bubbles in the pore space
surrounded by the host brine. Capillary trapping can occur quickly. The amount of
CO2 trapped will depend on the rock geometry, fluid properties, and wettability [Juanes
et al., 2010, Macminn et al., 2010].

Another potential application for CO2 storage is enhanced oil recovery (EOR) where
oil production can be improved by injecting CO2 in reservoirs. The advantage of this
process is that any cost associated with capturing CO2 can be offset by oil production
thus making CCS economically feasible. In addition, we take advantage of extracting the
abundant oil resources while reducing CO2 emissions to the atmosphere (this assumes
CO2 capture when burning the produced oil) and therefore protecting the environment.
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Figure 1.1. Predicted and measured atmospheric CO2 concentrations based on the con-
centration measured in Hawaii from 1980 and 2008 (dashed line). While the
the solid lines represent predictions of the contribution of coal, oil, and gas
to the CO2 concentration in the future. This figure is reproduced from Blunt
2010.
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Figure 1.2. Schematic of CCS, the figure shows the process from collecting the CO2 from
power plants to injecting it in saline aquifers for storage purposes or injecting
it in oil fields for EOR purposes [Blunt, 2010].
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(a)

(b)

Figure 1.3. Illustration of (a) the level of security of the four trapping mechanisms of
injecting CO2 with out leakage and (b) the contribution of each trapping
mechanism to the total CO2 storage and the time dependency. These figures
are adapted from [Metz et al., 2005].
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1.2. Oil Recovery

In oil reservoirs, we design the process to minimise the amount of capillary trapping
of oil, hence maximising recovery. Generally speaking, oil production has three stages:
primary, secondary, and tertiary. Primary recovery is when the oil comes out from
the reservoir to the production well due to natural depletion of the reservoir pressure.
Secondary recovery comes after primary recovery, and here water and/or gas are injected
to flood the oil out of the reservoir. Tertiary recovery comes after secondary recovery
and the aim is to try to recover more oil after secondary recovery.

The fluids injected in tertiary recovery are usually, surfactants, polymers, or CO2

(called EOR) [Lake, 1989]. CO2 can be injected in depleted oil reservoirs to displace
the oil, while CO2 remains in the reservoir. In addition, this process will maintain the
reservoir pressure and production rates [Dake, 1983]. The IPCC considers CO2 EOR as
a form of underground CO2 sequestration. In CO2 EOR, storage occurs as CO2 displaces
hydrocarbons and the injected CO2 is trapped within the reservoir’s pore spaces through
capillary forces and the other mechanisms discussed earlier. CO2 EOR projects can be
converted to CCS projects at the end of their operating lifetimes [Metz et al., 2005].

1.3. Thesis Rationale

With over half of the world’s conventional oil contained in fractured carbonate reservoirs,
it is important that the fundamentals of fluid flow from fracture to matrix by spontaneous
imbibition are understood [Schlumberger , 2013]. Spontaneous imbibition is one of the
main recovery mechanisms in these reservoirs; in addition it is also the process rendering
the non-wetting phase immobile in the reservoir. Also, reservoirs come in different
wettability states and wettability is the prime factor affecting capillary trapping and
thus the recovery and storage efficiencies, as we discuss later. To address this problem,
we investigate recovery and trapping by spontaneous imbibition as well as waterflooding.
Also, we investigate the effect of wettability on recovery rate and the amount of capillary
trapping. In this thesis, we will study carbonate rocks, as they have received relatively
little attention in the literature, despite their practical importance.

The aim of the thesis is to provide a set of benchmark experimental data on trapping,
displacement and spontaneous imbibition on a well-characterised set of carbonate core
samples. We will show that while we can explain and interpret the results in terms of
pore-scale displacement processes, the results are very sensitive to the exact nature of the
rock and the wettability. This thesis then acts as a guide to the types of experiment and
analysis that is necessary to quantify the amount of trapping, imbibition and waterflood
recovery under different conditions.
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1.4. Capillary Trapping

Capillary trapping is the phenomenon of isolating the non-wetting phase by the wetting
phase as trapped ganglia at the pore-scale. Capillary trapping is an important mech-
anism for storing CO2/oil underground. Its understanding is important to reduce or
recover the amount trapped for EOR, or maximise the amount stored for CCS. Figure
1.4 shows the process of storing CO2 by capillary forces in a saline aquifer. In order to
understand capillary trapping, we need to first understand immiscible displacement of
two fluids in porous media and in particular, wettability, capillary pressure, and relative
permeability.
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Figure 1.4. Schematic of CO2 trapping by capillary forces in a saline aquifer (yellow)
beneath a caprock (brown). We start (a) by injecting CO2 underground
where the CO2 will be at its supercritical phase (a high density gas, dark
blue), (b) the supercritical CO2 will move upwards due buoyancy forces and
then laterally when it reaches the caprock, and (c) the host brine will fill the
supercritical CO2 place and traps the supercritical CO2 by capillary forces
(light blue).
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1.4.1. Wettability

Wettability is the preference of the solid to be in contact with one fluid in a system of
two or more immiscible fluids [Craig, 1971]. In an oil-water reservoir, wettability can be
divided into four categories:

(1) Water-wet, where the rock surface prefers to be coated with water and thus the rock
has a high affinity to water, allowing water to spread on the surface and hence occupy
the small pores.

(2) Intermediate-wet, where the surface has an almost equal tendency to be coated by
one of the fluids either oil or water.

(3) Oil-wet, where the rock prefers to be in contact with oil.

(4) Mixed-wet, where parts of the rock prefer to be in contact with oil and the other
parts prefer to be in contact with water.

Figure 1.5 shows contact angle measurements of a droplet of brine on a rock surface
filled with oil with different wettability states. This measurement can give us a direct
indication of the rock’s wettability. However, the method requires a smooth surface
which is not realistic as real rocks have rough surfaces with potentially very different ef-
fective contact angles [Morrow, 1975, Morrow et al., 1994]. Table 1.1 shows the expected
contact angle for each wettability state. Wettability has an impact on the residual sat-
uration, spontaneous imbibition, capillary pressure, relative permeability, and electrical
properties [Anderson, 1987]. Therefore, these properties can show us indirect indications
of wettability.

The contact angle (θ) can be measured using the equilibrium of interfacial tension (σ)
using Young’s equation [de Gennes et al., 2004]:

cos θ = σS−O − σS−B
σO−B

(1.1)

where subscripts: S, O, and B denote solid, oil, and brine respectively.

Due to the effect of hysteresis, which means history dependence, the contact angle
of brine is different in drainage than imbibition, Figure 1.6. The reason for this incon-
sistency can be attributed to the chemical inhomogeneities and the roughness of the
surface. On rough surfaces, the advancing contact angle θA in imbibition (increase in
water saturation) is found to be larger than the receding contact angle θR in drainage
(reduction in water saturation). The intrinsic contact angle θI is measured at rest on a
smooth surface [Morrow, 1975]. Figure 1.7 shows contact angle hysteresis between the
flooding cycles measured by Morrow 1975.

Another way to estimate the wettability of the rock at the macro-scale is by using an
Amott test, Amott [1959]. This test quantitatively measures the wettability since the
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amount spontaneously imbibed is a function of wettability. In this test we compare the
recoverable amount of oil by spontaneous water imbibition to the amount recovered by
forced water injection to give us the Amott water index, Iw. Similarly, we can estimate
the Amott oil index, Io, by comparing the amount of water recovered by spontaneous oil
imbibition to the amount recovered by forced oil injection. Figure 1.8 shows schematics
of the experimental Amott test for Iw and Io.

To calculate the Amott indices, we use the following equations:

Iw = Swsi − Swc
1− Swc − Sor

(1.2)

Io = Sosi − Sor
1− Swc − Sor

(1.3)

where I is the Amott index, Swsi is the water saturation after spontaneous water imbi-
bition, Swc is the connate water saturation, Sor is the residual oil saturation, and Sosi

is the oil saturation after spontaneous oil imbibition. Subscripts w and o denote water
and oil respectively.

Strongly water-wet rocks would have an Iw of 1 and Io of 0. More oil-wet rocks would
have lower Iw and higher Io. Mixed-wet rocks have Iw, Io > 0–they spontaneously imbibe
both oil and water. Intermediate-wet rocks would have Iw ≈ Io ≈ 0.

To explain the intermediate behaviour further, if we consider the system has θI ≈ 90◦,
then based on Figure 1.7 on contact angle hysteresis, we will have θA > 90◦ and θR <

90◦. This means that the medium is non-wetting to both water during waterflooding
and oil in oil invasion leading to no spontaneous imbibition of either phase.

Clean reservoir rocks or minerals (quartz or calcite) tend to be water-wet coated with
water layers. Once these minerals stay in contact with crude oil, due to oil migration,
for sufficient time, the heavy polar components of the crude oil (resins and asphaltene)
precipitate on the surface forming an oil layer making the rock more oil-wet [Buckley,
1995, Buckley and Liu, 1998]. In addition, the composition of brine, pH and composition
of crude oil have significant impact on the wettability alteration process [Buckley et al.,
1996, Buckley, 2001]. Hence, most of the oil reservoirs in the world tend to be mixed-wet
or intermediate-wet [Anderson, 1987, Treiber and Owens, 1972].

In this thesis, we use the term “altered-wettability” to refer to a rock which has been
in contact with oil: it may be weakly water-wet, intermediate-wet, mixed-wet, or oil-wet.
Figure 1.9 shows the possible configuration of oil and water saturations in water-wet,
mixed-wet and oil-wet porous media. The applications of wettability can be viewed
in our daily life. For instance, rain coats, umbrellas, wool on sheep and even ducks’
feathers are made to be oil-wet in order to repel water and prevent it from soaking
into the material by spontaneous imbibition. On the other hand, towels and tissues, in
general, are made to be water-wet to soak up water.
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(a) (b) (c)

Figure 1.5. Contact angle measurement on a solid surface on (a) water-wet, (b)
intermediate-wet, and (c) oil-wet solids.

Table 1.1. Wettability classification based on the contact angle of the water droplet on
a rock surface.

Wettability State θ [◦]
Water-wet <90

Intermediate-wet ≈90
Oil-wet >90

(a) (b)

Figure 1.6. Contact angle hysteresis, depending on the flow direction, on a solid surface
during (a) drainage with the receding contact angle (denser phase receding)
and, (b) imbibition with the advancing contact angle (denser phase advanc-
ing).
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Figure 1.7. Relationship between intrinsic contact angle and the advancing and receding
contact angles, measured by Morrow 1975.

Figure 1.8. Schematic of the Amott experimental test with (a) the Amott water index
where we place a rock filled with oil and water into the cell. We fill the cell
with brine and then the rock will spontaneously imbibe water and will dis-
place the oil upwards due to buoyancy forces. Then we measure the amount
of oil recovered by spontaneous imbibition and compare to the waterflood
recovery to obtain the Amott water index, Equation 1.2. Similarly for the
Amott oil index (b) which is opposite to the water index, we fill the cell with
oil and the oil will displace the water for mixed-wet and oil-wet systems.
Here we show the cell to be inverted as brine is denser than oil and will
travel downwards.
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(a) water-wet (b) mixed-wet (c) oil-wet

Figure 1.9. Possible water and oil distribution in (a) a water-wet system where oil (red)
remains in the centre of the pores and fills the large pores. (b) A mixed-
wet system where oil has displaced water (blue) from some surfaces but still
trapped in the center of the water-wet regions. (c) An oil-wet system where
water remains in the centre of the pores and fill the large pores while the oil
surrounds the water.

1.4.2. Capillary Pressure

Capillary pressure is the pressure difference across the interface of two immiscible fluids.
In other words, it is the difference between the non-wetting phase and the wetting phase
and from the Young-Laplace equation:

Pc = Pnw − Pw = σ

( 1
R1

+ 1
R2

)
(1.4)

where Pc is the capillary pressure, Pnw is the non-wetting phase pressure, Pw is the
wetting phase pressure, σ is the interfacial tension, and R1 and R2 are the principal
radii of curvature of the interface.

Capillary pressure can be divided into drainage (non-wetting phase increasing satura-
tion) and imbibition (wetting phase saturation increasing) and can be measured using
the Porous Plate (PP) technique, centrifuge, dynamic/semi-dynamic methods, and Mer-
cury Injection Capillary Pressure (MICP) [Tiab and Donaldson, 2011, Lenormand et al.,
1995, Pini et al., 2012].

Drainage

Drainage is the displacement of the wetting phase by the non-wetting phase. The dis-
placement is opposed to the adhesion force. Therefore, it is not spontaneous. The non-
wetting phase advances in a connected piston-like displacement in the porous medium
[Tiab and Donaldson, 2011].

When oil migrates from the source rock into a brine saturated reservoir, this process
is primary drainage, Figure 1.10. Since oil migration is upward due to the buoyancy
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forces between the oil and the host brine, it displaces the brine downwards or laterally
depending on the local heterogeneity. The oil invades the larger pores first and then pro-
gressively smaller pores as it progress until the brine reaches a connate water saturation
where the water saturation cannot be reduced any further regardless of an increase in
the applied capillary pressure. At this stage, the water will be squeezed in the corners
of the pore spaces coating the surface of the rock in the form of layers. The injection
of CO2 in brine aquifers for storage is also a drainage process as the CO2 (non-wetting
phase) displaces brine (wetting-phase).

An oil/brine reservoir may have several wettability states which can be correlated
to the drainage capillary pressure. After primary drainage, surface-active compounds
in the oil may adhere to the solid surface changing the wettability of the system for
subsequent water invasion as discussed previously. For instance, mixed-wet wettability
behaviour tends to be located within the Transition Zone (TZ) in the reservoir, which is
a zone between the oil/water contact (OWC) to where the water saturation is at or near
its irreducible value. The wettability in the transition zone is mixed-wet with a higher
fraction of water-wet areas near the OWC, and becomes less water-wet as we reach the
top part of the oil reservoir since most of the rock surface is contacted by oil [Masalmeh
et al., 2007], Figure 1.11.

In this thesis, we will study rocks with different initial saturation and wettability.
These features influence oil recovery by water injection [Jadhunandan and Morrow, 1995].

The drainage capillary pressure curve is a function of the rock type (different perme-
ability and pore structure), different rock types have different capillary pressure curves,
Figure 1.12.

Capillary pressure can be expressed in dimensionless form, which takes account for
different interfacial tensions and average pore size (Leverett J-function) [Tiab and Don-
aldson, 2011]. This expression is used to scale laboratory data that may be performed
with different fluid pairs and condition, than the field condition. The Leverett J-function
is written as follows:

J(Sw) = Pc
σcos θ

√
k

φ
(1.5)

where J(Sw) is the dimensionless J-function, Pc is capillary pressure [Pa], σ is interfacial
tension (0.48 N/m for mercury/air system), θ is the contact angle (40◦ for mercury/air
system, measured through air), φ is porosity, and k is permeability [m2]. Figure 1.13
shows the J-function of the drainage capillary curves in Figure 1.12.

From the mercury injection test, we can relate the capillary pressure to the pore size
distribution. First, we use Equation 1.4 to convert the capillary pressure to throat radius,
assuming piston-like displacement into a circular tube. This assumption is not realistic
in describing the rock; however, it is a common practice in the petroleum industry. We
can, for non-circular pores, assume that the radius represents the inscribed radius of the
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pore. Then, we define an effective radius, rp, as a function of saturation:

rp = 2σ cos θ
Pc(Sw) (1.6)

This can be further interpreted by using the probability distribution function (f ) of a
pore entry radius (rp):

rpf(rp) = rp
dSw
drp

= −Pc
dSw
dPc

= − dSw
dlnPc

(1.7)

This is an approximate relation as it assumes that the throats are circular in cross-section
and assigns all the change in saturation–which may be due to subsequent filling of layer
regions–to that throat size.

Figure 1.14 shows the pore entry distribution for the rocks used in Figure 1.12. The
terms homogeneous and heterogeneous rocks are based on the pore size distribution in
Figure 1.14. We can see that both homogeneous rocks have a uni-modal distribution
while the heterogeneous rock has a bi-modal distribution of pore size. In this thesis, the
emphasis will be on carbonates which are heterogeneous with, typically, a bi-modal pore
size distribution.

(a) (b)

Figure 1.10. Pore-scale representation of showing (a) a brine reservoir before oil migra-
tion and (b) oil displacement in primary drainage.
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Figure 1.11. Schematic diagram to show the wettability distribution in the reservoir
based on the drainage capillary pressure.
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Figure 1.12. Different drainage capillary pressure curves based on different rock proper-
ties from mercury injection capillary pressure (MICP) measurements. The
low permeability, homogeneous rock is Springwell sandstone with a poros-
ity, φ of 17% and mercury absolute permeability, kHg = 3 × 10−14m2, The
high permeability, homogeneous rock is Doddington sandstone with φ of
21% and kHg of 1 × 10−12m2, The heterogeneous rock is Indiana limestone
with φ of 14% and kHg of 1 × 10−14m2. These results were obtained from
Weatherford Laboratories at East Grinstead, UK.
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Figure 1.13. Capillary pressure J-function versus saturation for the rocks used in Figure
1.12.

Figure 1.14. The pore size distribution against pore throat radius for the rocks used in
Figure 1.12.
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Water Re-saturation

Water re-saturation can be divided into two parts: imbibition and forced displacement.
Imbibition is the opposite process to drainage and here the wetting phase displaces the
non-wetting phase. During forced displacement it no longer makes sense to refer to the
invading phase as wetting, as the capillary pressure is now negative. To emphasise this,
we often refer to imbibition as spontaneous since Pc > 0 and water is at a lower pressure
than oil. When Pc < 0 we have forced displacement where water is at a higher pressure
than oil.

Spontaneous Imbibition

Spontaneous water imbibition is the invasion of the water into a porous medium due to
capillary forces and can only occur in water-wet and mixed-wet systems [Morrow and
Mason, 2001]. Spontaneous imbibition can occur in two different modes: co-current and
counter-current. Co-current is when the brine and oil flow in the same direction, Figure
1.15a. Counter-current imbibition occurs when the oil and brine flow in opposite direc-
tions from the same inlet, Figure 1.15b. In the reservoir, counter-current displacement
will dominate if matrix blocks are completely surrounded by water; however, if the rock
matrix blocks are not fully surrounded by water and if gravity segregation occurs, then
co-current is the dominant flow [Bourbiaux and Kalaydjian, 1990, Pooladi-Dravish and
Firoozabadi, 2000]. The rate of water imbibition into the porous medium is a function of
permeability, relative permeability, capillary pressure, initial water saturation, boundary
conditions, viscosity, interfacial tension, and wettability [Zhang et al., 1996, Graue and
Fernø, 2011, Mason and Morrow, 2013].

In spontaneous imbibition, it is possible to render the non-wetting phase immobile
by the wetting phase. The trapped non-wetting phase is called the residual saturation.
There are two mechanisms of achieving residual saturation: a) piston-like advance and
b) snap-off [Lenormand et al., 1983].

Piston-like advance occurs when the invading wetting phase moving from a wetting-
filled pore, large gap between grains, or throat, narrow restriction connected to pores,
displaces the non-wetting phase from neighbouring pore or throat, Figure 1.16. This
mechanism is favoured in the narrow throats but impeded in the wide pores, since water
wants to be in the narrow regions of the pore space.

The threshold capillary pressure for this mechanism is approximately:

Pc = 2σcos θ
r

(1.8)

where Pc is the threshold capillary pressure for piston-like advance, σ is the interfacial
tension, θ is the contact angle, and r is the radius of the pore or throat being filled.
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Since the capillary pressure is inversely proportional to the radius, then larger pores will
require lower capillary pressure to fill them. In imbibition following drainage, the water
fills the pore space in decreasing order of capillary pressure. In other words, water fills
the narrowest throats with the highest capillary pressure first. However, the constraint
is that the water cannot invade a throat unless the neighbouring pore or throat is water-
filled.

Snap-off occurs in water-wet media when wetting layers in the corners swell–in a
narrow throat– until the non-wetting phase loses contact with the solid surface resulting
in a rapid invasion of the throat, Figure 1.17.

The threshold capillary pressure for this mechanism for a throat of square cross-section
and inscribed radius rt:

Pc = σ(cos θ − sin θ)
rt

(1.9)

The ratio of the capillary pressure for snap-off to piston-like advance is:

r

2rt
(1− tan θ) (1.10)

The ratio demonstrates that the mechanism with the highest capillary pressure is favoured
for large aspect ratio, the ratio of the pore radius to throat radius, and θ < 90◦ (a water-
wet system). Snap-off fills narrow throats, leaving non-wetting phase in the large pores.
The non-wetting phase will be trapped, if all the surrounding throats are filled. On the
other hand, piston-like advance has the tendency to fill pores with water if the neigh-
bouring throats are filled with water leading to little trapping [Lake, 1989, Lenormand
and Zarcone, 1984]. For this reason, we see most trapping in strongly water-wet rocks.
There will be less trapping in intermediate-wet rocks with θ ≈ 90◦, since snap-off will
not be favoured: in Equation 1.9, Pc must be positive for the process to occur which
requires θ < 45◦.

There are many examples of spontaneous imbibition from our daily life. For example,
the process when tissue paper soaks water even without applying any force. Another
example, when we add sugar cubes to coffee (we ignore the dissolution process) we see air
bubbles produced on the surface of the coffee and that because the coffee (water based)
imbibes into the sugar cube (porous medium) and replaces the air inside the system.
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(a) (b)

Figure 1.15. Schematics representing spontaneous water imbibition under (a) co-current
imbibition and (b) counter-current conditions.

Figure 1.16. Schematic of piston-like advance in square capillaries. This figure is repro-
duced from Lenormand and Zarcone 1984.
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(a) (b) (c)

Figure 1.17. Schematic of oil distribution in a pore at (a) after drainage when oil is well
connected, (b) at the early time of imbibition where the water layers swell,
and (c) after long imbibition time of water where the oil totally disconnects
to become trapped in the pore due to snap-off.

Forced Displacement

Forced displacement or waterflooding occurs after spontaneous imbibition to recover the
oil that was not recovered by spontaneous imbibition. In forced displacement, we need
to inject water at a higher pressure than oil to displace the oil thus yielding a negative
capillary pressure, Equation 1.2. Forced displacement behaviour is different depending
on the wettability of the rock and the initial saturations.

For a water-wet system, the displacement is simple, the water will flow in the narrow
throats leaving the oil stranded in the large pores. The residual oil saturation can be
achieved in the spontaneous imbibition phase. However, in a weakly water-wet system,
we will observe additional oil recovery by forced displacement leading to lower residual
oil saturation.

As the system becomes more oil-wet, oil layers are formed. We now expect oil to be in
the narrow throats while the water will be in the large pores as water is the non-wetting
phase, leaving the wetting oil as a layer sandwiched between water in the center of the
pore and water is retained in the corners after primary drainage, Figure 1.18. In order to
collapse these oil layers, a sufficient water pressure is required. This gives slow oil layer
drainage during forced displacement. We refer to a remaining saturation, rather than a
residual saturation as more oil is slowly recovered as more water is injected. Acquiring
the residual state will require thousands of water pore volumes to be injected [Salathiel,
1973]. Since the snap-off trapping mechanism does not occur in an oil-wet system, we
expect higher oil recovery and less trapping than a water-wet system.

With a high initial oil saturation, water is forced right into the corners of the pore
space, giving more stable layers and less trapping than for lower initial saturation, Figure
1.18. This is one explanation for the non-monotonic trapping curve presented in Chapter
4.
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(a) (b)

(c) (d)

Figure 1.18. Schematic of different possible saturation configurations in an oil-wet pore.
(a) For a low initial oil saturation, after waterflooding we see a thin oil
layer that will collapse with a small increase in water pressure (b). (c) For
a high initial oil saturation, in contrast, after waterflooding the oil layer is
fatter and more stable (d).

Capillary and Bond Numbers

Multi-phase flow in porous media is governed by the interplay between capillary, vis-
cous, and gravitational forces [Wong et al., 1999]. The capillary number is the ratio of
capillary to viscous forces. The capillary number is defined as:

NCa = qµ

σ
(1.11)

where q is the Darcy velocity of the fluid [m/s], µ is the viscosity of the fluid [mPa s],
and σ is the interfacial tension [N/m]. Typical capillary number values for the field-
scale displacement are 10−8 to 10−6 [Chatzis and Morrow, 1984]. Generally, of these two
forces, capillary forces dominate at the pore scale where viscous forces dominate in the
large (inter-well) scale. Our experiments were run at low capillary numbers 10−8 giving
capillary-controlled conditions. Viscous forces suppress snap-off and mobilise ganglia,
leading to less trapping.

The Bond number is the ratio of the gravity to capillary forces. The Bond number
affects vertical flood experiments and is defined as:

NBo = ∆ρgk
σ

(1.12)
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where ∆ρ is the density difference between the displacing and displaced phases [kg/m3],
g is the acceleration due to gravity [9.8 m/s2], k is the absolute permeability [m2], and
σ is the interfacial tension [N/m]. Again, typically NBo � 1 in reservoir displacements.

Waterflood Capillary Pressure Curves

There are different behaviours of waterflood curves depending on the wettability of the
rock [Anderson, 1987]. For a water-wet rock, Figure 1.19a, we start from primary
drainage where the capillary pressure is positive and the water saturation has reached
its connate/irreducible water saturation (Swc/Swir) which will have a negligible reduc-
tion in saturation regardless of any higher pressure that is applied. This is the same
initial condition regardless of the wettability of the rock during waterflooding. During
waterflooding, the water imbibes into the rock spontaneously, with no force required
if the rock remains water-wet, until the capillary pressure reaches zero. For water-wet
media, most or all of the oil will be recovered during spontaneous imbibition. Then,
when we apply pressure to force the oil out, very little additional oil will be recovered.

For an intermediate-wet rock, Figure 1.19b, there is little or no oil recovery by
spontaneous water imbibition since the rock has neutral affinity to water, followed by
significant recovery by forced water injection. There is less trapping, as there is little or
no snap-off, but oil can be surrounded by water as the non-wetting phase, leaving some
residual saturation.

For an oil-wet rock, Figure 1.19c, there are only well-connected oil-wet pathways yield-
ing no recovery by a spontaneous water imbibition, followed by significant recovery by
forced water injection.

For a mixed-wet rock, Figure 1.19d, we have both well-connected water-wet and oil-
wet pathways resulting in medium oil recovery by spontaneous water imbibition followed
by significant further recovery by forced water injection.

45



(a) (b)

(c) (d)

Figure 1.19. Schematic exemplar waterflood capillary pressure curve for (a) a water-wet
rock, (b) an intermediate-wet rock, (c) an oil-wet rock, and (d) a mixed-wet
rock.

1.4.3. Relative Permeability

Relative permeability is the ratio of the effective permeability, which is the permeability
of one fluid in the presence of another fluid, to the absolute permeability. There are three
main factors affecting relative permeability: pore geometry, wetting properties, and fluid
saturation. Relative permeability is essential to understand oil recovery and thus plan
proper injection schemes. There are two ways of measuring relative permeability (a)
steady state method or (b) unsteady state (displacement method).

To define the relative permeability, we need to extend Darcy’s law to multiple phases:

qw = −kkrw
µw

(∇Pw − ρwg) (1.13)
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qo = −kkro
µo

(∇Po − ρog) (1.14)

where q is the Darcy flow rate per unit area [m/s], k is the absolute permeability [m2], kr
is the relative permeability, ∇P is the pressure gradient [Pa/m], µ is the viscosity [Pa.s],
ρ is the density of the fluid [kg/m3], and g is the gravitational force constant which is
9.8 [m/s2]. Subscripts w and o denote water and oil respectively.

Relative Permeability Curves

Similar to capillary pressure, relative permeability is also a function of wettability [An-
derson, 1987]. For a water-wet system, Figure 1.20a, the water relative permeability
is lower than the oil relative permeability because water fills the narrow pores while the
oil fills the large pores, giving the water poor connectivity. For the same reason, oil has
higher relative permeability than water, as oil fills the large pores giving good connec-
tivity. The residual oil saturation is high though, since oil can be trapped in the centres
of the larger pore spaces by snap-off, as discussed earlier. This is discussed further in
the next section.

For an intermediate-wet system, Figure 1.20b, both oil and water have comparable
relative permeabilities since the surface has equal tendency to be coated by either fluid.

For an oil-wet system, Figure 1.20c, it is the reverse of the water-wet scenario where
oil has a lower relative permeability than water since oil will now fill the narrow pores.
Water, on the other hand, will fill the large pores giving low flow conductance to oil.
However, the oil remains connected in layers until a low residual saturation is reached.

For a mixed-wet system, Figure 1.20d, the behaviour is characterised by low oil and
water relative permeabilities and also low residual oil saturation. This can be explained
by the low conductance of oil layers, and because it is hard for water to flow across
different wettability fractions [Gharbi and Blunt, 2012].

Oil-wet and mixed-wet rocks tend to have lower Sor than water-wet rocks since oil lay-
ers maintain connectivity, see Figure 1.18, however, there will be continued, slow produc-
tion after water breakthrough even after 5000 pore volumes of water injected [Salathiel,
1973]. This contrasts with water-wet rocks where residual saturation is reached at break-
through or after a few pore volumes injected [Abdallah et al., 1986]. For intermediate-wet
rocks, Sor can also be low since snap-off is suppressed. From the capillary trapping per-
spective which is the trapping of the non-wetting phase by the wetting phase: in the
oil-wet and the mixed-wet cases with oil layers, little oil will be trapped, while on the
other hand, water will be trapped during secondary oil injection, since it is the non-
wetting phase.
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(a) water-wet (b) intermediate-wet

(c) oil-wet (d) mixed-wet

Figure 1.20. Schematic exemplar waterflood relative permeabilities for (a) water-wet,
(b) intermediate-wet, (c) oil-wet, and (d) mixed-wet rocks.
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1.5. Capillary Trapping Laboratory Methods

There are several labratory methods where we can measure the trapping curve which is
the relationship between the initial non-wetting phase saturation (Snwi) to residual non-
wetting phase saturation (Snwr). These methods include: centrifuge, unsteady state,
steady state, and porous plate.

1.5.1. Centrifuge Method

In this method, we can measure the drainage and waterflood capillary pressure curves.
For drainage, we place a core sample filled with the wetting phase and place it in a cell
surrounded by the non-wetting phase, Figure 1.21a. We centrifuge the cell at several
speeds starting from low to high. At each speed, we measure the amount of fluid dis-
placed during the process until we see no further production at high speeds [Tiab and
Donaldson, 2011]. For the waterflood capillary pressure curve, the cell will be reversed
compared to drainage as the oil phase is usually less dense than water, Figure 1.21b.

(a) (b)

Figure 1.21. Schematic of the centrifuge laboratory method where (a) is the position to
measure the oil displacing water capillary pressure while (b) is the position
to measure the water displacing oil capillary pressure curve.

1.5.2. Unsteady State (USS) Method

In an unsteady state measurement, Figure 1.22, the rock or the core is saturated with
one fluid (water or oil) and then the other fluid is injected to displace the first fluid.
During unsteady state displacement, the flow rates of both fluids and pressure drop
are recorded. Applying this method is cheap and relatively quick; however, this method
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requires interpretation of the results, since relative permeability, is not measured directly
[Dullien, 1991]. However, if this method is used strictly to achieve the trapping curve,
then the method becomes simpler and less time consuming.

Figure 1.22. Schematic of an unsteady state waterflood coreflood relative permeability
experiment.

1.5.3. Steady State (SS) Method

In the steady state approach, both fluids are injected simultaneously; the flow rate and
pressure drop are measured to find the relative permeability, Figure 1.23. This method
is primarily used to measure the relative permeability [Tiab and Donaldson, 2011]. Nev-
ertheless, the trapping curve can be achieved as a by-product and does not require
additional steps.

Figure 1.23. Schematic of a steady state coreflood relative permeability experiment.

1.5.4. Porous Plate (PP) Method

In this thesis, we mainly perform capillary trapping experiments using a porous plate
(PP, which is a low permeability water-wet ceramic disc, this disc will retain the oil
in the core and will let the water pass through the outlet) to establish various initial
saturations and eliminate the capillary end effect which is a saturation gradient from
the inlet to the outlet of the core [Lamy et al., 2010, Pentland et al., 2011, El-Maghraby
and Blunt, 2013, Tanino and Blunt, 2013]. The advantages of using the PP technique is
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the ability to establish low initial saturations compared to the unsteady state technique,
and also to establish a homogeneous distribution of saturation inside the rock. The
disadvantage of this method is that it is time consuming. The experimental procedure
of this experiment is similar to the work of Pentland et al. 2010 and it is as follows:

(1) Saturate the rock with 100% water saturation, Figure 1.24a.

(2) Insert the PP at the downstream face of the rock and inject the oil in the upstream
face at a constant capillary pressure, Figure 1.24b.

(3) When there is no further water production in step 2, the initial oil saturation is
achieved, then, remove the PP and inject brine at a very low flow rate to ensure capil-
lary dominated flow is applied to reach the residual oil saturation, Figure 1.24c.

(a)

(b)

(c)

Figure 1.24. Schematic of a capillary trapping coreflood experiment where we start with
(a) saturating the core with 100% brine, followed by (b) inserting a water-
wet porous plate disc at the downstream of the core to retain the oil and
let the brine pass. Then we inject oil at a constant capillary pressure until
no further water is produced. Finally, (c) we waterflood the core at a low
capillary dominated flow rate.

If we look at the capillary trapping experiment from the capillary pressure perspective,
Figure 1.25, we can see that different applied capillary pressures in step 2 will result in
different initial oil saturations on the drainage curve and when we go to step 3 we will
achieve different corresponding remaining saturations. Note that the profile between the
initial saturation and the remaining saturation is known as the scanning curve which
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represents capillary pressure hysteresis. The final trapping curve would look similar to
the example displayed in Figure 1.26 corresponding to the points from Figure 1.25.

Figure 1.25. A schematic scanning curve where the drainage capillary pressure ends at
different stages and yields at different corresponding Sw during waterflood-
ing, including different residual saturations at the end of the experiment.

Figure 1.26. A schematic capillary trapping curve of water-wet porous media where the
Snwr monotonically increases with an increase in Snwi.
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1.6. Previous Studies of Capillary Trapping in Water-Wet
Media

Several studies have discussed the trapping curve in water-wet media. Figure 1.27 shows
a selected literature survey of trapping curves of water-wet rocks while Table 1.2 shows
further details of these studies. In these cases the experiments were performed on clean
rock samples that were assumed to be water-wet: Fernø et al. 2010 and Graue et al. 1999
showed that this was the case by measuring an Amott water index of 1, while Tanino and
Blunt 2013 demonstrated strong spontaneous imbibition for the rocks they studied. The
main point is that all the studies show a monotonic increase between the non-wetting
phase residual saturation as a function of initial non-wetting phase saturation. In other
words, the studies show, the more saturation in will yield in more saturation trapped.
However, the data points do not collapse in one curve and vary, due to different rock
types, different fluid properties, and different experimental conditions.

In water-wet rocks, it is safe to say that the final residual saturation is reached in the
experiments after only a few pore volumes of water injection since trapping is principally
caused by snap-off with little oil production after water breakthrough. In addition, the
increasing trend between initial and residual saturations can be explained by simply
saying that snap-off will render more non-wetting phase immobile if there is more non-
wetting phase in the system.

In addition, we do not observe a different trend between the homogeneous sandstone
and the heterogeneous carbonate rocks. This indicates that the monotonic increasing
trend is a property of the water-wet rocks regardless of the complexity of the rock’s
pore structure. As more non-wetting phase is introduced into the rock, more is trapped.
Although, as we show in the next chapter, carbonates can show a very wide range of pore
size, this does not change the trend in trapping compared to sandstones. The generic
similarity of trapping for carbonates and sandstones for CO2 systems specifically has
also been observed in a recent literature review by Krevor et al. 2015.
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Figure 1.27. Literature database of the capillary trapping curve for water-wet porous
media.

Table 1.2. Futher information regarding the studies plotted in Figure 1.27 for water-wet
rocks.

Reference Rock/Type Fluids
Pentland et al. 2010 Stainton/Sandstone n-decane/brine
Pentland et al. 2010 Clashach/Sandstone n-decane/brine
Pentland et al. 2010 Berea/Sandstone n-decane/brine

Tanino and Blunt 2013 Indiana/Limestone n-decane/brine
Fernø et al. 2010 Chalk/Limestone n-decane/brine

El-Maghraby and Blunt 2013 Indiana/Limestone CO2/brine
Al Mansoori et al. 2009 Sandpack air/brine

Land 1971 Berea/Sandstone N2/oil
Pentland et al. 2010 Sandpack octane/brine

Akbarabadi and Piri 2013 Berea/Sandstone Gas CO2/brine
Akbarabadi and Piri 2013 Berea/Sandstone ScCO2/brine

Krevor et al. 2011 Mt. Simon/Sandstone ScCO2/water
Ma and Youngren 1994 Sandstone gas/water

Geffen et al. 1952 Sandstone gas/water
Crowell et al. 1966 sandstone gas/water
Skauge et al. 2006 Limestone n-decane/brine

Masalmeh 2002 Limestone (refined oil/n-decane)/brine
Graue et al. 1999 Bentheimer/Sandstone crude oil/brine
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1.7. Previous Studies of Capillary Trapping in
Altered-Wettability Media

The literature for cores whose wettability has been altered is more limited compared
to the water-wet survey. Figure 1.28 shows the trapping curve in altered-wettability
porous media and Table 1.3 shows further details of these studies. In this figure, we
do not see a distinct trend compared to water-wet rocks. This inconsistency in trend
can be attributed to the difficulty of reproducing these experiments; since ageing these
rocks to establish the wettability depends on the composition of the oil, the experimen-
tal conditions, and the rock type. Here we are mixing results from different–generally
unknown–rock types and wettabilities.

In general though we see less trapping than in water-wet media. This is because, at the
pore scale, the oil remains connected in layers for oil-wet and mixed-wet systems, Figure
1.18, and thus low residual saturations may be achieved if sufficient water is injected.
For intermediate-wet rocks, the amount of trapping is controlled by the degree of snap-
off: we expect less trapping but a monotonic trend with initial saturation. Furthermore,
in many altered wettability samples there is significant, yet slow, oil production after
breakthrough and the “residual” saturation reported may simply be the remaining value
at the end of the experiment, rather than a true residual.

Another important feature observed by Tanino and Blunt 2013 is a non-monotonic trend
of residual saturation with initial saturation. For water-wet media, where the degree of
trapping is controlled by snap-off, the more the pore space is initially filled with oil, the
more oil can be trapped. However, for oil-wet and mixed-wet media, with oil layers,
the amount of trapping is controlled by when these layers collapse. As we showed in
Figure 1.18, oil layers are more stable for higher initial oil saturation, which can result
in less trapping than for a lower initial oil saturation where the layers are thinner and
may collapse earlier in the displacement. We will return to this phenomenon later in the
thesis.
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Figure 1.28. Literature database of the capillary trapping curve for altered-wettability
porous media.

Table 1.3. Further information regarding the studies plotted in Figure 1.28 for altered-
wettability rocks.

Reference Rock/Type Ageing Fluid
Humphry et al. 2013 Berea/Sandstone Crude oil

Tanino and Blunt 2013 Indiana/Limestone Organic acid
Fernø et al. 2010 Chalk/Limestone Crude oil
Zhou et al. 2000 Berea/Sandstone Crude oil
Graue et al. 1999 Chalk/Limestone Crude oil

Masalmeh and Oedai 2000 Berea/Sandstone Crude oil
Salathiel 1973 Sandstone Crude oil

Buckley et al. 1996 Clashach/Sandstone Crude oil
Karabakal and Bagci 2004 Limestone Mineral oil

Johannesen and Graue 2007 Chalk/Limestone Crude oil
Nono et al. 2014 Richemont/Limestone Crude oil
Nono et al. 2014 Estaillades/Limestone Crude oil
Masalmeh 2000 Limestone Crude oil
Masalmeh 2002 Sandstone Crude oil

Skauge et al. 2006 Limestone Crude oil
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1.8. Aims and Objectives

Understanding wettability and its influence on capillary trapping is a key factor in es-
timating storage and recovery efficiencies. Studies on CCS and EOR have different
emphasis; for instance, in CCS we aim to drain the reservoir of its original fluid and
replace it with CO2 (primary drainage), while in EOR we try to maximise the gas/oil
recovery by waterflooding. However, in capillary trapping experiments both drainage
and imbibition (or waterflooding) need to be performed, and hence a better understand-
ing of both is required. In this thesis, we will mainly focus on capillary trapping in
altered wettability rocks and oil recovery as a function of the amount of water injected,
since it has not been studied extensively, especially, in carbonates due to their inherit
complexity.

In this thesis, we will also address the recovery of spontaneous imbibition and the
capillary trapping mechanism in water-wet systems with application to fractured car-
bonates.

Therefore, we will:

1. Develop an understanding of spontaneous imbibition of uniformly water-wet media
experimentally and compare it with the newly derived analytical solution for capillary
dominated flow. This is important to understand recovery in fractured reservoirs.

2. Discuss how to use spontaneous imbibition experiments, in combination with other,
more traditional measurements, to determine capillary pressure and relative permeabil-
ity.

3. Develop an understanding of the trapping curve based on different wettability states
by using (a) an organic acid and (b) a crude oil, as wettability alteration agents and
performing them in different experimental conditions.

4. Measure the amount of recovery as a function of the amount of water injected.

5. Interpret the results in terms of pore-scale displacement processes and to provide
guidelines for experimental measurements in complex carbonates.
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1.9. Thesis Outline

This thesis comprises of six chapters and appendices:
Chapter 1 has given an introduction of the topic with a brief literature review.
Chapter 2 consists of a detailed description of the rocks used in this thesis.
Chapter 3 presents experimental and analytical solution of spontaneous water imbibi-
tion in water-wet media.
Chapter 4 presents waterflooding experiments under water-wet and altered-wettability
systems by using an organic acid at ambient conditions and a crude oil at elevated tem-
peratures to alter the wettability of the rocks.
Chapter 5 comprises a final conclusion of the thesis and recommendations for future
work.
The Appendices contain detailed measurements and procedures of all the steps that
were not explained in detail in the previous chapters.
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2. Rock Properties

2.1. Introduction

In this chapter, we discuss in detail the three carbonate rocks we use in this thesis. We
characterise the rocks based on their mineral composition, porosity, and permeability.
In addition, we discuss the mercury injection capillary pressure and nuclear magnetic
resonance data. We also provide a pore-scale analysis based on micro-CT images of the
samples.

2.2. Rock Characterisation

We use three different types of carbonate rock in our study. I measured the porosity and
permeability of these rocks using different methods. Full details of the techniques used
and the results are provided in Appendix A.1 for porosity and Appendix A.3 for per-
meability. I also measured interfacial tensions, contact angles, viscosities and densities
of the fluids used in this thesis–again full details are provided in the Appendices. Table
2.1 shows the porosity and permeability range for each rock based on all measurements
on many samples of each rock type conducted in this thesis.

One reason for the choice of the rocks described below is that they have been used as
benchmarks for other experiments as part of the Qatar Carbonates and Carbon Storage
Research Centre (QCCSRC), Figure 2.1; as a result, we can make use of images acquired
at different resolution to interpret the nature of the pore space, as well as independent
measurements of mercury injection primary drainage capillary pressure (MICP) and
nuclear magnetic resonance (NMR).

Estaillades is a bioclastic limestone, which is almost entirely composed of calcite
(CaCO3) which forms 99% of the sample; the remaining 1% accounts for traces of
dolomite and silica. This rock comes from the Estaillade Formation, found in the Oppède
quarry, south of France [Watson, 1911]. Estaillades limestone has a pale white colour.
The grain size is medium to coarse. Estaillades limestone formation was deposited dur-
ing the Late Cretaceous, specifically, between 100-72 million years ago, corresponding to
the Cenomanian and Campanian ages. This type of limestone is thought to have been
deposited in near-surface terrestrial settings where significant carbonate accumulations
have been reported [Wright et al., 1995].

59



Ketton is an oolitic limestone which is composed of 99.1% calcite; the remaining
0.9% accounts for quartz. This rock comes from the Lincolnshire Formation, located in
Rutland, east Midlands, UK [Andrew et al., 2014, Muir-Wood and F.G.S., 1952]. The
Ketton limestone has a pale brown colour. The grain size is medium to coarse and
it is well sorted. Ketton limestone formation was deposited during the Mid Jurassic
between 176-167 million years ago, corresponding to the Toarcian and Bajocian ages.
The Lincolnshire Limestone Formation is the major carbonate formation of the Middle
Jurassic in the east Midlands. This formation exhibits a very complex internal stratig-
raphy and a wide range of carbonate textures. These are interpreted as represent a
landward migration of an offshore barrier bar complex (the upper Lincolnshire Lime-
stone) across a protected lagoon and back barrier (the middle and lower Lincolnshire
Limestone) [Ashton, 1980].

Portland is a skeletal-peloidal limestone composed of 96.6% calcite and 3.4% quartz.
This rock comes from the Portland quarry, UK. The Portland limestone has a pale grey
colour. The grain size is fine to very fine and the grains are well sorted. Portland lime-
stone formation was deposited during the Late Jurassic between 152-145 million years
ago, corresponding to the Kimmeridgian and Tithonian ages [Brenchley and Rawson,
2006].

The Brunauer-Emmett-Teller (BET) surface areas measured at Weatherford Labora-
tories at East Grinstead, UK are 0.602 m2/g, 2.185 m2/g, and 1.133 m2/g for Estail-
lades, Ketton, and Portland respectively: details of this method are provided elsewhere,
[Brunauer et al., 1938]. Ketton has the highest surface area since it has the largest
amount of small micro-porosity within the larger grains, while Estaillades has the lowest
surface area since it has the least micro-porosity. We will discuss this further in the
following sections.

Table 2.1. Porosity and permeability range of each rock used in this thesis.
Rock φ [%] k [×10−15m2]

Estaillades 26-28 120-390
Ketton 20-23 1007-3550

Portland 16-22 1.8-35
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(a) (b) (c)

(d) (e) (f)

(g) (h) (i)

(j) (k) (l)

Figure 2.1. Images of 38 mm × 76 mm cores of (a) Estaillades, (b) Ketton, and (c)
Portland cores. Slices (two-dimensional sections) of three-dimensional X-ray
microtomography scans of (d) Estaillades, (e) Ketton, and (f) Portland. The
white bar represents 1 mm. Thin section images of (g) Estaillades, (h) Ket-
ton, and (i) Portland of an angle of 180◦ at 2× magnification. SEM images
of (j) Estaillades, (k) Ketton, and (l) Portland at 1000× magnification. The
X-ray microtomography scans, thin section images, and SEM images are
obtained from the QCCSRC digital library.
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2.3. Mercury Injection Capillary Pressure

Figure 2.2 shows the measured MICP of the three rocks (Autopore IV 9520, Weatherford
Laboratories, East Grinstead, UK). We can see that Portland has the highest capillary
entry pressure (minimum value of P/2σ cos θ) of approximately 0.18 µm−1 and equivalent
rp, Equation 1.6, of 5.6 µm, while Estaillades has a lower capillary entry pressure of
approximately 0.029 µm−1 and equivalent rp of 35 µm. Ketton has the lowest capillary
entry pressure of approximately 0.017 µm−1 and equivalent rp of 59 µm.

Figure 2.3 shows the pore size distribution: we can see that both Estaillades and
Ketton have distinct bi-modal distributions with at least 50% of pore sizes greater than
0.5 µm. Portland has a uni-modal distribution with the majority of the pore sizes less
than 0.5 µm.

If we consider rp=0.5 µm as the cut off value between micro and macro-porosity, then
35%, 44%, and 81% of Estaillades, Ketton, and Portland respectively is micro-porosity.
Overall, Figure 2.3 shows that these limestone samples have a wide range of estimated
throat size: a range that is typically much larger than in sandstones, as discussed in the
previous chapter. Estaillades and Ketton show clear bi-model behaviour associated with
inter and intra-granular porosity, while Portland displays a very wide but uni-modal
distribution of throat size.

Figure 2.2. Measured capillary pressure (mercury/air) as a function of equivalent water
saturation.
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Figure 2.3. The pore size distribution against pore throat radius for the three carbonates.
The dashed line depicts rp= 0.5 µm.
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2.4. Nuclear Magnetic Resonance

We also characterise the rocks using the transverse relaxation time (T2) from NMR in
brine saturated cores (MHz Maran Utra NMR system, Weatherford Laboratories, East
Grinstead, UK).

The T2 relaxation time is obtained through controlled radio frequency perturbations of
a steady magnetic field that is applied to the brine-saturated samples. The perturbations
lead to decay (relaxation) in the transverse magnetization; this relaxation is assumed
to be proportional to the volume/surface ratio of a single pore/throat [Straley et al.,
1997, Westphal et al., 2005]. Therefore, we can achieve the pore size from the following
equation:

r = V/S = ρ2T2 (2.1)

where V/S is volume/surface ration [µm], ρ2 is a scaling constant specific to the rock
[µm/ms], and T2 is transverse relaxation time [ms]. This is an approximate relation,
assuming spherical pores. NMR detects the size of large pore spaces, while MICP detects
the restrictions, or throats.

Figure 2.4 shows the T2 weighted probability distribution function, T2f(T2) against T2.
Ketton shows a distinct bi-modal distribution, while both Estaillades and Portland show
a uni-modal distribution. However, Estaillades has a small peak at T2 less than 10 ms,
which is suggestive of a bi-modal distribution.

To find the pore size from NMR and compare it with the MICP, we need first to find
ρ2. We use a simple approach by plotting pore size distribution of both NMR and MICP
using a normalised frequency. We start by having an initial guess of ρ2 and varying it
until the peaks of the macro-pores coincide: see Figure 2.5 for instance. We do the same
for the other two rocks which will show later.

Figure 2.6 shows the pore size distribution obtained from NMR. The values of ρ2 used
are 0.02 µm/ms, 0.115 µm/ms, and 0.0044 µm/ms for Estaillades, Ketton, and Portland
respectively. If we assume again that rp= 0.5 µm is the cut-off micro-porosity value then
the equivalent T2 cut off will be 50 ms, 9 ms, and 230 ms for Estaillades, Ketton, and
Portland respectively.

From the T2 cut−off , we can measure the macro-and micro-porosity of the rocks. To
calculate the percentage of macro-porosity to total porosity, and micro-porosity to total
porosity we compute:

φmacro
φ

=
∫ ∞
T2 cut−off

f(T2)dT2 (2.2)

φmicro
φ

=
∫ T2 cut−off

0
f(T2)dT2 (2.3)
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The micro-porosity fraction based on the NMR data are 8%, 15%, and 77% for Es-
taillades, Ketton, and Portland respectively. The trend is consistent with the MICP
finding; however, the percentage of micro-porosity is less from NMR as the shape of
the distribution does not match the MICP distribution. NMR is less able to detect
micro-porosity as this causes very rapid relaxation which may not be recorded. The
discrepancy between the distributions is not surprising as neither directly measures the
size distribution in the rock: MICP emphasises the throats, while NMR records largely
the distribution of pore size.

Figure 2.4. T2f(T2) against T2 from NMR for all the three rocks used in this study.
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Figure 2.5. Example showing how to convert the T2 to pore size by adjusting the ρ2
parameter to fit the peak of macro pores in the MICP distribution.

Figure 2.6. Pore size distribution obtained from converting the T2 to pore size and plot-
ting it against frequency.
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2.5. Pore-Scale Modelling

Pore-scale modelling (PSM) is the prediction of flow and transport properties using three-
dimensional images of the pore space [Blunt et al., 2013]. We use pore-scale modelling
to predict permeability and pore size distribution of the rocks and compare them with
the experimental results. To predict the flow properties, we need to go through several
stages starting from imaging the rocks by the micro-CT scanner to image processing to
network extraction and finally to predict the single-phase properties by simulating fluid
flow.

2.5.1. Micro-CT Imaging

Tomographic datasets were obtained and analysed using the micro-CT facility built at
Australian National University (ANU) and housed at the newly established digital core
laboratory at Maersk Oil Research and Technology Centre, Qatar. The scans were con-
ducted on a 5 mm plugs of each rock with an image resolution of 2.9 µm. The plugs
were mounted in an anodized aluminium sample holder, of inner diameter of 5 mm.
The holder was scanned through the aluminium-filtered (3 mm) Bremsstrahlung from
the polychromatic X-ray source, operated at 80 kV and 110 mA settings. Radiographs
(2048×2048 pixel2) were captured by a flat panel detector. The scans were performed in
which 2520 projections were acquired over the helical pitch, at a source-camera distance
of 354 mm. Each of these tomograms took about 18 hours to acquire.

2.5.2. Image Processing

Each image was cropped to a cubic base case of 10003 voxels for all the three rocks using
ImageJ software. These are subsequently segmented to create discrete domains required
to compute single phase properties of the rock. The rocks were segmented according
to the variation of CT contrast between rock and pore space using multi-thresholding
based on Otsu’s algorithm [Otsu, 1975]. The images were segmented using a three
domain algorithm followed by a two domain Otsu classification using Gimp software,
Figure 2.7. Due to the high quality of the images applying mean filters and performing
ring removal, which may alter the predicted morphology of the rock, was unnecessary.
Figure 2.8 shows three dimensional images of the segmented images of each rock.
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(a) (b) (c)

(d) (e) (f)

(g) (h) (i)

Figure 2.7. Grey scale micro-CT image cross-section for (a) Estaillades, (b) Ketton, and
(c) Portland. Three phase multi-thresholding for (d) Estaillades, (e) Ketton,
and (f) Portland. Two phase images segmentation for (g) Estaillades, (h)
Ketton, and (i) Portland. All these images are 1000×1000 pixel2 which is
equivalent to an area of 8.41 mm2.
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(a) (b) (c)

Figure 2.8. Three-dimensional micro-CT images for (a) Estaillades, (b) Ketton, and (c)
Portland representing 10003 voxel which is equivalent to a volume of 24.4
mm3.

2.5.3. Network Properties

We use a maximal ball algorithm to extract topologically representative networks from
the images. The method finds the largest spheres that fit in the pore space are pores,
while chains of smaller spheres connecting them represent throats. Details of the method
are provided elsewhere, Dong and Blunt [2009].

Figure 2.9 shows the extracted topological networks from the 3D images. Table 2.2
shows the network properties of the rocks. We can see that Estaillades has the highest
number of pores and throats while Ketton has the lowest. From the 2D images we can
see that Estaillades is characterised with both large and small pores while Ketton has
only few big pores that can be captured by micro-CT imaging. Ketton has the largest
average pore and throat radii which might be expected due to its high permeability,
while Estaillades has the highest average coordination number. This can be explained
by the large number of small throats that contribute to the connectivity of the rock.

The computed pore and throat radii distribution from extracted networks are shown
in Figures 2.10 and 2.11 respectively. Note that we do not capture micro-porosity in
these images and hence cannot accommodate elements smaller than a few µm in size.
This explains the uni-modal distribution of these figures, unlike the MICP and NMR
distributions presented in Figures 2.3 and 2.6. We can also see that the distributions
peek close to their average values which explains the similarity between the two figures.
However, the distributions for all three rocks are similar and show a peak close to the
voxel resolution of the image with the possible exception of Ketton. This indicates that
the images do not adequately resolve the pore structure and that we cannot reply on
network modelling for quantitative predictions of flow properties in these cases.
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(a) (b) (c)

Figure 2.9. Three-dimensional pore and throat images (generated from the network ex-
traction code [Dong and Blunt, 2009] for (a) Estaillades, (b) Ketton, and (c)
Portland.
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Table 2.2. Network properties of the three rocks.
Rock Estaillades Ketton Portland

Number of Pores 157366 19827 140038
Number of Throats 393524 36362 260670

Average Pore Radius [µm] 5.2 8.0 5.1
Average Throat Radius [µm] 2.4 5.3 2.2

Coordination Number 5.0 3.7 3.7

Figure 2.10. Pore radius distribution from the extracted networks for the three different
rocks.
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Figure 2.11. Throat radius distribution from the extracted networks for the three differ-
ent rocks.

2.5.4. Single-Phase Properties

We calculate the porosity of the image by dividing the pore volume in the segmented
image to the total volume. The micro-CT images capture at least 54% of the porosity
measured directly on several rock samples using different methods. See Appendix A.1
for details of the measurements and Tables 2.1 and 2.3 for a summary of the results.

We also measure permeability for 20 samples of Estaillades, 15 samples of Ketton
and 19 samples of Portland limestone (see Appendix A.3). We observe a wide range of
values, reported in Table 2.3. However, for the measured MICP and NMR data, as well
as for the images, we only consider a single sample. While visual inspection of the rock
indicates that the generic pore structures should be similar for different samples of the
same rock type, it is evident that the details are different. In the remainder of the thesis
we will perform experiments on several samples of each rock type to quantify the range
of behaviour, both within a rock type and between rock types.

For the permeability prediction, we use the extracted networks to calculate the single-
phase permeability. The computation essentially treats the porous medium as a random
resistor network with semi-analytically computed permeabilities for each element Val-
vatne and Blunt [2004]. The predicted permeabilities show reasonable agreement with
the experimental values measured on larger core samples although only for Ketton, with
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flow clearly defined through the large pores, is our computed value in the measured
range. We underestimate the permeability of Estaillades and overestimate it for Port-
land, despite the wide range of experimental values, Table 2.3. This indicates that with
the resolution of the micro-CT scan we are not able to capture representative networks
of these structures.

Table 2.3. Summary of the predicted single phase properties, where φImage/φ is the ratio
of the image porosity to the range of the experimental values measured on
the large cores.

Rock φImage [%] φImage/φ [%] Predicted k [m2] Measured k [m2]
Estaillades 15.1 54-58 9.49×10−14 1.2-3.9×10−13

Ketton 14.9 62-71 2.19×10−12 1.0-3.6×10−12

Portland 13.2 57-70 4.66×10−14 1.8-35×10−15

2.6. Comparison of Pore Throat Size Distributions

We compare the pore size distribution derived from the three different methods used
in this chapter (MICP, NMR, and PSM) against normalised frequency for standard
comparison. Note that we use throat size from PSM in this comparison as MICP detects
throat size only and the NMR distribution is based on matching the MICP curve.

For Estaillades, Figure 2.12a, we can see a good match between all the three methods
in the macro-pores. However, NMR and PSM do not detect the micro-porosity.

For Ketton, Figure 2.12b, PSM underestimates the macro-pores and does not account
for the micro-pores compared to MICP. NMR has a good match with MICP for the
macro-pores and covers a narrower range in the micro-pores. MICP, on the other hand,
has the highest resolution, covering wider range of throat sizes.

For Portland, Figure 2.12c, PSM over-predicts the pore size in the macro-pores and
does not detect the micro-pores, while NMR and MICP coincide with a good agreement
with one another.

The conclusion of this section is that only MICP analysis gives a good indication of
the full range of the throat size distribution in micro-porous rocks. NMR often neglects
a large fraction of the micro-porosity, while PSM simply ignores any pores smaller than
the image resolution.
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Figure 2.12. Comparison in pore size distribution between MICP, NMR, and PSM for
(a) Estaillades, (b) Ketton, and (c) Portland.
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2.7. Conclusions

The MICP data and measured T2 distributions all demonstrate that the rocks have
significant micro-porosity (pores smaller than 0.5 µm). In Ketton we have large ooliths
that themselves are porous: around half of the porosity is composed of large intra-
granular pores, while the remainder is from the inter-granular pores.

Estaillades also has a bi-modal pore size distribution but with a more distributed range
of sizes, while Portland has no clear distribution between micro and macro-porosity,
showing pores ranging continually in sizes from 0.01-10 µm.

Since we do not capture micro-porosity using our micro-CT images, a more quantita-
tive analysis with PSM has little validity as we ignore a significant fraction of the pore
space; the proper incorporation of these effects is the subject of future work. Hence,
we will not use PSM to predict multi-phase properties–such as capillary pressure and
relative permeability which are affected by micro-porosity (as evident from the MICP
results).
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3. Spontaneous Imbibition

3.1. Introduction

In this chapter, we perform co-current spontaneous imbibition experiments using a highly
sensitive balance to measure the mass imbibed as a function of time for the three carbon-
ate rocks. We use cores measuring 37 mm in diameter and three lengths of approximately
76 mm, 204 mm, and 290 mm. We evaluate the recovery and the rate of imbibition and
we validate the derivation of the dimensionless time by Schmid and Geiger 2012. In
addition, we perform the same experiment again; however, we use a medical CT for
in-situ monitoring of the saturation movement inside the rock samples. In this experi-
ment, we use one core of each rock type, 38 mm in diameter and 78 mm in length. We
combine the two different experiments to validate the newly derived analytical solution
for spontaneous imbibition, SI, by Schmid et al. 2011.

3.2. Analytical Solution

Schmid et al. 2011 derived an analytical solution for SI, where displacement is controlled
entirely by capillary forces. We present the full derivation from the conservation equation
to the exact solution, using my own approach and nomenclature. I have also developed
my own way to solve the equations, described below.

The analytical solution makes the following assumptions:

1. Incompressible fluids.

2. That the traditional multi-phase Darcy law is applicable for this process.

3. Gravitational and imposed viscous forces are ignored.

4. We assume that at the inlet the capillary pressure is zero.

5. We will assume that the solutions are a function of the parameter ω = x/
√
t; this is

only valid at early time, before the imbibing water front has reached the far boundaries
of the sample.
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3.2.1. Equation Derivation

We start from the wetting phase conservation equation in one dimension for incompress-
ible fluids:

φ
∂Sw
∂t

+ ∂qw
∂x

= 0 (3.1)

From the multiphase Darcy’s law, the wetting phase Darcy velocity:

qw = −kkrw
µw

(
∂Pw
∂x
− ρwgx

)
(3.2)

and the same for the non-wetting phase Darcy velocity:

qnw = −kkrnw
µnw

(
∂Pnw
∂x

− ρnwgx
)

(3.3)

where Pc = Pnw − Pw is the capillary pressure and kr is the relative permeability. krnw,
krw, and Pc are functions of Sw. We define mobilities of the wetting phase and the
non-wetting as:

λw = krw
µw

(3.4)

λnw = krnw
µnw

(3.5)

λt = λw + λnw (3.6)

since qt = qw + qnw, is a constant in space for incompressible flow in one dimension, we
can rewrite qw as:

qw = λw
λt

{
qt + kλnw

(
∂Pc
∂x

+ (ρw − ρnw)gx
)}

(3.7)

We eliminate the gravitational forces assuming that they are either small at the experi-
mental (cm) scale or the displacement is horizontal. Then Equation 3.7 becomes:

qw = fw(Sw)qt + kλwλnw
λt

∂Pc
∂x

(3.8)

where fw is the Buckley-Leverett fractional flow which is equal to λw/λt.
For counter-current imbibition, we set the total velocity (qt) to zero which means that

no fluid is injected and the movement of the wetting phase is matched by the volume
of the non-wetting phase leaving the porous media (qnw = −qw), see Figure 1.15. Then
Equation 3.7 becomes:

qw = kλwλnw
λt

∂Pc
∂x

(3.9)

We subsitiute Equation 3.8 for co-current imbibition in the wetting phase conservation
equation, Equation 3.1, to become:

φ
∂Sw
∂t

+ ∂

∂x

(
kλwλnw
λt

∂Pc
∂x

)
+ qt

∂fw
∂x

= 0 (3.10)
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We also substitute Equation 3.9 for counter-current imbibition in the wetting phase
conservation equation, Equation 3.1, to become:

φ
dSw
dt

+ ∂

∂x

(
kλwλnw
λt

∂Pc
∂x

)
= 0 (3.11)

We can re-write Equations 3.10 and 3.11 as non-linear diffusion equations.
For co-current flow:

φ
∂Sw
∂t

= −qtf ′w(sw)∂sw
∂x

+ ∂

∂x

(
D(Sw)∂Sw

∂x

)
(3.12)

and for counter-current flow:

φ
∂Sw
∂t

= ∂

∂x

(
D(Sw)∂Sw

∂x

)
(3.13)

where D(Sw) is the non-linear diffusion coefficient:

D(Sw) = −kλwλnw
λt

∂Pc
∂Sw

(3.14)

In the traditional Buckley-Leverett analysis (ignoring capillary forces) we find that the
solution is a function of v=x/t only, where the dimensionless wavespeed is given by the
saturation derivative of the fractional flow (vD=dfw/dSw where v=qt/φ vD) [Buckley and
Leverett, 1942, Dake, 1983], see Figure 3.1. The times (t2 and t3) are stretched versions
of t1 such that x1/t1=x2/t2.

We propose an analogy here, but for capillary-controlled flow, which is diffusive: the
imbibing front moves a distance x that instead of scaling with t, as in the Buckley-
Leverett case, scales as

√
t [Garg et al., 1996, Handy, 1960, Babadagli and Ershaghi,

1992, Li and Horne, 2001, Olafuyi et al., 2007], see Figure 3.2. Hence, we will now
attempt to find a solution that can be written as a function of:

ω = x√
t

(3.15)

We will show that this assumption is valid for our experiments. However, some experi-
ments show a deviation from

√
t [Mason et al., 2010, 2012, Fernø et al., 2014]. Mason

et al. 2012 reported that for n-decane and brine counter-current flow, the imbibition
scales linearly with time when the flow and the associated resistance is not entirely re-
lated to one-dimensional flow in the core, as assumed here. The scaling we use is only
valid under the assumptions mentioned at the beginning of the section, and specifically
when the flow is entirely driven by capillary forces within the rock.
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Figure 3.1. Typical Buckley-Leverett profile of water saturation as a function of distance
for viscous dominated flow where gravity is ignored. The distance travelled
scales linearly with time.

Figure 3.2. Saturation profile for capillary dominated flow where the profile is equally
spaced in time but not in space. The distance travelled scales as the square
root of time.

Then from analogy with the Buckley-Leverett analysis, we state that for some capillary
fractional flow F (1 ≥ F ≥ 0) and constant C:

ω = 2C
φ
F ′(Sw) (3.16)

Hence
dω

dSw
= 2C

φ
F ′′(Sw) (3.17)
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The factor 2C/φ, where C is a constant is introduced to make F dimensionless. The
dimensions of C are length/

√
time or m.s−1/2. Then we define the following derivatives:

∂Sw
∂t

= ∂Sw
∂ω

∂ω

∂t
= −ω 1

2t
∂Sw
∂ω

(3.18)

∂Sw
∂x

= ∂Sw
∂ω

∂ω

∂x
= 1√

t

∂Sw
∂ω

(3.19)

With these derivations, we can rewrite Equation 3.10 as an ordinary differential equation
for co-current flow:

ω
∂Sw
dω

+ 2 ∂

∂ω

(
D(Sw)∂Sw

∂ω

)
− 2Cf ′w(Sw)∂Sw

∂ω
= 0 (3.20)

and rewrite Equation 3.11 for counter-current flow:

ω
∂Sw
∂ω

+ 2 ∂

∂ω

(
D(Sw)∂Sw

∂ω

)
= 0 (3.21)

Then we integrate once, for co-current flow:∫
(ω − f ′(Sw))dSw = −2D

φ

dSw
dω

(3.22)

and for counter-current flow: ∫
ωdSw = −2D

φ

dSw
dω

(3.23)

note that the integration constant is zero since we define F(Swir)=0 and also D(Swir)=0.
Then, we substitute F in Equation 3.16 and we obtain for co-current flow:

(F − f)F ′′ = − φ

2C2D (3.24)

for counter-current flow:
FF ′′ = − φ

2C2D (3.25)

Formally this is an analytic solution to the equations, since they define F and hence the
whole solution.

3.2.2. Solving the Equations

Schmid et al. 2011 presents a formal solution to Equation 3.24 as

F =
∫ ∫ −φ

2C2
D

(F − f)d
2Sw (3.26)

and similarly with f = 0 for counter-current flow.
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Equation 3.26 is implicit in F and so can only be solved iteratively. Schmid et al.
2011 do this by first assuming a functional form for F (F = Sw is the first guess), solving
Equation 3.26 and finding a new F (Sw), which is then placed in the integral again.

To evaluate F and the solution Sw(ω) we do require an iterative method. We in-
stead develop a simple approach to find the solution using a numerical method, using
backward-difference, Figure 3.3, giving:

Figure 3.3. Schematic of the backward difference approximation used to find solutions
for spontaneous imbibition.

F ′′(yi) ≈
F (yi−2)− 2F (yi−1) + F (yi)

∆y2 (3.27)

now, we substitute Equation 3.27 in Equation 3.24 for co-current flow:(
F (yi−2) + F (yi)− 2F (yi−1)

∆y2

)
(F (yi)− f(yi)) = − φ

2C2D(yi) (3.28)

similarly, we substitute Equation 3.27 in Equation 3.25 for counter-current flow:(
F (yi−2) + F (yi)− 2F (yi−1)

∆y2

)
F (yi) = − φ

2C2D(yi) (3.29)

Now, we multiply both sides by ∆y2, for co-current flow:

(F (yi) + F (yi−2)− 2F (yi−1)) (F (yi)− f(yi)) = − φ

2C2D(yi)∆y2 (3.30)

for counter-current flow:

(F (yi) + F (yi−2)− 2F (yi−1))F (yi) = − φ

2C2D(yi)∆y2 (3.31)

Let us assume that X = F (yi), then Equation 3.30 for co-current flow becomes:

X2 +(F (yi−2)−2F (yi−1)−f(yi))X−F (yi−2)f(yi)+2F (yi−1)f(yi)+ φ

2C2D(yi)∆y2 = 0
(3.32)

and for counter-current flow:

X2 + (F (yi−2)− 2F (yi−1))X + φ

2C2D(yi)∆y2 = 0 (3.33)

81



from the quadratic formula:
−b±

√
b2 − 4ac

2a (3.34)

Hence, the solution for X = F (yi) for co-current flow:

F (yi) =
(
F (yi−1)− 0.5F (yi−2) + 0.5f(yi)

)
+
√

0.25
(
F (yi−2)− 2F (yi−1)− f(yi)

)2

−
(
f(yi)(F (yi−2)− 2F (yi−1)) +

( φ

2C2

)
D(yi)∆y2

)
(3.35)

For counter-current flow:

F (yi) =
(
F (yi−1)− 0.5F (yi−2)

)
+

√(
F (yi−1)− 0.5F (yi−2)

)2
−
( φ

2C2

)
D(Sw)∆y2

(3.36)
Finally, we show the solutions as a function of water saturation (Sw) in equal increments
∆Sw, for co-current flow:

F (Sw) =
(
F (Sw −∆Sw))− 0.5F (Sw − 2∆Sw) + 0.5f(Sw)

)
+
√

0.25
(
F (Sw − 2∆Sw)− 2F (Sw −∆Sw))− f(Sw)

)2

−
(
f(Sw)(F (Sw − 2∆Sw)− 2F (Sw −∆Sw)) +

( φ

2C2

)
D(Sw)∆S2

w

) (3.37)

For counter-current flow:

F (Sw) =
(
F (Sw −∆Sw)− 0.5F (Sw − 2∆Sw)

)
+

√(
F (Sw −∆Sw)− 0.5F (Sw − 2∆Sw)

)2
−
( φ

2C2

)
D(Sw)∆S2

w,

(3.38)

These equations have been coded into a spreadsheet, where we guess the value of C in
an iterative process to satisfy the following conditions:

F (Swir) = 0 (3.39)

In addition the integrated saturation curve must equal to the total volume imbibed:

∫ Sw,max

Swir

x(Sw, t)dSw = qw(t)
φ

= 2C
√
t

φ
(3.40)

where we can re-arrange and approximate the integral to give:

Σn
i=1F

′(Sw, i)∆Sw ≈
qw(t)
φ

= φ

2C = 1 (3.41)

We start the process by guessing an initial value of C and we keep changing it until
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we satisfy Equation 3.39. This can be done easily by hand to determine C to 3 or 4
significant figures in few steps. For the construction of the analytical solution of co-
current and counter-current with an example, please refer to Appendix B.1.

Note that the analytical solution is only valid for the early time of imbibition, t∗, where
the flow is entirely governed by capillary forces in the absence of constraining boundaries
[Li and Horne, 2001, Suzanne et al., 2003, Olafuyi et al., 2007], Figure 3.4. The late
time is governed by boundary/diffusion where the water front reaches the boundary and
the recovery rate decays exponentially.

Figure 3.4. Schematic showing the early time of imbibition where the flow is entirely
governed by capillary forces and the analytical solution is valid. The late
time is governed by boundaries where the analytical solution is not valid.

3.2.3. Scaling Equation

There have been several attempts to scale spontaneous imbibition data from the core-
scale to the field-scale [Washburn, 1921, Mattax and Kyte, 1962, Ma et al., 1997, Tavassoli
et al., 2005, Li and Horne, 2006, Mason et al., 2012]. This is important to estimate the
recovery from naturally fractured reservoirs.

Schmid and Geiger 2012, 2013 also found the closed-form solution for the scaling of
early time spontaneous imbibition which has the same functional form for co-current
and counter-current spontaneous imbibition:

tD =
( 2C
φLc

)2
t (3.42)
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where

Lc =

√√√√ V

Σn
i=1

Ai
XAi

(3.43)

and Lc is the characteristic length, V is the bulk volume, Ai is the area perpendicular
to the ith direction, and XAi is the distance from Ai to the no-flow boundary [Ma
et al., 1997]. For one-dimensional linear flow Lc = L, the length of the system. The
dimensionless time can be further interpreted as:

qw(t) = 2C
√
t (3.44)

Hence, the dimensionless time becomes:

tD =
(
qw(t)
φLc

)2
(3.45)

These equations and their solutions will now be compared to experimental measurements.

3.3. Experimental Procedure

3.3.1. Fluids and Conditions

We conduct our experiments at ambient conditions of atmospheric pressure and room
temperature of 20±1◦C. We use air as the non-wetting phase and brine, with 5 wt. %
sodium chloride (NaCl) and 1 wt. % potassium chloride (KCl) mixed with deionised wa-
ter, as the wetting liquid phase. In addition, we equilibrate the brine with the carbonate
samples for 48 hours by mixing them using magnetic stirrer to eliminate any reaction
between the brine and the rock surface which might alter the rock morphology. Then,
we leave the brine for additional 48 hours to settle and finally we filter it, using a fine
filter paper, to remove the particles that might block the flow pathways of the rocks.

The density of brine is 1,040.8 kg/m3 measured using Anton Paar DMA 5000 M and
the viscosity is reported as 1.0085 mPa s [Lide, 2004]. The air/brine interfacial tension is
0.073 N/m measured using Ramé-Hart model 590 device and the air viscosity is reported
as 0.0018 mPa s [Tavassoli et al., 2005].

3.3.2. Mass Imbibition

Before we start the spontaneous imbibition experiment, we do our routine analysis by
taking the dimensions of the core, measuring the dry weight of the core, and measuring
the helium porosity. However, we use the mass balance technique to measure the porosity
for the 204.7 and 286.7 mm length cores, where we take the dry weight and compare it
to the fully saturated core with degassed brine post spontaneous imbibition experiment,
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since the helium porosimeter cell is too small to fit them–for further details on measuring
the porosity please refer to Appendix A.1.

We measure the permeability of the core using gas before starting the spontaneous
imbibition experiment, or brine after finishing the spontaneous imbibition experiment
where we use a Hassler type cell with cylindrical confining fluid. We use three different
cell lengths to fit our different core lengths.

To start our SI experiment, we apply heat shrink wrapping to confine the outer bound-
aries of the core and make sure that only co-current imbibition is applied. Then, we weigh
the core again with the heat shrink and after that we attach the core to a Mettler Toledo
XP5003S balance with 0.001 g accuracy and we lift the brine reservoir at the bottom of
the core surface to be in contact with the core, Figure 3.5. Before that moment we start
recording the weight changes over time as the balance is connected to the computer.
We have three recording settings; we record 10 points per second, 5 points per second,
and 2 points per second. We use the 10 points per second for Ketton, as it has the
highest permeability and the imbibition process is the quickest, 5 points per second for
Estaillades and 2 points per second for Portland.

After the imbibition process is finished, we weigh the core again and by that we can
measure the residual gas saturation (Sgr). We assume that since we run the experiments
at ambient conditions there is no compression of the gas after it is trapped. After that,
we vacuum saturate the cores for 24 hours to make sure that there is no air in the
system. Then we insert the core into the Hassler cell to measure the permeability where
we keep injecting degassed brine until we reach to the steady state–for further details
on measuring the absolute permeability please refer to Appendix A.3.

Finally, we take the core out and weigh it to measure the porosity using the mass
balance technique. For consistency, we replicate each experiment with a core from the
same block. Table 3.1, summarises the properties of the cores used in the mass imbibition
experiment.
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Figure 3.5. Schematic of the experimental apparatus for ambient conditions co-current
spontaneous imbibition, where the mass of brine imbibied into the rock is
measured as a function of time.
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Table 3.1. Summary of the petrophysical properties measured for the mass imbibed ex-
periments. E, K, and P denote Estaillades, Ketton, and Portland respectively.

Core Label D [mm] L [mm] φ [%] k [m2] Sgr

E1 37.8 76.3 28.0 1.34× 10−13 0.29
E2 37.8 76.3 27.8 3.53× 10−13 0.28
E3 37.9 204.0 27.5 1.19× 10−13 0.25
E4 37.9 204.0 27.5 1.55× 10−13 0.25
E5 37.9 292.0 28.2 3.94× 10−13 0.23
E6 37.9 293.0 28.0 3.28× 10−13 0.23
K1 37.8 76.0 23.4 1.62× 10−12 0.35
K2 37.8 76.3 20.5 1.37× 10−12 0.27
K3 38.1 205.0 23.2 1.88× 10−12 0.34
K4 38.0 205.0 21.7 1.99× 10−12 0.28
K5 38.0 280.0 22.7 2.23× 10−12 0.29
K6 38.0 293.0 22.5 2.54× 10−12 0.35
P1 37.8 76.3 16.1 1.01× 10−14 0.21
P2 37.9 76.3 19.6 1.37× 10−14 0.25
P3 38.3 205.0 19.8 1.52× 10−14 0.24
P4 38.0 205.0 20.0 6.51× 10−15 0.22
P5 38.0 280.0 19.5 1.82× 10−14 0.36
P6 38.0 282.0 19.0 3.50× 10−14 0.26

3.3.3. CT Imaging

We use one core of each rock type (37 mm × 76 mm) in this study, Table 3.2. We track
the movement of the saturation front inside the rock by using a medical X-ray scanning
instrument (HD-350E, Universal Systems). The purpose of the CT scanner is to identify
the saturation profile and scale it to

√
t to compare it with the analytical solution derived

by Schmid et al. 2011 for spontaneous imbibition. We measure the weight of the core
before and after we apply the heat shrink, when the core is completely dry. We apply
the heat the shrink on the boundary of the core to make sure that co-current flow is
applied.

We place the core vertically in the CT scanner domain and we set the scanner operating
parameters on a tube current of 225 mA and an energy level of radiation of 120 kV. After
setting the scanner, we take a dry scan of the core and keep it as a reference which we
will use to measure the saturation inside the core. Then we raise the brine reservoir
until it touches the bottom surface of the core. Then, we take multiple scans at different
times with one second acquisition time until the saturation front reaches the top of the
core. Finally, we take a final scan when the saturation front reaches the top of the core
and we use that as a reference scan. We measure the water saturation at each scan after
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the dry scan and before it is saturated with brine by using the following Equation:

Sw = CTobj − CTdry
CTbrine − CTdry

(3.46)

where Sw is the water saturation, CTobj is the CT value of the processed image, CTdry
is the CT value of the dry image, and CTbrine is the CT value of fully saturated rock.

Then, we process the images to obtain the saturation profile. Since we know the
length of the core, we divide it by the pixels in the y-direction and thus we get the
equivalent length of each pixel. Then, we take the average of the CT numbers in the
x-axis of each scan we want to measure and compare the dry and fully saturated scans
by using Equation 3.46. However, since the fully saturated scan still contains residual
saturation, we multiply the equation with the final water saturation from the mass-
balance calculation to obtain accurate saturation values. We can then measure the
saturation profile.

Table 3.2. Summary of the petrophysical properties measured for the CT scanning co-
current spontaneous imbibition experiment.

Core Label D [mm] L [mm] φ [%] k [m2] Sgr

E* 37.7 76.5 27.6 2.10× 10−13 0.28
K* 37.8 76.6 20.7 2.35× 10−12 0.28
P* 37.9 76.4 22.1 5.23× 10−15 0.29

3.4. Capillary Pressure and Relative Permeability

In the Buckley-Leverett analysis for viscous dominated flow only relative permeability is
needed to compute the analytical solution. However, for capillary dominated flow, rela-
tive permeability and imbibition capillary pressure are needed to compute the analytical
solution. In our theoretical analysis we will assume Corey or power-law expressions for
relative permeability and capillary pressure:

krw = krw,max

(
Sw − Swi

1− Swr − Sgr

)n
(3.47)

where krw is the water relative permeability, krw,max is the maximum water relative
permeability, Sw is the water saturation, Swi is the initial water saturation, Sgr is the
residual gas saturation, and n is the Corey water exponent.

krg = krg,max

(
1− Sw − Swi
1− Swr − Sgr

)m
(3.48)
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where krg is the gas relative permeability, krg,max is the maximum gas relative perme-
ability, Sw is the water saturation, Swi is the initial water saturation, Sgr is the residual
gas saturation, and m is the Corey gas exponent.

Pc = Pc,entry

(
Sw − Swi

1− Swi − Sgr

)α
(3.49)

where Pc is the capillary pressure, Pc,entry is the entry capillary pressure, Sw is the water
saturation, Swi is the initial water saturation, Sgr is the residual gas saturation, and α

is the capillary pressure exponent.

Then, we adjust the following parameters: krw,max, n, kro,max, m, Pc,entry, α so that
the experimental results and analytical predictions match. However, this is not a unique
determination of multiphase flow parameters since we have three functions–two relative
permeabilities and a capillary pressure–to match one measured profile Sw(ω). We will
explore this further in the discussion section.

We use these simplified power-law forms for the relative permeability simply for illus-
trative purposes and do not claim or imply that these are necessarily valid for complex
carbonate samples. However, the use of power-law fitting to carbonate relative perme-
ability has been applied successfully by Ott et al. 2014, while other experimental field
data can be reasonably captured by these functional forms (see, for instance, Hafez et al.
2013).

3.5. Results and Discussion

3.5.1. Measurements of Mass Imbibed

Figure 3.6 shows the mass imbibed as a function of time of the various lengths of each
rock. We can see that the rate of mass of water imbibed is a function of the permeability
of the rocks, with faster rates for higher permeability rocks. The early imbibition shows
a rapid increase of brine flow rate which then decays at late time.

To find the value of C, which is a parameter that quantifies the rock’s ability to imbibe,
we study the imbibition data, Figure 3.6. We process this figure further by taking

√
t

instead of t, Figure 3.7, on the x-axis. We divide the mass imbibed after converting it
to a volume (by dividing by the density of brine) by the area of the core open to water
flow and by taking the slope we obtain the parameter 2C [m/

√
s]. We divide by 2 to

obtain the value of C from Equation 3.44, Figure 3.8.

We see a sudden jump in the mass imbibed at the beginning for the experiment that
affects high permeability rocks more. This is cause by a meniscus jump when the core
is first put in contact with the brine [Labajos-Broncano al., 2001, Washburn, 1921]. We
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take the slope after this jump to find C–see Figure 3.8. At late time, when the water
reaches the end of the core, again we can see a deviation from

√
t scaling–this is ignored

in our calculation of C. We can see that the constant C is roughly constant regardless
of the length of the core, Figure 3.9. The error bars in this plot indicate the uncertainty
from ignoring the meniscus jump region: they show the range of different slopes possible
from the results.

We plot the results by using the dimensionless time, Equation 3.42, in Figure 3.10.
In this case, for co-current spontaneous imbibition, the characteristic length is the same
as the actual length of the core as the flow is one-dimensional. The recovery in this
figure is the normalised recovery which is the actual recovery divided by the ultimate
recovery of the rock. We can see that Ketton does not scale uniformly with time due
to the severity of the meniscus jump in this high permeability rock while Portland does
not scale uniformly at late time. However, for Estaillades the scaling works well and all
the results fall, roughly, onto one universal curve.

The insensitivity of the results to core length implies that gravitational forces are
negligible in these experiments. The gravitational pressure drop across the core is at most
∆ρgL where ∆ρ is the density contrast. This is at most 2,985 Pa for the largest cores.
For comparison the air entry capillary pressure derived from the MICP measurements
is 5,515 Pa, 3,447 Pa, and 33,784 Pa for Estaillades, Ketton, and Portland respectively:
in all cases the capillary pressure is larger than the gravitational pressure difference.

The higher permeability rocks imbibe faster. For a given driving force, from Darcy’s
law, the flow rate is proportional to permeability k. However, here the driving force
is capillary pressure, which using the Leverett J-function Equation 1.5, scales as 1/

√
k.

The end result is an imbibition rate that theoretically scales as
√
k. We will test this

scaling later in this chapter.
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Figure 3.6. Mass imbibed as a function of time for an air/brine system at ambient con-
ditions of varying lengths for (a) Estaillades, (b) Ketton, and (c) Portland.
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Figure 3.7. Mass imbibed as a function of the square root of time for an air/brine system
at ambient conditions of varying lengths for (a) Estaillades, (b) Ketton, and
(c) Portland.
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Figure 3.8. The final step in the analysis is dividing the volume by the area and taking
the slope. Noting that the slope is equivalent to 2C from Equation 3.44
where we need to divide the slope by 2. The black lines are the slopes for
each rock after the meniscus jump. Here the results for the shortest cores
cores E1, K1, and P1 are shown; the sharp rise at the earliest time is a
meniscus jump which is ignored in the analysis as well as the late time.

Figure 3.9. The C values from the mass imbibition data for all the rocks in Table 3.1/Fig-
ure 3.6.

93



Figure 3.10. Re-processing Figure 3.6 to a dimensionless form by using the Schmid and
Geiger 2012 expression, Equation 3.42, and using the experimental values
of φ and L from Table 3.1 and the values of C from Figure 3.9 for (a)
Estaillades, (b) Ketton, and (c) Portland. We normalise the y-axis by
dividing the recovery by the ultimate recovery (R/R∞) to have a standard
comparison between all the rocks.
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3.5.2. CT Imaging Experiments and Comparison with Analytical
Solutions

Figure 3.11 shows images of the CT saturation profile of each rock at different times.
We can see that Estaillades has a hemi-spherical outwards front, Portland has a hemi-
spherical inwards front that merged to form a piston-like front at later times, while
Ketton has a piston-like displacement throughout the entire imbibition time. This might
be because Ketton is less heterogeneous than the other rocks or an injection configuration
artefact or an experimental artefact since heat shrink wrapping are not perfect sealers
to isolate the boundaries.

Figure 3.12 shows the slice averaged saturation profile of each rock at different times
as a function of distance. The selected times cover wide range of the water distance
travelled for Estaillades and Ketton. However, for Portland, the times selected are after
the water front merged into a piston-like. We can see the shape is different than the
profile for viscous dominated flow (Buckley-Leverett). Figure 3.13 shows the same profile
in a normalised length. To further investigate this, we divide the saturation profile by
√
t (ω), Figure 3.14. We can see that all the curves collapse approximately into one

universal curve as a function of ω. Then, we compare the water saturation as a function
of ω of each rock experimentally as well as analytically by using the relative permeability
and capillary pressure from the matched data, Figure 3.15.

The relative permeability and capillary pressure was tuned to match the experimental
results by varying the Corey and capillary pressure exponents by hand. By varying the
Corey parameters we found that the water relative permeability and capillary pressure
have the most impact on the analytical solution, while the air relative permeability had
little impact on the results. This makes physical sense as the air has a low viscosity
and is easily displaced–the movement of the water front is essentially entirely controlled
by the water relative permeability (the ability to flow) and the capillary pressure (the
driving force). Table 3.3 shows the input parameters used to construct the analytical
solution that matches the data.

Our best match is when the krw exponent ≥ 8. Since the core is initially dry, the
water relative permeability is low, as water will first preferentially fill the largely im-
mobile micro-porosity, giving a large change in saturation but little increase in relative
permeability, indicative of a high Corey exponent. The relative permeabilities and cap-
illary pressures used for the matching are shown in Figures 3.16 and 3.17 respectively.
The water saturation will have to increase to a large value in order to gain conductiv-
ity through the macro-porosity [Fernø et al., 2013]. As we show in the next chapter,
this process also leads to lower values of Sgr, Table 3.1, than the residual non-wetting
phase saturations in water-wet systems with high initial non-wetting phase saturations.
If the rock is initially dry, piston-like advance is favoured over snap-off due to the lack
of connected water layers, leading to less trapping. Once the water layers are connected,
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snap-off will be favoured and can trap the remaining gas in the rock. The presence of
initial water saturation provides better conductivity and thus faster water fronts with
smaller Corey exponents [Zhou et al., 2000, Li et al., 2002].

Several studies have estimated relative permeability and capillary pressure from spon-
taneous imbibition measurements [Haugen et al., 2014, Li and Horne, 2005]. In this
study, we show that we can estimate the relative permeability and capillary pressure from
matching the analytical solution with the experimental data. The solution is not unique
since we have only one measured function and three saturation-dependent properties–
two relative permeabilities and the imbibition capillary pressure. However, these ex-
periments could be used in conjunction with traditional coreflooding to determine all
three functions together. For instance, if we had measured the two relative permeability
functions, we should be able to find - uniquely - the capillary pressure that gave the
measured imbibition profile. Moreover, by using conventional measurements of relative
permeability (steady-state or using Buckley-Leverett theory in an unsteady-state exper-
iment) and the spontaneous imbibition saturation profile, we can measure the imbibition
capillary pressure. We could also determine the imbibition relative permeability from
a measured capillary pressure and the spontaneous imbibition saturation profile. This
is, however, a topic for future work, as we have not independently measured multiphase
flow properties for these samples. As it stands, we can match the data but the func-
tions used are not uniquely determined. Furthermore, this approach is only possible if we
see
√
t scaling of the imbibition front: a different method is needed if this is not the case.
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Figure 3.11. CT cross section of air/brine spontaneous imbibition at different time in-
tervals for (top) Estaillades, (middle) Ketton, and (bottom) Portland lime-
stone rocks.
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Figure 3.12. Saturation profiles obtained from the CT acquisition as function of distance
for (a) Estaillades, (b) Ketton, and (c) Portland.

98



Figure 3.13. Saturation profiles obtained from the CT acquisition as function of nor-
malised length for (a) Estaillades, (b) Ketton, and (c) Portland.
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Figure 3.14. The water saturation as a function of ω(x/
√
t) after re-processing Figure

3.12 for (a) Estaillades, (b) Ketton, and (c) Portland.
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Figure 3.15. The water saturation as a function of ω(x/
√
t) for the three rocks comparing

the experimental results with analytical solutions.
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Figure 3.16. Relative permeabilities used to match the analytical solution with the ex-
perimental data in Figure 3.15 for (a) Estaillades, (b) Ketton, and (c)
Portland.
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Figure 3.17. Capillary pressures used to match the analytical solution with the experi-
mental data in Figure 3.15 for the three rocks.

Table 3.3. Input parameters used for the construction of the analytical solution to match
the experimental data.

Input Parameter Estaillades Ketton Portland
Swi 0 0 0
Sgr 0.28 0.28 0.29
n 10 10 8

krw,max 0.05 0.05 0.21
m 1.5 1.5 1.5

krg,max 0.8 0.8 0.8
Pc, entry [Pa] 110000 35000 150000

α -1.5 -1.3 -1.3
Maximum Pc [Pa] 400000 400000 400000

µw [Pa. s] 0.001 0.001 0.001
µg [Pa. s] 0.000018 0.000018 0.000018

k [× 10−13 m2] 2.1 23.5 0.0052
φ 0.276 0.207 0.221

3.5.3. Comparison of Mass Measurements and Saturation Imaging

We compare the volume imbibed from the mass imbibition experiments and the CT
experiments, Figure 3.18. For this comparison, we use mass imbibition data for all the
rocks, Figure 3.6. However, we select the end of early time of the shortest plug for
each rock, then we truncate all the data higher than that time for all the lengths to
achieve standard comparison. Due to the existence of dead volumes in the CT imaging
experiment, an integrated volume of the water imbibed is not possible. Therefore, we
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use the C value to calculate the volume imbibed as:

V = 2CA
√
t (3.50)

where V is the volume imbibed [m3], C is a parameter that quantifies the rock’s ability
to imbibe [m/

√
s], A is the area open to water flow [m2], and

√
t is the square root of

time [
√
s].

The calculation of the volumes imbibed are based on the C values from the analytical
solution: 1.1 × 10−4 m/

√
s, 2.1 × 10−4 m/

√
s, and 4.75 × 10−5 m/

√
s for Estaillades,

Ketton, and Portland respectively.

The mass imbibition and the CT experiments do not show agreement with Estaillades
and Portland, where the imbibition rate is faster in the CT scanning experiment for
Portland and shorter for Estaillades. Although the mass imbibition and CT experiments
overlap, the C value in the CT experiments is much higher than the mass imbibition ex-
periments. While it is simple to measure the mass imbibed, the CT imaging experiment
is more reliable, less susceptible to early-time artefact and provides additional valuable
information on the shape of the imbibition profile. As a result, this is the recommended
technique for the analysis of SI.

From the definition of the Leverett J-function, Equation 1.5, and the non-linear cap-
illary dispersion, Equation 3.14, we expect the the rate at which the mass is imbibed,
indicated by the fitted parameter C, to scale as the square root of permeability,

√
k as

discussed previously. Figure 3.19 shows the C plotted as a function of
√
k for the three

rocks. Within each rock type, for samples with different permeability, we see an increas-
ing trend in the CT experiments while the trend flattens out at higher permeabilities for
the mass imbibition experiments. This indicates that mass imbibition experiments are
unreliable and incompatible with the CT measurements because of the meniscus jump
and hence we recommend CT with in-situ monitoring as a way forward.
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Figure 3.18. Volume imbibed as a function of time from the mass imbibition experiments
Figure 3.6 and calculation of the volume imbibed based on the C values from
the analytical solution for (a) Estaillades, (b) Ketton, and (c) Portland.
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Figure 3.19. Relationship between C, giving the rate of imbibition, and the square root
of permeability

√
k for all our experiments.

3.5.4. Analytical Comparison of Co- and Counter-Current Imbibition

We are dealing with an air/brine fluid pair, with a very large viscosity ratio (µw/µg
≈ 560). The difference between the co-current and counter-current analytical solution
Equations 3.24 and 3.25 respectively, is the inclusion of the Buckley-Leverett fractional
flow. In our system this term will be close to 0 since we have a very high viscosity
ratio. Figure 3.20 shows the Buckley-Leverett fractional flow along with the co-current
and counter-current fractional flows based on the matched relative permeability and
capillary pressure Figures 3.16 and 3.17 respectively. We can see that the Buckley-
Leverett fractional flow is close to 0 while the co-current and counter-current fractional
flows are close to each other. Figure 3.21 shows the ω as a function of water saturation
for both co-current and counter-current for the three rocks. The front for the co-current
case is only slightly faster than the counter-current case indicting that the behaviour of
co-current and counter-current showed be the same when dealing with air/brine fluid
pair. This difference is something that could be tested experimentally in future work,
ideally with fluids of more similar viscosity, such as oil and water.
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Figure 3.20. Buckley-Leverett, co-current, and counter-current fractional flows for (a)
Estaillades, (b) Ketton, and (c) Portland, based on the matched relative
permeability and capillary pressure data.
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Figure 3.21. ω as a function of water saturation comparing the behaviour of co-current
and counter-current flow based on the matched relative permeabilities and
capillary pressures of the three rocks.

3.6. Conclusions

We have used the analytical solution for spontaneous imbibition derived by Schmid et al.
2011 and their derivation for the closed-form dimensionless time, Schmid and Geiger
2012, to compare to direct experimental measurements and have shown its current ap-
plications and discussed its potential future applications. We have shown how to obtain
the constant C, which determines the imbibition rate, from a simple mass imbibition
experiment which can be used to scale laboratory experiments to the field scale, and is
also an important input parameter in the analytical solution. We show that regardless
of the length of the core, the measured value of C appears to be constant.

CT spontaneous imbibition experiments can give us the saturation profile along the
core’s length which is comparable to the saturation profile shape derived by Schmid and
Geiger 2012 for capillary dominated flow. At early time, before the imbibing water front
reaches the end of the core, saturation profile is a function only of the distance divided
by the square-root of time. This form is a function of imbibition relative permeabilities
and capillary pressure. If we measure two of these three functions of saturation in the lab
then we could find the other function by matching to the analytical solution, providing
a robust determination of multiphase flow properties.

Future work could extend this preliminary study to mixed-wet systems, and, as men-
tioned above, to complement and constrain traditional core analysis measurements of
relative permeability and capillary pressure.
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4. Capillary Trapping and Oil Recovery

4.1. Introduction

We perform waterflood experiments at ambient conditions and elevated temperatures
on the three carbonate rocks at water-wet and altered-wettability conditions. The rocks
are 38 mm in diameter and 76 mm in length. We use 1.5 wt.% of cyclohexanepentanoic
acid in n-decane to alter the wettability into a more oil-wet state. This organic acid is
reported in the literature to be a fast way to alter the wettability of calcite into more
oil-wet state at ambient conditions and it is commercially available [Wu et al., 2008].

We use both the porous plate technique and the USS method to establish different
initial oil saturations. We waterflood subsequently to find the residual oil saturation.

For the experiments conducted at elevated temperatures, we use a crude oil with a
high asphaltenic content and high viscosity. We age at a temperature of 70◦C to alter
the wettability and establish the initial oil saturation. Again, we use the porous plate
and USS methods to establish a wide range of initial oil saturations before waterflooding.

4.2. Experimental Procedure

4.2.1. Ambient Condition Waterflooding

Core and Brine Preparation

• Measure the dimensions and the mass of the dry core.
• Prepare brine of 5 wt.% NaCl and 1 wt. % KCl with a molality of 1.05 mol.kg−1.
• Add smaller samples of the carbonate rock to the mixing of the brine to establish

chemical equilibrium between the brine and rock and eliminate any further reaction
with the rock.
• Mix the brine for 48 hours and leave it to equilibrate for 4 days as discussed in

Chapter 3.
• After that, filter the brine using very fine filter papers.
• After preparing both the core and brine, insert the core into a Hassler cell and

vacuum for 12 hours.
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• In parallel, insert the brine into a vacuum chamber and vacuum for 3-5 hours
and vacuum saturate the intended porous plate. This step saves time while satu-
rating the core with brine (primary brine saturation) as the porous plate is very
impermeable.

Figure 4.1 shows the experimental apparatus for the ambient conditions experiment.

Figure 4.1. Schematic of the ambient conditions coreflood apparatus.

Water-wet Scenario

Brine Saturation

• Inject several pore volumes, PV, of degassed brine into the core at an average flow
rate of 2 ml/min, using a Teledyne pump, ISCO 1000D or 500D, until no changes
in the differential pressure readings due to any air being dissolved in brine are
observed.
• Decrease the pore pressure slowly to atmospheric pressure and then decrease the

confining pressure to atmospheric pressure as well.
• Extract the core and weigh it in a beaker filled with degassed brine using a balance

with 0.001 g accuracy.
• Insert the core back into the Hassler cell and also insert the brine saturated porous

plate in the downstream part of the core.
• To ensure a continuous flow between the core and the porous plate, insert a filter

paper between them that will block any disintegrated particle from the core to
enter the porous plate and hence block it.
• Inject 5 PV of degassed brine to make a continuous brine phase and also to dissolve

any air that might have entered the core while extracting the core before.
• The injection scheme should be at a constant differential pressure mode and set
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the pressure to be slightly lower than the porous plate’s differential pressure. Since
there are three different types of porous plates (1, 5, and 15 Bar; 1 Bar ≈ 105 Pa),
set the pressures accordingly.
• All the experiments can be performed with the 15 Bar porous plate; however, it

will take a longer period of time to displace the brine through it as it is the least
permeable but can sustain higher pressures. The other two porous plates are more
permeable but they cannot sustain more than their intended pressures or they will
let air through. For example, using a 5 Bar porous plate for a 4 Bar differential
pressure will take less time to reach equilibrium than using a 15 Bar porous plate.
• After fully injecting the 5 PV, seal the core holder to start primary drainage.

Primary Drainage

• Inject n-decane (non-wetting phase, Sigma Aldrich, purity ≥ 99%) at a constant
pressure from the upstream end. The porous plate will retain the n-decane and
maintain a fixed brine pressure downstream. The difference between the upstream
and the downstream pressures is the capillary pressure. The selection of the cap-
illary pressure depends on the mercury capillary pressure data, Figure 2.2. In
brief, select capillary pressures in the transition zone to give different initial oil
saturations inside the core.
• Keep track of the differential pressure from the pressure transducers upstream and

downstream, as well as the volume of n-decane injected from the pump and the
amount of water produced.
• The drainage process ends when there is no further decrease in the volume of

n-decane inside the pump is observed and no change in the volume of the brine
effluent is detected. Normally, the drainage process takes from 3 days up to 20
days depending on the permeability of the rock and the capillary pressure selected.
Higher permeability rocks take less time to reach capillary equilibrium since it is
faster for the non-wetting phase to access the rock. Furthermore, low capillary
pressures take less time to reach to capillary equilibrium as they access the larger,
more permeable, portions of the rock.
• In order to drain the core with the USS method, follow the same procedure as

before but do not insert the porous plate and instead inject the n-decane at a
constant flow rate for several PVs until the differential pressure across the core
becomes constant.

Spontaneous Water Imbibition

• Then, take the core out; however, first reduce the pore pressure and then the
confining pressure to atmospheric pressure.
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• Remove the core and weigh it and then insert it into an Amott cell, Figure 1.8
[Amott, 1959].
• Fill the base part of the Amott cell by one third of degassed brine.
• Seal the Amott cell and open the top part and keep injecting degassed brine until

the volume reaches the full minus 1-2 ml.
• Monitor the spontaneous water imbibition until no further n-decane is produced

at the top of the cell.
• Take the core out and weigh it and re-insert it back in the core holder for water-

flooding.

Waterflooding (Forced Water Injection)

• Apply confining pressure and inject 5-10 PV of degassed brine until the residual
oil saturation is reached. More precisely, this is the oil saturation remaining at the
end of injection and may not be the true residual, reached after an infinite amount
of waterflooding in systems with an altered wettability. This subtlety is discussed
later. The injected flow rate is 0.1 ml/min which represents a capillary number of
3.0×10−8, which is in the capillary-controlled regime [Chatzis and Morrow, 1984].
• Monitor the amount of n-decane produced after finishing the experiment to find

the residual saturation. For more information on how to measure the initial and
residual saturations, please refer to Appendix A.4.

Altered-Wettability Scenario

To alter the wettability of the rock at ambient conditions, we add 1.5 wt. % of cyclo-
hexanepentanoic acid (Sigma Aldrich, purity = 98%) in n-decane which we refer to as
fluid A. The procedure for the altered-wettability coreflooding experiments is exactly
the same as the water-wet experiments discussed above; however, the only differences
are that instead of injecting pure n-decane, we inject fluid A, place the altered core in
the Amott cell for a duration of 30 days or more, and waterflood the core with 10 PV
of brine.

We assume that this is sufficient to reach the residual oil saturation. We hypothesize
that only those surfaces contacted by the initial oil saturation have an altered wettabil-
ity. We are simply measuring the remaining oil saturation after this amount of water
injection. In any event, this is much more water than injected overall in any field-scale
waterflood.

The selected drainage capillary pressure ranges from 30-1200 kPa for all the rocks to
cover a range of initial oil saturations.

We also notice that the addition of 1.5 wt. % of cyclohexanepentanoic acid in n-decane
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to alter the wettability artificially without crude oil sometimes ages the porous plate to
oil-wet conditions allowing oil production from the downstream end. These experiments
are excluded in this study.

The waterflood starts at 0.1 ml/min for the first 2 PV and then we increase the flow
rate gradually to reach 30 ml/min for Estaillades and Ketton. However, for Portland we
inject up to a rate of 0.35 ml/min since it has a very low permeability and increasing
the flow rate will build up the pressure too high to be able to confine the fluids easily.
We keep increasing the flow rate because Masalmeh 2012 indicated that injecting many
PVs at low rate does not lead to better estimation of Sor for oil-wet or mixed-wet
rocks; the only way to get to Sor is to increase the rate to overcome the capillary end
effect. This is consistent with studies employing a constant flow rate, where 10 PV is
insufficient to reach the residual oil saturation in altered-wettability rocks [Salathiel,
1973, Jadhunandan and Morrow, 1995, Tanino and Blunt, 2013].

The fluid properties used in this study are shown in Table 4.1. We measure the n-
decane/brine and Fluid A/brine interfacial tensions and the intrinsic contact angles on
smooth calcite surfaces by using Ramé-Hart model 590 device; for the detailed procedure
for measuring these properties please refer to Appendix A.5 and A. 6 for interfacial
tension and contact angle respectively. It is worth mentioning that we submerge the
calcite crystals in Fluid A to alter the surface wettability of the calcite and then we
measure the contact angle. In addition, we measure the density and viscosity of the fluids
at 20◦C using Anton Paar DMA5000 M and Rheotek U-tube viscometer respectively.
Also, we calculate the total acid number (TAN) in Fluid A, which is a measurement of
acidity that is determined by the amount of potassium hydroxide in milligrams that is
needed to neutralise the acids in one gram of oil [Jingyan et al., 2012, Buckley and Fan,
2007]. Buckley 2001 indicated that calcite surfaces highly adsorb organic acids, while
quartz surfaces adsorb organic bases, which might explain the reason behind the strong
wettability alteration.

Table 4.1. Properties of the oil phase fluids used in this study at ambient conditions.
Fluid ρ µ TAN σ θI

[kg/m3] [mPa s] [mg KOH/g oil] [mN/m] [◦]
n-decane 728.8±0.02 0.92 - 53.8±0.1 37.9±2

A 731.5±0.02 0.91 4.57 19.8±0.3 130±3

4.2.2. High Temperature Waterflooding

Core and Fluid Preparation

• Vacuum the core for 12 hours while the oven which contains the cell heats to 70◦C,
Figure 4.2.
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• Prepare the brine of 5 wt.% NaCl and 1 wt.% KCl with a molality of 1.05 mol.kg−1

and mix it with smaller pieces of each rock. This mixing happens at 70◦C; smaller
amounts of CaCO3 and Magnesium carbonate (MgCO3) have been shown to dis-
solve at higher temperatures [El-Maghraby et al., 2012].
• Vacuum the brine for 12 hours in a vacuum oven at 70◦C. The density of brine at

70◦C is reported as 1,018 kg/m3 [Al Ghafri et al., 2012].
• Vacuum saturate both the core and the porous plate inside the vacuum oven for

12 hours and then weigh the core before inserting it into the Hassler cell.
• Inject 5 PV of heated brine into the core to dissolve any air that might have entered

the core. All the pumps are heated to 70◦C using a water bath and heating jackets
and the tubes connected to the cell from outside the oven are covered with heating
insulation, Figure 4.2.
• Fill the pump with crude oil and leave it for 6 hours before starting the injection

in order for the crude oil properties to settle at 70◦C.

Table 4.2 shows the the composition of the crude oil and Table 4.3 shows the properties
of the crude oil and n-decane at 70◦C; these measurements were provided by Shell
Rijswijk, Netherlands, along with the crude oil.

Figure 4.2. Schematic of the elevated temperatures coreflood experiment.
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Table 4.2. Composition and properties of the crude oil used in this study.
TBN TAN API◦ SARA Analysis [wt%]

[mg KOH/g oil] [mg KOH/g oil] [API] Saturates Aromatics Resins Asphaltenes
2.02 0.35 27.8 31.57 50.69 14.29 3.46

Table 4.3. Fluid properties of the n-decane and the crude oil used in this study at 70◦C.
Fluid ρ [kg/m3] µ [mPa s] σ [mN/m] θI [◦] θA [◦] θR [◦]

n-decane 691a 0.49a 40.0a - - -
crude oil 856 6.51 27.2b 100b 81b 109b

aFor µ and ρ of n-decane and σ measured with n-decane/synthetic brine (consisting of 10000
mg/L NaCl, 70 mg/L MgCl2.6H2O, and 200 mg/L CaCl2.2H2O) fluid pair, all these measure-
ments were performed at 70◦C [Humphry et al., 2013].
bMeasured on a smooth surface with the same same crude oil and with brine of 4.39 mol.kg−1

molality NaCl at 50◦C and ambient pressure [Li et al., 2015]. Note that the measurement was
conducted using an oil droplet on a smooth calcite surface through brine thus θR > θA.

Water-Wet Scenario

We use the same water-wet trapping data as the ambient conditions data as we do not
expect to see significant differences between the results at ambient conditions and 70◦C
[Pentland et al., 2010, 2011].

Altered-Wettability Scenario

Primary Drainage

• When the system is in thermal equilibrium, inject the crude oil from the upstream
side of the Hassler cell and collect the brine effluent outside the oven at ambient
conditions to avoid evaporation inside the oven. Depending on the capillary pres-
sure injected, the time of this experiment varies. Since the brine effluent is outside
the oven, careful monitoring of the amount of brine displaced is possible.
• When no changes in the volumes of the injection pump and the effluent are ob-

served, we know that the drainage process ends.
• Take the core out and weigh it and place it in a container filled with the same

crude oil for 40 days for further ageing.
• After that, continuously inject 5 PV of deahydroanphthalene (decalin) and followed

by 5 PV of n-decane. Inject the decalin in order to prevent any mixing of n-decane
with crude oil which may lead to asphaltene deposition [Vincent and Kilpatrick,
2007, Tie and Morrow, 2005, Buckley et al., 2006, Fernø et al., 2010]. In addition,
using n-decane will assess the stability of the wettability alteration.
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• Extract the core and place it in the Amott cell.
• For the USS method, repeat the same procedure but without the porous plate

and inject 5 PV of crude oil at a constant flow rate. Following that, inject 5 PV
of decalin and after that 5 PV of n-decane. This method is also referred to as
dynamic wettability alteration.

Spontaneous Water Imbibition

• Insert the core into a half full Amott cell with 70◦C degassed brine.
• Top the additional volume of brine from the top of the cell until reaching the full

volume minus 2-3 ml.
• Seal the Amott cell but not fully and place it into the oven at the same temperature

of 70◦C.
• After 30 minutes, seal the cell perfectly and that step is to avoid any fluid expansion

which may lead to pressurisation of the cell, and leave it for 30 days.
• Monitor the cell, until no further volume of n-decane is produced.
• Recored the final volume of n-decane produced and the weight of the core after

spontaneous water imbibition.

Waterflooding

• Place the core again in the Hassler Cell.
• Inject up to 10 PV of degassed brine at 70◦C starting from a flow rate of 0.1

ml/min and which gradually increase until reaching to a high flow rate compared
to the permeability of the rock as discussed for the ambient condition experiments.
• Monitor the volume of n-decane in the effluent and weigh the core after the injection

of the brine for the residual oil saturation measurement.

4.3. Results and Discussion

4.3.1. Amott Wettability Indices

Ambient Conditions

For the water-wet systems, we see significant recovery from spontaneous water imbibi-
tion; the Amott water index, Iw > 0.9 for all the rocks, Table 4.4. For the altered-
wettability systems, spontaneous water imbibition produces Iw = 0 for Estaillades and
Portland. This might indicate that the systems are intermediate-wet due to the rocks
not imbibing any water, as discussed in Chapter 1. However, for Ketton, we have Iw >

0.9 indicating no sign of wettability alteration. In Ketton, as we show later, we do not
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invade the micro-porosity with wettability-altering agent (the oil phase). As a result, we
can only saturate the large macro-pores at relatively low capillary pressures with little
wettability alteration.

For Io, we do not see any oil imbibition. A similar behaviour have been noticed by
Fernø et al. 2010 where no oil imbibition occurred when chalk limestones were aged by
crude oil despite a low Iw.

Table 4.4. Detailed summary of the petrophysical properties, capillary trapping data,
and Amott water index for the ambient conditions waterflooding experiments.
Io is zero for all the rocks. The data above the dashed line are water-wet data
while the ones below it are altered-wettability data. The Soi and Sor data
are the average of the mass and volume balance methods and the error bars
are the standard deviation of these measurements.

Core Label D [mm] L [mm] φ [%] k [m2] Soi Sor Iw

E7 37.8 76.51 26.4 2.07×10−13 0.68±0.02 0.34±0.007 0.91
E8 37.88 76.28 27.3 1.69×10−13 0.59±0.04 0.32±0.04 0.96
E9 37.77 76.4 27.8 2.58×10−13 0.53±0.08 0.26±0.03 0.95
E10 37.66 75.81 28.0 2.96×10−13 0.78±0.025 0.45±0.025 0.99
E11 37.82 76.63 26.2 1.94×10−13 0.95±0.045 0.43±0.01 0.96
E12 37.75 76.08 27.2 1.77×10−13 0.86±0.04 0.1±0.05 0
E13 37.79 76.29 27.3 2.03×10−13 0.94±0.05 0.27±0.05 0
E14 37.87 76.22 28.0 2.18×10−13 0.6±0.025 0.22±0.03 0
E15 37.65 76.24 27.9 3.26×10−13 0.67±0.07 0.12±0.02 0
E16a 37.73 76.39 26.8 1.22×10−13 0.58±0.025 0.33±0.04 0
K7 37.74 76.22 20.2 1.38×10−12 0.68±0.06 0.33±0.05 0.93
K8a 37.87 75.29 22.0 1.07×10−12 0.48±0.08 0.21±0.07 0.95
K9 37.87 75.29 22.0 1.07×10−12 0.61±0.09 0.25±0.08 0.91

K10a 37.9 76.48 21.9 1.28×10−12 0.64±0.05 0.33±0.05 0.93
K11 37.9 76.28 22.0 2.1×10−12 0.36±0.05 0.17±0.05 0.92
K12 37.7 76.23 22.6 3.55×10−12 0.59±0.05 0.3±0.05 0.95
P7 37.85 76.38 22.8 5.24×10−15 0.27±0.03 0.19±0.03 0.9
P8 37.84 76.19 19.7 3.2×10−15 0.4±0.02 0.3±0.02 0.92
P9a 37.95 76.35 19.8 1.9×10−15 0.56±0.03 0.39±0.03 0.93
P10a 37.95 76.25 18.0 1.8× 10−15 0.68±0.03 0.44±0.03 0.95
P11 37.89 76.28 18.9 7.2× 10−15 0.49±0.09 0.27±0.1 0
P12 37.81 76.35 18.6 4.17×10−15 0.25±0.03 0.16±0.05 0
P13 37.9 76.25 17.0 1.3× 10−14 0.38±0.03 0.18±0.06 0
P14a 37.92 76.35 21.0 6.2× 10−15 0.38±0.03 0.21±0.03 0

aMeasured using the USS method.
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Elevated Temperatures

For spontaneous water imbibition we see 0.07 > Iw > 0.17 for Estaillades and Portland,
Table 4.5. Ketton shows again Iw > 0.9 indicating no sign of wettability alteration. Since
the results here showed more recovery form spontaneous imbibition that might indicates
that the crude oil ageing is weaker than the organic acid, leaving some portions of the
pore space water-wet.

Overall, for these rocks and the two wettability-altering agents studied (crude oil and
organic acid) the degree of wettability alteration is modest. We study here systems that
are more intermediate-wet with little or no spontaneous imbibition of either water or oil,
indicating intrinsic local contact angles of around 90◦.

Table 4.5. Summary of the petrophysical properties, capillary trapping data, and Amott
water index for the high temperatures waterflooding experiments for altered-
wettability samples. Again, Io is zero for all the rocks. The Soi and Sor data
are the average of the mass and volume balance methods and the error bars
are the standard deviation of these measurements.

Core Label D [mm] L [mm] φ [%] k [m2] Soi Sor Iw

E17 37.65 76.52 26.2 2.25×10−13 0.89±0.05 0.32±0.1 0.12
E18 37.75 76.26 27.6 1.69×10−13 0.65±0.08 0.19±0.12 0.15
E19a 37.65 76.42 28.4 2.06×10−13 0.8±0.05 0.26±0.08 0.07
K13a 37.9 76.48 21.8 1.54×10−12 0.6±0.02 0.33±0.05 0.9
K14 37.9 76.28 22.0 2.6×10−12 0.38±0.05 0.18±0.07 0.92
P15 37.66 76.42 18.5 2.47× 10−15 0.83±0.04 0.47±0.05 0.13
P16 37.84 76.09 20.9 9.9× 10−15 0.29±0.04 0.12±0.09 0.11
P17 37.73 76.38 19.4 3.57× 10−15 0.83±0.06 0.38±0.088 0.09
P18a 37.89 76.21 19.2 5.77× 10−15 0.61±0.035 0.25±0.035 0.17

aMeasured using the USS method.

4.3.2. Leverett J-Function and Oil Accessibility

Ambient Conditions

We compute the Leverett J-function, Equation 1.5, for the ambient condition exper-
iments from the measured injection pressure of oil during the primary drainage step
using φ and k from Table 4.4 and σ of 53.8 mN/m for n-decane/brine system and 19.8
mN/m for fluid A/brine system, and θ of 37.9◦ for the two cases. We compare the data
to the Leverett J-function of the measured MICP data from Figure 2.2.

Table 4.6 lists the capillary pressure data while Figure 4.3 shows the computed Lev-
erett J-function for the three carbonates. The figure indicates that after accounting the
contact angle and interfacial tension, the drainage behaviour of n-decane is similar to
mercury to within experimental error for water-wet data. For the altered-wettability
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samples, we observe a higher Leverett-J function compared to the water-wet state. This
can be attributed to the uncertainty in the interfacial tension and assignment of the
contact angle.

Mercury injection curves for Estaillades and Ketton indicate a bi-modal pore size
distribution (the two regions of relatively low slope on the figure), with a connected
macro-porous inter-granular porosity, and intra-granular micro-porosity that is only ac-
cessed at high capillary pressures.

For Estaillades and Portland at high initial oil saturations, the oil will access the
micro-porosity Figures 4.3a and 4.3c respectively. However, for Ketton, Figure 4.3b,
even with high capillary pressure the oil was not able to access the micro-pore which
explains the reason behind the weak wettability alteration in Ketton. Therefore, higher
capillary pressures are required to break the thin water films protecting the pore walls
from oil [Kovscek et al., 1993].

Table 4.6. Drainage capillary pressure data for all the rocks at ambient conditions. We
calculate the corresponding rp of each capillary pressure from Equation 1.6.

Core Label Pc [kPa] Sw rp [µm] Oil Invasion (macro/micro)
E7 203 0.32±0.02 0.4 micro
E8 71 0.4±0.04 1.2 macro
E9 94 0.47±0.08 0.9 macro
E10 827 0.22±0.025 0.1 macro
E11 1209 0.05±0.045 0.07 micro
E12 827 0.14±0.04 0.03 micro
E13 1172 0.06±0.05 0.02 micro
E14 207 0.4±0.025 0.12 micro
E15 483 0.33±0.07 0.05 micro
K9 483 0.39±0.09 0.18 micro
K11 34 0.64±0.05 0.73 macro
K12 483 0.41±0.05 0.05 micro
P7 69 0.73±0.03 1.23 macro
P8 483 0.6±0.02 0.18 micro
P11 827 0.51±0.09 0.03 micro
P12 69 0.75±0.03 0.37 micro
P13 483 0.62±0.03 0.05 micro
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Figure 4.3. Leverett J-function, Equation 1.5, for ambient conditions experiments and
external MICP data for (a) Estaillades, (b) Ketton, and (c) Portland core
samples. In addition, we include water-wet literature data for Estaillades
and Ketton from Tanino and Blunt 2012.
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Elevated Temperatures

Similarly for elevated temperatures, we compute the Leverett J-function to compare the
MICP data with the experimental data. In this case, we use φ and k from Table 4.5
and σ of 27.2 mN/m and θ of 37.9◦. A list of the capillary pressure data at elevated
temperatures is given in Table 4.7.

Similar to the ambient conditions, for both Estaillades and Portland Figures 4.4a
and 4.4c respectively. We can access the micro-pores at the selected capillary pressure.
However, for Ketton, Figure 4.4c, the induced capillary pressure is not sufficient to
access the micro-pores which explains the weak wettability alteration as well. Over 50%
of Ketton’s porosity is considered to be micro–see Chapter 2–which prevents the oil to
be in contact with more of the surface of the rock.

Overall, pore structure is an important feature to understand the wetting behaviour.
Rocks with high fractions of micro-porosity will require higher capillary pressures to
break the water films and thus the oil will be able to coat on the surface.

Table 4.7. Drainage capillary pressure data for all the rocks at elevated temperatures.
We calculate the corresponding rp of each capillary pressure from Equation
1.6.

Core Label Pc [kPa] Sw rp [µm] Oil Invasion (macro/micro)
E17 34 0.34±0.08 0.9 macro
E18 482 0.1±0.05 0.06 micro
K14 48 0.64±0.05 0.65 macro
P15 414 0.17±0.04 0.08 micro
P16 34 0.71±0.04 0.9 macro
P17 827 0.17±0.06 0.04 micro
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Figure 4.4. Leverett J-function, Equation 1.5, for elevated temperatures experiments
and external MICP data for (a) Estaillades, (b) Ketton, and (c) Portland core
samples. In addition, we include water-wet literature data for Estaillades and
Ketton from Tanino and Blunt 2012.
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4.3.3. Recap on Wettability and Contact Angle

Before presenting the waterflood results, we will review the measurements of wettability,
compare with the measured contact angles and anticipate the likely behaviour of the
systems we study.

Firstly, there is no routine method to measure the distribution of contact angle inside
the rocks, although this is a topic of active research (see, for instance, [Andrew et al.,
2014]). Instead, we need to enter the likely contact angles from measurements on smooth
surfaces and inherit macroscopic characterisation, such as the Amott wettability indices.

For Ketton, we see little sign of wettability alteration: during primary drainage, oil
only invades the large macro-pores. This appears to protect the solid surface from
deposition of acid and other surface-active components of the oil. Hence for Ketton we
expect water-wet type behaviour in all cases: significant trapping, a monotonic trapping
curve and little or no recovery after water breakthrough.

Estaillades and Portland both do experience a wettability change. Using the organic
acid (ambient conditions) the intrinsic contact angle measured on a smooth surface is
130◦, Table 4.1. This suggests oil-wet conditions, yet no sample spontaneously imbibes
oil. This implies that, like Ketton, uninvaded micro-porosity may protected some sur-
faces weakening the wettability change, where θR < 90◦. However, because of contact
angle hysteresis, the behaviour for water imbibition is indicative of θA > 90◦ since Iw =
0. Portland has more micro-porosity than Estaillades (see Chapter 2): since water-filled
micro-porosity in Ketton serves to weaken the wettability trend, we expect Portland to
display less oil-wet behaviour than Esaillades. Portland may display intermediate-wet
characterisation, while Estaillades appears to be oil-wet.

With crude oil we see θR = 109◦, θI = 100◦, and θA = 81◦ measured through the brine
(Table 4.3). This characteristic is of intermediate-wet surfaces with no imbibition of ei-
ther oil or water. In Estaillades and Portland we do see a small amount of water imbibi-
tion, indicating some protected water-wet pores, but overall we expect intermediate-wet
waterflood properties since wettability alteration is modest, with a monotonic trapping
curve and some post-breakthrough recovery, but less trapping than a water-wet system.

4.3.4. Trapping Curves and Waterflood Recovery

Organic Acid

Figure 4.5 shows the water-wet and altered-wettability trapping curve for the three rocks,
showing the remaining oil saturation after 10 PV of waterflooding as a function of initial
oil saturation. For the water-wet systems, we see a monotonic increase in the trapping
curve for all the rocks as we expected.
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For the altered-wettability systems for Ketton, Figure 4.5b, we see a monotonic in-
crease in the trapping curve with no further recovery beyond the first PV injected, as
we expected.

For Estaillades, Figure 4.5a, we notice an unexpected trend in remaining oil saturation
with initial saturation with three different regimes. First, we see most trapping for Soi=
0.58. Second, we see a decrease in the remaining oil saturation for 0.58< Soi ≤0.86, this
can be explained by the stability of oil layers discussed in more detail later. Third, we
see an increase again for Soi > 0.86, this can be explained by trapping of oil in micro-
porosity. This complex trend has been observed previously by Salathiel 1973, Tanino
and Blunt 2013 in oil-wet and mixed-wet rocks.

For Portland, Figure 4.5c, we observe intermediate behaviour between Estaillades and
Ketton where we see a monotonic increase in the trapping curve but with slightly higher
recovery, less trapping, than the water-wet case. A similar trend of a monotonic increase
in the trapping curve in altered wettability rocks have been observed by Karabakal and
Bagci 2004, Nono et al. 2014. This can be explained with the high fraction of micro
to macro-porosity in Portland. Portland has the highest fraction of micro-porosity, see
Chapter 2, compared to the other rocks. However, these micro-pores are bigger than
Ketton’s micro-pores which will make it easier for the oil to coat the surface compared to
Ketton. Still, with the selected capillary pressures, not all the pores have been contacted
with oil, protecting the surfaces from a strong wettability alteration.
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Figure 4.5. Remaining oil saturation as a function of initial oil saturation trapping curve
at ambient conditions for water-wet and altered-wettability for (a) Estail-
lades, (b) Ketton, and (c) Portland core samples. The data plotted repre-
sent an average value of mass balance and volume balance while the error
bars represent the standard deviation. In addition, we include water-wet
literature data for Estaillades and Ketton from Tanino and Blunt 2012.
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Crude Oil

The results using crude oil are illustrated in Figure 4.6. For the altered-wettability rocks,
we see a monotonic increasing trend but with higher recovery than the water-wet case
for Estaillades and Portland.

For Ketton, we see no sign of wettability alteration and similar trapping to the water-
wet cases.

Overal, these results are indicative of intermediate-wet behaviour with less trapping
than for water-wet rocks.
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Figure 4.6. Remaining oil saturation as a function of initial oil saturation trapping curve
at elevated temperatures for water-wet and altered-wettability for (a) Estail-
lades, (b) Ketton, and (c) Portland core samples. The data plotted represent
an average value of mass balance and volume balance while the error bars
represent the standard deviation. In addition, we include water-wet litera-
ture data for Estaillades and Ketton from Tanino and Blunt 2012.
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4.3.5. Oil Recovery by Waterflooding

We show the remaining oil saturation as a function of brine pore volumes injected at
ambient conditions, Figure 4.7, and at elevated temperatures, Figure 4.8. We can see
that for the water-wet cases, we achieve the residual saturation from the first pore volume
with no further reduction in the residual oil saturation as the waterflood is extended.

However, for the altered-wettability cases, we see significant recovery from the first
pore volume but with further reduced recovery as the pore volume increases. The first
three pore volumes have the most significant recovery with slower recovery later.

Ketton, shows water-wet behaviour in all cases, as expected.

With crude oil, Portland and Estaillades show intermediate-wet behaviour: while there
is some recovery post-breakthrough, this can be modest with in all cases a monotonic
increase in remaining oil saturation with the initial value for all the PV injected. Portland
displays similar behaviour with organic acid.

The only oil-wet behaviour is shown for Estaillades with organic acid as the wettability
agent. Here we see a sharp decrease in oil saturation with PV injected, and a crossing
of the curves, such that for given amount of water injected a higher Soi gives lower
remaining So. This behaviour has been observed by Jadhunandan and Morrow 1995
and will be explained in the next section.
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Figure 4.7. Remaining saturation as a function of pore volume injected at ambient con-
ditions for (a) Estaillades, (b) Ketton, and (c) Portland. Blue lines indicate
water-wet conditions, while the green curves are for altered-wettability.
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Figure 4.8. Remaining saturation as a function of pore volume injected at elevated tem-
peratures for (a) Estaillades, (b) Ketton, and (c) Portland. Blue lines indi-
cate water-wet conditions, while the green curves are for altered-wettability.
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4.4. Pore-Scale Explanation

In this section, we will interpret the results in terms of pore-scale displacement processes.
Specifically we will explain trapping and waterflood recovery for water-wet, intermediate-
wet and oil-wet systems in the context of our results.

The water-wet behaviour is controlled, at the pore-scale, by snap-off, Figure 1.17.
During waterflooding, water fills the narrowest regions of the pore space, stranding oil
in the larger pores. This leads to a large residual saturation. Sor increases with Soi, as
the more of the pore space initially filled, the more oil that can be trapped, as shown in
Figure 4.9.

In terms of relative permeability, see Figure 1.20, water is poorly connected, being in
the smaller regions of the pore space or in wetting layers, and so is held back, allowing
oil to flow readily. The consequence is that during waterflooding, the maximum recovery
is seen at, or shortly after, breakthrough. Subsequent water injection does not recover
additional oil, as we see in our experiments.

We see water-wet behaviour in all our samples without wettability alteration and in
Ketton, where the water-filled micro-porosity appears to protect the solid from wetta-
bility alteration.

In intermediate-wet media with θ ≈ 90◦, we see less snap-off . As shown in Equation
1.10, snap-off becomes less favoured compared to direct displacement as the contact
angle increases. In Figure 4.9, direct displacement of oil by water would simply push out
the oil with no trapping. Hence, intermediate-wet systems see lower residual saturations:
there is still some trapping by snap-off and bypassing, where a connected front of water
simply surrounds the oil [Lenormand et al., 1983]. Again, the higher Soi, the more oil
that can be trapped and so the trapping curve is monotonically increasing, as in the
water-wet case.

In terms of relative permeability, Figure 1.20, water is better connected allowing for
more rapid water advance than in a water-wet system. During waterflooding this can
lead to earlier water breakthrough and some recovery of oil as more water is injected.
However, as we see experimentally, Figures 4.7 and 4.8, this recovery is relatively small
in some cases. In all intermediate-wet rocks, the remaining oil saturation at some value
of PV injected will always increase with initial saturation–the recovery curves in Figures
4.7 and 4.8 do not cross.

In our experiments, intermediate-wet behaviour is observed, when crude oil is the
wetting agent in Estaillades and Portland. This is consistent with contact angle mea-
surements on smooth calcite. While some water is spontaneously imbibed, no oil is
imbibed and we do not see the signature of oil layer drainage–very low Sor, significant
post-breakthrough recovery and non-monotonic trapping curves. Hence, we assume in
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these cases that we have θA ≈ 90◦. We also see intermediate-wet behaviour for Port-
land with organic acid: here Iw = Io = 0, but the waterflood behaviour indicates that
the significant water-filled micro-porosity protects to some extent, the surfaces from a
stronger wettability change.

We only see oil-wet behaviour in one case: Estaillades with organic acid. While Iw = Io

= 0, we can reach Sor < 0.1, see non-monotonic trapping curve and significant recovery
after breakthrough. We now provide a pore-scale explanation for this behaviour.

Figure 1.18 shows how–if a pore is oil-wet–water can enter as the non-wetting phase,
leaving an oil layer sandwiched between water in the corner and the oil in the centre of
the pore. These layers keep the oil connected in the pore space, preventing trapping,
but have a low conductance, meaning that the oil relative permeability is low. If the
initial oil saturation is high, water is squeezed into the corners and the oil layers are
thick. As more water is injected and the water pressure increases, the layers will become
thinner and, when they collapse, will allow some oil to be trapped. However, as we see,
remaining oil saturations of less than 10% are possible.

If Soi is lower, more water initially resides in corners, the oil layers are thinner and
more trapping is possible. This is the origin of a non-monotonic trapping curve and
explains why the recovery plots in Figure 4.7a cross [Jackson et al., 2003, Spiteri et al.,
2008].

For the very highest values of Soi , however, Sor increases again. This is likely due to
oil invading micro-porosity in which additional oil may be trapped.

In terms of waterflood recovery, we see early water breakthrough followed by significant
recovery as more PV of water is injected, indicating the slow drainage of oil layers. It
is likely that further, albeit modest, recovery would be observed had we injected more
than 10 PV [Salathiel, 1973].

It is interesting that even for the same oil and physical conditions of temperature
and pressure, we can observe very distinct behaviour for three rocks whose chemical
composition (almost pure calcite) are similar: from water-wet behaviour in Ketton, to
intermediate-wet in Portland, to intermediate to oil-wet in Estaillades. This demon-
strates the need for good benchmark experiments, as clearly the behaviour is dependent
to a significant degree on the pore structure. In particular, water-filled micro-porosity
appears to protect the solid surfaces from wettability alteration in Ketton and, to a
lesser extent, in Portland.

Future work could extend these studies to a wider range of rocks, mineralogies and
oils, relating our macroscopic measurements with microscopic in situ determination of
contact angle [Andrew et al., 2014].
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After primary drainage After waterflooding

Figure 4.9. A pore-scale schematic demonstration showing how as Soi increases, so does
Sor, as oil (red) is trapped in progressively smaller pores (grey) by snap-off
in water-wet medium by water (blue).

133



4.5. Conclusions

We have presented a methodology for the study of waterflood recovery in carbonates,
combining a reproducible and instant method for ambient-condition wettability alter-
ation with an organic acid and a crude oil ageing at high temperature. We see significant
recovery by spontaneous imbibition in water-wet rocks, followed by little to no recovery
by waterflooding. The trapping curve for these rocks is monotonically increasing as we
expected. For altered-wettability rocks, the behaviour is more complex.

For Estaillades limestone, aged with organic acid, we observe a non-monotonic increase
in the trapping curve consistent with oil-wet behaviour. When the core is aged with crude
oil and replaced with decane, we observe an intermediate-wet behaviour, with slightly
higher recovery than the water-wet case and a monotonic trapping curve.

For Ketton, we observe a monotonic increase in the trapping curve for both altered-
wettability cases. This is explained by the nature of Ketton limestone having significant
amount of micro-pores that are hard for the oil to access. Here we do not see evidence
of wettability alteration.

For Portland, we observe an intermediate case between Estaillades and Ketton for
both altered-wettability cases with higher recovery than the water-wet case but with
a monotonic increase in the trapping curve. This can be explained by the pore struc-
ture, since Portland has the highest fraction of micro-porosity compared to the other
limestones.

These results were explained and interpreted in terms of pore-scale displacement pro-
cesses.
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5. Conclusions and Recommendations
for Future Work

5.1. Summary and Conclusions

In this thesis, we have investigated spontaneous imbibition in water-wet media and capil-
lary trapping under different wetting conditions in carbonate rocks: Estaillades, Ketton,
and Portland. This work has equal importance for IOR and CCS. For IOR, spontaneous
imbibition is the main recovery mechanism in fractured reservoirs and capillary trapping
is the main obstacle to tackle in order to maximise recovery. For CCS, imbibition is the
process rendering the CO2 immobile in aquifers and capillary trapping is one of the main
mechanisms to store the CO2 safely in the reservoir.

For spontaneous imbibition, we show a simplified derivation of the Schmid et al.
2011 analytical solution for spontaneous imbibition. We then perform co-current experi-
ments using medical CT imaging with an air/brine fluid pair. We match the experimental
ratio of distance to the square-root of time, ω, with the analytical solution for ω by us-
ing physically plausible relative permeability and capillary pressure functions. Since the
analytical solution is a function of relative permeability and capillary pressure, it can be
a powerful tool to estimate multi-phase flow properties and can be used in combination
with other experiments to determine relative permeabilities and capillary pressures.

One of the main parameters in the analytical solution is the C constant which quan-
tifies the rock’s rate of imbibition. We showed two methods to find this value: (1) from
computing the relative permeability and capillary pressure in the analytical solution.
(2) From experimental measurement of the mass of water imbibed as a function of time.
The C value is also important for the scaling equation derived by Schmid and Geiger
2012 which is an extension from the analytical solution of spontaneous imbibition. We
found C for several samples of each rock type studied.
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For capillary trapping and oil recovery we have presented a methodology for
the study of waterflood recovery in carbonates, with an instant method for ambient-
condition wettability alteration. We find a non-monotonic trend between initial oil
saturation and the remaining oil saturation after 10 PV injected at high flow rates in
Estaillades with altered wettability. This behaviour can be explained in terms of the
pore-scale configuration of fluids. First, we observe a monotonic increase in the trapping
curve, where the initial water saturation is high. This is followed by a decrease in the
trapping curve due to the formation of oil layers that will collapse with sufficient water
pressure leading to higher oil recovery than the first phase. Finally, we notice an increase
in the trapping curve as micro-porosity is invaded. For elevated temperature, we observe
weaker wettability alteration than the ambient condition, leading a monotonic increase
in the trapping curve with higher recovery than the water-wet case. Again this can be
explained in terms of pore-scale displacement processes–specifically the suppression of
snap-off.

For Ketton, we observe a monotonic increase in the trapping curve, with the data
overlapping with the water-wet data indicating no wettability alteration. This is due to
Ketton’s complex pore structure with tiny micro-pores that can only be accessible at
high pressures that we do not capture in our experiments. It appears that the water-
filled micro-porosity protects the surface from wettability alteration. Similarly, we see
the same behaviour for elevated temperature experiments with crude oil.

For Portland at ambient conditions, we observe an intermediate case between Es-
taillades and Ketton with a monotonic increase in the trapping curve but with higher
recovery. This is also due to Portland’s pore structure with the highest fraction of
micro-porosity. In our experiment, we access some of these pores leading to some wet-
tability alteration in Portland. Similarly, we observe the same behaviour in the elevated
temperature experiments.

Overall, we can see that pore structure has a major impact on wettability alteration
while wettability itself has a big impact on residual saturation and waterflood recovery.
The results indicate that altered-wettability reservoirs may have the highest oil recovery
by waterflooding. In contrast, water-wet reservoirs such as saline aquifers are the best
location for CCS as they will trap more CO2 (non-wetting phase) than an altered-
wettability reservoir.

While this work has provided several useful insights into muti-phase flow in porous
media, we are still some way from a predective methodology to understand oil recovery
and long-term CO2 storage. There is ample opportunity for future work, addressed
below.
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5.2. Recommendations for Future Work

5.2.1. Spontaneous Imbibition

To expand the spontaneous imbibition work, we should include initial water saturations.
Having initial water saturations make the system more realistic and representative of
reservoir conditions. In addition, the analytical solution could be used to find the relative
permeability and/or capillary pressure from a simple experiment with the combination
of the analytical solution. Therefore, an experimental investigation correlating the mea-
sured relative permeability and capillary pressure to the measured saturation profile will
validate the analytical solution furthermore.

This work can also be used to improve the development of the numerical models
to study the capillary dominated flow in fractured carbonates. For example, using
the analytical solution to validate the prediction of numerical simulation or pore-scale
modelling for capillary dominated flow, in the same manner as Buckley-Leverett analysis
used to assess viscous dominated flow.

Also, using different rock types, as we have shown, different rocks with different per-
meabilities behave differently. It would be interesting to compare this study to sandstone
rocks where there is no micro-porosity. In addition, tackling different wettability sys-
tems, mainly mixed-wet as many of the world’s reservoirs are believed to be mixed-wet,
will add substantial value to the understanding of reservoir engineering.

As well, using different fluid pairs with different viscosity ratio and compare the satu-
ration profile of co-current and counter-current flow. In our case we used gas and brine
fluid pair leading to a very high viscosity ratio ≈ 560, other suggestions can be n-decane
and brine with viscosity ratio ≈ 1 and high viscosity crude oil and brine with viscosity
ratio < 1.

5.2.2. Capillary Trapping and Oil Recovery

For future work, we suggest extending our experimental study and, in combination with
the numerical and analytical analysis, provide a predictive framework for understanding
waterflood and imbibition recovery in carbonates of different wettability. Moreover,
numerical simulation can be used to compare our experimental results especially when
dealing with altered-wettability system as the flow behaviour is more complex.

Specifically we could perform more experiments with different initial oil saturations
and try different organic acids from the cyclohexane family group to observe the effect
of contact angle on residual saturation. This could also be studied by using different
crude oils to span a wide range of effective contact angles.
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Further, we suggest working with less heterogeneous rocks i.e. sandstone rocks in
order to achieve homogenous and reproducible wettability alteration and then observe
the trapping curve at different initial saturations.

Also, we recommend using micro-CT to investigate the same type of experiment but on
the micro-scale in order to visualise the process of wettability alteration and the residual
saturation. This will help us to understand the effect of wettability on multi-phase flow
in porous media. In addition, micro-CT will help us visualise the oil layer formation
and in-situ contact angle as well as observe the oil layer drainage and the collapse of oil
layers in waterflooding [Andrew et al., 2014].

Further, we suggest looking at the effect of wettability on spontaneous imbibition and
that can be incorporated with a medical CT and/or micro-CT experiment to visualise
the process of imbibition inside the rock. Further this work can be incorporated with the
analytical solution discussed in Chapter 3 to estimate the multi-phase flow properties.
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Influence of the meniscus at the bottom of the solid plate on imbibition experiments, Journal
of Colloid and Interface Science, 234(1), 79-83, doi:10.1006/jcis.2000.7244.

Lake, L. W (1989), Enhanced oil recovery, Old Tappan, NJ; Prentice Hall Inc.

Lamy, C. M. M., S. Iglauer, C. H. Pentland, M. J. Blunt, and G. C. Maitland (2010), Enhanced
oil recovery, Proceedings of the SPE EUROPEC/EAGE Annual Conference and Exhibition,
14-17 June, Barcelona, Spain, SPE-130720-MS, doi:10.2118/130720-MS.

Land, C. S (1971), Comparison of calculated with experimental imbibition relative permeability,
SPE Journal, 11, 419-425, doi:10.2118/3360-PA.

143



Lenormand, R., C. Zarcone, and A. Sarr (1983), Mechanisms of the displacement of one fluid by
another in a network of capillary ducts, Journal of Fluid Mechanics, 135, 337-353.

Lenormand, R., and C. Zarcone (1984), Role of roughness and edges during imbibition in square
capillaries, Proceedings of SPE Annual Technical Conference and Exhibition, 16-19 September,
Houston, Texas, SPE-13264-MS, doi:10.2118/13264-MS.

Lenormand, R., A. Eisenzimmer, and P. Delaplace (1995), Improvements of the Semi-Dynamic
Method for Capillary Pressure Measurements, Proceedings of Society of Core Analysts held in
San Francisco, CA, USA, SCA1995-31.

Li, K., and R. N. Horne (2001), Characterization of spontaneous water imbibition into gas-
saturated rocks, SPE Journal, 6, 375-384, doi:10.2118/74703-PA.

Li, K., K. Chow, and R. N. Horne (2002), Effect of initial water saturation on spontaneous water
imbibition, Proceedings of SPE Western Regional/AAPG Pacific Section Joint Meeting, 20-22
May, Anchorage, Alaska, SPE-76727-MS, doi:10.2118/76727-MS.

Li, K., and R. N. Horne (2005), Extracting capillary pressure and global mobility from sponta-
neous imbibition data in oil-water-rock systems, SPE Journal, 10, 458-465, doi:10.2118/80553-
PA.

Li, K., and R. N. Horne (2006), Generalized scaling approach for spontaneous imbibition: an
analytical model, SPE Reservoir Evaluation & Engineering, 9, 251-258, doi:10.2118/77544-PA.

Li, X., H. van der Linde, W. J. Looyestijin, J. Romanuka, J. P. M. Trusler, G. C. Maitland,
E. S. Boek, and H. Ott (2015), Experimental investigation of carbonate reservoir wettability
dependence on the salinity of flooding water, (in preparation).

Lide, D. R (2004), CRC handbook of chemistry and physics, CRC.

Lindeberg, E., and D. Wessel-Berg (1997), Vertical convection in an aquifer column under a
gas cap of CO2, Energy Conversion and Management, 38, S229-S234, doi:10.1016/S0196-
8904(96)00274-9.

Ma, T. D., and G. K. Youngren (1994), Performance of Immiscible Water-Alternating-Gas
(IWAG) Injection at Kuparuk River Unit North Slope Alaska, Proceedings of the SPE Annual
Technical Conference and Exhibition, 25-28 September, New Orleans, Louisiana, SPE-28602-
MS, doi:10.2118/28602-MS.

Ma, S., N. R. Morrow, and X. Zhang (1997), Generalized scaling of spontaneous imbibition data
for strongly water-wet systems, Journal of Petroleum Science and Engineering, 18, 165–178,
doi:10.1016/S0920-4105(97)00020-X.

Mattax, C.C., and J. R. Kyte (1962), Imbibition oil recovery from fractured, water-drive reservoir,
Society of Petroleum Engineers Journal, 2(2), 177-184, doi:10.2118/187-PA.

Macminn, C. W., M. L. Szulczewski, and R. Juanes (2010), CO2 migration in saline aquifers.
Part 1. Capillary trapping under slope and groundwater flow, Journal of Fluid Mechanics,
662, 329-351, doi:10.1017/S0022112010003319.

144



Masalmeh, S. K (2000), High oil recoveries from transition zones, Abu Dhabi International
Petroleum Exhibition and Conference, SPE-87291-MS, doi:10.2118/87291-MS.

Masalmeh, S. K., and S. Oedai (2000), Oil mobility in transition zone, Proceedings of Society of
Core Analysts held in Abu Dhabi, UAE, SCA2000-02.

Masalmeh, S. K (2002), The effect of wettability on saturation functions and impact on carbonate
reservoirs in the middle east, Abu Dhabi International Petroleum Exhibition and Conference,
SPE-78515-MS, doi:10.2118/78515-MS.

Masalmeh, S. K., I. M. Abu-Shiekah, and X. Jing (2007), Improved characterization and modeling
of capillary transition zones in carbonate reservoirs, SPE Reservoir Evaluation & Engineering,
10, 191–204, doi:10.2118/109094-PA.

Masalmeh, S. K. (2012), Impact of Capillary forces on residual oil saturation and flooding ex-
periments for mixed to oil-wet carbonate reservoirs, Proceedings of Society of Core Analysts
held in Aberdeen, Scotland, UK, SCA2012-11.

Mason, G., H. Fischer, N. R. Morrow, E. Johannesen, Å. Haugen, A. Graue, and M. A. Fernø
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A. Continuum-Scale Properties

A.1. Porosity

We use three different methods to measure the porosity of the cores.

A.1.1. Volume Balance

Before we start the experiment, we take the dimensions (length and width) and the dry
weight of the core. Then, we place the core into a Hassler cell and we vacuum it for 12
hours. Separately, we vacuum the brine to make sure there is no air in the brine. After
that, we inject 5 PV of degassed brine into the core. Then, we take the core out and we
weigh it.

The difference between the dry core and the fully saturated core with brine, divided
by the density will give us the pore volume and the pore volume divided by the volume
of the core will give us the porosity as shown in the following equation:

φ = PV

πr2L
(A.1)

where φ is the porosity of the rock, PV is the pore volume of the rock [cm3], r is the
radius of the core [cm], and L is the length of the core [cm].

A.1.2. Helium Porosimeter

We measure the helium porosity using a helium porosimeter device (Roberston Research
Helium gas expansion volume meter, Model HGEVM/PG; Serial No. 823/M/0011). We
use helium particularly as it has a very small molecular size which can go through the
smallest pores in the rock and thus gives us accurate results.

The measurement of the helium porosity is based on Boyle’s law for a constant tem-
perature.

P1V1 = P2V2 (A.2)

From the device, we have P2 and V2 as constant values and we measure P1. Therefore,
we can calculate V2 which is the pore volume of the rock and by dividing by the rock
volume, we can find the porosity.
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A.1.3. Medical CT

From the medical CT we can obtain the porosity of the rock. In order to achieve that,
we need to scan the core dry, with only air filling it. Then, we saturate the core with
100% brine and we take another scan. The comparison between the CT numbers of the
dry scan and the saturated core scan, can give us the porosity. In addition, we need to
take a scan of the brine separately to get its CT number. Air has a CT number of -1000
and the higher the density of the material, the higher the CT number will be.

The porosity can then be calculated from the following equation:

φCT = CTwet − CTdry
CTwater − CTair

(A.3)

where CTwet is the CT number of the core when it is 100% saturated with brine, CTdry
is the CT number of the core when it is dry and filled only with air, CTwater is the CT
number of water/brine and our brine has a CT number of 127.5, and CTair is the CT
number of air usually -1000.

A.1.4. Results

Tables A.1-A.3 show porosity measurements of each rock by using each method indicated
earlier for Estaillades, Ketton, and Portland respectively. We can see that the results
are comparable making each method valid.

Table A.1. Summary of porosity measurements on Estaillades limestone by using volume
balance, helium porosimeter, and medical CT.

Core Label φ [%] Method
E1 28.0 Helium Porosimeter
E2 27.8 Helium Porosimeter
E3 27.5 Volume Balance
E4 27.5 Volume Balance
E5 28.2 Volume Balance
E6 28.0 Volume Balance
E* 27.6 Medical CT
E7 26.4 Helium Porosimeter
E8 27.3 Helium Porosimeter
E9 27.8 Helium Porosimeter
E10 28.0 Helium Porosimeter
E11 26.2 Helium Porosimeter
E12 27.2 Volume Balance
E13 27.3 Volume Balance
E14 28.0 Volume Balance
E15 27.9 Volume Balance
E16 26.2 Volume Balance
E17 26.2 Volume Balance
E18 27.6 Volume Balance
E19 28.4 Volume Balance
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Table A.2. Summary of porosity measurements on Ketton limestone by using volume
balance, helium porosimeter, and medical CT.

Core Label φ [%] Method
K1 23.4 Helium Porosimeter
K2 20.5 VHelium Porosimeter
K3 23.3 Volume Balance
K4 21.7 Volume Balance
K5 22.7 Volume Balance
K6 22.5 Volume Balance
K* 20.7 Medical CT
K7 20.2 Volume Balance
K8 22.0 Volume Balance
K9 22.0 Volume Balance
K10 21.9 Volume Balance
K11 22.0 Helium Porosimeter
K12 22.6 Helium Porosimeter
K13 21.8 Volume Balance
K14 22.0 Volume Balance
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Table A.3. Summary of porosity measurements on Portland limestone by using volume
balance, helium porosimeter, and medical CT.

Core Label φ [%] Method
P1 16.1 Helium Porosimeter
P2 19.6 Helium Porosimeter
P3 19.8 Volume Balance
P4 20.0 Volume Balance
P5 19.5 Volume Balance
P6 19.0 Volume Balance
P* 22.1 Medical CT
P7 22.8 Volume Balance
P8 19.7 Volume Balance
P9 19.8 Volume Balance
P10 18.0 Volume Balance
P11 18.9 Helium Porosimeter
P12 18.6 Helium Porosimeter
P13 17.0 Helium Porosimeter
P14 21.0 Volume Balance
P15 18.5 Volume Balance
P16 20.9 Volume Balance
P17 19.4 Volume Balance
P18 19.2 Volume Balance

A.2. Viscosity Measurement

We use the Rheotek U-tube viscometer for ambient viscosity measurements and we use
a U-tube size O. This size is for fluids with viscosity range of 0-0.9 mPa s as they will
take a certain amount of time to fill a specific volume. We fill the U-tube with the fluid
we want to measure to reach to the point C shown in Figure A.1.

We use a pipette squeeze bulb o the top of the column of points A and B and lift
the fluid until it reaches slightly above point A. We then get the timer ready and start
recording then time when the fluid reaches to point A exactly and stop when it reaches
to point B.

We use the following equation to calculate the kinematic viscosity:

v = zt (A.4)

where v is the kinematic viscosity [mm2/s], z is a constant depending on the tube
dimensions: it is 0.0009524 [(mm2/s)/s] for size O, and t is the time [s].

To obtain the dynamic viscosity, we divide the kinematic viscosity by the density of
the fluid [Weast et al., 1988].

Table A.4 shows the viscosity values used in the thesis.

153



Figure A.1. U-tube capillary viscometer where A and B are timing marks, C is the filling
mark, and L is the capillary length.

Table A.4. Viscosity measurement of n-decane and fluid A at ambient conditions.
Fluid Viscosity[mPs]

n-decane 0.92
A 0.91

A:1.5 wt.% cyclohexanepntanoic acid in n-decane/brine
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A.3. Absolute Permeability Measurements

A.3.1. Brine Absolute Permeability

First, we take the dimensions of the dry core. For this experiment, we use a Hassler cell,
a Teledyne ISCO pump, a gas cylinder for confining pressure, and pressure transducers.

Then we insert the core into the Hassler cell, as shown in Figure A.2. We vacuum the
core for 6-12 hours to remove any trapped air in the system. Separately, we vacuum the
brine that we want to inject into the rock for overnight.

After vacuuming, we inject gaseous CO2 to dispel any remaining trapped air. Then,
we vacuum for one last round to remove the CO2 from the system as the brine and CO2

mixture will react with the carbonate mineral surface and cause changes in the rock
morphology.

After that, we start injecting degassed brine at different flow rates. At every single flow
rate, we keep injecting until we reach to the steady-state regime (no further fluctuations
in the pressure).

We generally select five different flow rates and take down the pressure readings and
from Darcy’s equation; we can calculate the absolute brine permeability.

Q = kA (P1 − P2)
µL

(A.5)

where Q is flow rate [m3/s], k is the absolute permeability [m2], A is the cross-sectional
area [m2], P1 is the upstream pressure [Pa], P2 is the downstream pressure [Pa], µ is the
viscosity [Pa.s], and L is the core length [m].

Figure A.2. Schematic of experimental apparatus to measure the brine absolute perme-
ability.
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A.3.2. Gas Absolute Permeability

Measuring the gas absolute permeability is a different technique than the brine absolute
permeability, since the gas is compressible. For this experiment, we use a Hassler cell,
two gas cylinders one for injection and one for confining, a metering valve, pressure
transducers and a flow meter, as shown in Figure A.3.

We insert the core into the Hassler cell and for the gas permeability, vacuuming is not
required. We set a constant pressure from the gas cylinder and we vary the flow rate
through the metering valve. However, we need to maintain the flow rate to be below a
Reynolds number of 2000 to ensure a laminar flow where Darcy’s law is applicable and
avoid turbulent flow [Munson et al., 1990].

To calculate the Reynolds number, we use the following equation:

NR = vDρ

µ
(A.6)

where NR is the Reynolds number and it is dimensionless, v is the Darcy velocity [m/s],
D is the diameter of the pipe [m], ρ is the density of the gas [kg/m3], and µ is the
viscosity of the gas [kg/m.s].

We recored the differential pressure across the core and the flow rate. We can calculate
the gas absolute permeability from the following equation [Bear , 1988]:

Q = kA
(
P 2

1 − P 2
2
)

2µL (A.7)

where Q is flow rate [m3/s], k is the absolute permeability [m2], A is the cross-sectional
area [m2], P1 is the upstream pressure [Pa], P2 is the downstream pressure [Pa], µ is the
viscosity [Pa.s], and L is the core length [m].

Figure A.3. Schematic of experimental apparatus to measure the gas absolute perme-
ability.
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We then correct the gas permeability for the Klinkenberg effect, as there is gas slip at the
pore walls which is not observed for the liquids [Klinkenberg, 1941]. In order to correct
the permeability, we have to plot the measured permeability from Equation A.7 versus
1/(Pmean), where Pmean is (P1 + P2)/2. The y-intercept of this plot is the corrected
permeability.

A.3.3. Results

Tables A.5-A.7 show a comparison between the measured permeability of brine and gas
for for Estaillades, Ketton, and Portland respectively. We can see that the results are
comparable.

Table A.5. Summary of the absolute permeability values performed by using gas and
brine for Estaillades limestone.

Core Label k [×10−13 m2] Fluid used (Gas/Brine)
E1 1.34 Gas
E2 3.53 Gas
E3 1.19 Gas
E4 1.55 Gas
E5 3.94 Gas
E6 3.28 Gas
E* 2.10 Brine
E7 2.07 Gas
E8 1.69 Gas
E9 2.58 Gas
E10 2.96 Gas
E11 1.94 Gas
E12 1.77 Brine
E13 2.03 Brine
E14 2.18 Brine
E15 3.26 Brine
E16 1.22 Brine
E17 2.25 Brine
E18 1.69 Brine
E19 2.06 Brine
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Table A.6. Summary of the absolute permeability values performed by using gas and
brine for Ketton limestone.

Core Label k [×10−12 m2] Fluid used (Gas/Brine)
K1 1.62 Gas
K2 1.37 Gas
K3 1.88 Gas
K4 1.99 Gas
K5 2.23 Gas
K6 2.54 Gas
K* 2.35 Brine
K7 1.38 Brine
K8 1.07 Brine
K9 1.07 Brine
K10 1.28 Brine
K11 2.1 Brine
K12 3.55 Brine
K13 1.54 Brine
K14 2.6 Brine

Table A.7. Summary of the absolute permeability values performed by using gas and
brine for Portland limestone.

Core Label k [×10−15 m2] Fluid used (Gas/Brine)
P1 10.1 Gas
P2 13.7 Gas
P3 15.2 Gas
P4 6.51 Gas
P5 18.2 Gas
P6 35.0 Gas
P* 5.23 Brine
P7 5.24 Brine
P8 3.2 Brine
P9 1.9 Brine
P10 1.8 Brine
P11 7.2 Gas
P12 4.17 Gas
P13 13.0 Gas
P14 6.2 Brine
P15 2.47 Brine
P16 9.9 Brine
P17 3.57 Brine
P18 5.77 Brine
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A.4. Initial and Residual Saturations

We measure the initial and residual saturations (Soi and Sor) via volumetric and mass
balance techniques. The volumetric balance depends on knowing the pore volume, the
volume produced, and the dead volume (if it exists). The mass balance technique de-
pends on weighing the mass of the core at several stages and comparing them.

To measure the initial oil saturation using the volume balance, we use the following
equation:

Soi = Voi − VDV
PV

(A.8)

where Soi is the initial oil saturation, Voi is the volume of water displaced by oil during
primary drainage [ml], VDV is the dead volume of the cell [ml], and PV is the pore
volume of the rock [ml].

To measure the initial oil saturation using the mass balance method, we use the
following equation:

Soi = Mdry −Mdrainage + (ρbrinePV )
PV (ρbrine − ρoil)

(A.9)

where Soi is the initial oil saturation, Mdry is the mass of the dry core [kg], Mdrainage

is the mass of core after drainage [kg], ρbrine is the density of brine [kg/m3], PV is the
pore volume [m3], and ρoil is the density of oil [kg/m3].

To measure the residual oil saturation using the volume balance technique, we use the
following equation:

Sor = Voi − VDV − VWF

PV
(A.10)

where Sor is the residual oil saturation, Voi is the volume of water displaced by oil during
primary drainage [ml], VDV is the dead volume of the cell [ml], VWF is the volume of
oil displaced by water during waterflooding [ml], and PV is the pore volume of the rock
[ml].

To measure the residual oil saturation using the mass balance, we use the following
equation:

Sor = Mdry −MWF + (ρbrinePV )
PV (ρbrine − ρoil)

(A.11)

where Sor is the residual oil saturation, Mdry is the mass of the dry core [kg], MWF is
the mass of core after waterflooding [kg], ρbrine is the density of brine [kg/m3], PV is
the pore volume [m3], and ρoil is the density of oil [kg/m3].
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A.4.1. Dead Volume Measurement

To measure the dead volume of the cell, we use a simple approach using a syringe. We
take the inlet of the Hassler cell and we attach a syringe filled with water, we open the
valve connected to the cell, Figure A.4. We start injecting water until we see water
coming out of the cell, once we see the water coming out, we recored the amount of
water displaced in the syring and that will be the dead volume. We repeat the same
process three times to make sure the results are consistent.

Figure A.4. Schematic of experimental process to measure the dead volume of the hassler
cell.

Table A.8. Dead volume for the all the Hassler cells used in the thesis.
Cell# 1 2 3

Dead volume [ml] 1.85 ± 0.15 1.8 ± 0.1 0.85 ± 0.05
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A.5. Interfacial Tension

We use a Ramé-Hart model 590 device to measure the interfacial tension of the fluids,
figure A.5. The apparatus consists of a high resolution camera placed in front of fluids
we want to measure. For gas/fluid systems, we can set the pipette to release a drop and
the camera will capture the shape and then we calculate the interfacial tension.

For fluid/fluid system, we place a container filled with the intended fluid and we lower
the pipette into the container and we release a drop of the higher dense fluid from the
pipette and similarly we can measure the interfacial tension. Before each experiment,
a calibration process is needed to make sure we capture the correct size of the droplet.
Then, we measure the interfacial tension from the following equation:

σ = ∆ρgR2
0

β
(A.12)

where σ is the interfacial tension [N/m], ∆ρ is the density difference between of the
drop and the surrounding fluid [kg/m3], g is the gravity constant [m/s2], R is the radius
of curvature at the drop apex [m], and β is the shape factor [de Gennes et al., 2004,
Girifalco and Good, 1957].

The results obtained is this thesis are shown in Figure A.6 and Table A.9.

Figure A.5. Schematic of the experimental apparatus to measure the interfacial tension.
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(a) (b) (c)

Figure A.6. Images showing the brine drop for interfacial tension measurement sur-
rounded by (a) air, (b) n-decane, and (c) 1.5 wt.% cyclohexanepntanoic
acid in n-decane.

Table A.9. The values of the interfacial tensions of the fluids used in the thesis.
Fluid Pair air/brine n-decane/brine A/brine crude oil/brine

IFT [mN/m] 73 52.3 19.8 27.2a

A:1.5 wt.% cyclohexanepntanoic acid in n-decane.
aMeasured on the same same crude oil and with brine of 4.39 mol.kg−1 molality NaCl at 50◦C
and ambient pressure [Li et al., 2015].
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A.6. Contact Angle

We use a Ramé-Hart model 590 to measure the contact angle, Figure A.7. The apparatus
consist of a high resolution camera attached to the computer. The camera is set to be
in a linear position to the sample we want to measure. Before we measure the contact
angle, we need to calibrate the camera to be in a central position using calibration tool.
Once in position, we drop the fluid droplet on the intended surface, in our case we used
calcite surface. To process the data, a built in software will identify the contact angle
based on the interface of the droplet. If the interface is not detected by the software,
then a manual identification of the interface is required.

The results of the contact angle measurements in this thesis are illustrated in Figure
A.8 and Table A.10.

Figure A.7. Schematic of experimental apparatus to measure the contact angle.

163



(a) (b) (c)

Figure A.8. Images showing brine droplets for contact angle measurements on a calcite
surfaces surrounded by (a) air, (b) n-decane, and (c) 1.5 wt.% cyclohex-
anepntanoic acid in n-decane.

The contact angles of Figure A.8 are tabulated in Table A.10.

Table A.10. The values of the average contact angles (left and right) from Figure A.8.
Fluid Pair air/brine n-decane/brine A/brine crude oil/brine
θI [◦] 37± 0.3 37.9 ± 0.2 130 ± 3 100a

A:1.5 wt.% cyclohexanepntanoic acid in n-decane.
aMeasured on a smooth surface with the same same crude oil and with brine of 4.39 mol.kg−1

molality NaCl at 50◦C and ambient pressure [Li et al., 2015].
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B. Analytical Solution

B.1. Formulation

To construct the analytical solution for the capillary dominated flow, we need to have
both the imbibition relative permeability and capillary pressure.

We use Microsoft Excel in order to construct the solution. In this example, we assume
water-wet rock properties, Table B.1. We use Corey exponents to capture the relative
permeability:

krw = krw,max

(
Sw − Swi

1− Swr − Sor

)n
(B.1)

where krw is the water relative permeability, krw,max is the maximum water relative
permeability, Sw is the water saturation, Swi is the initial water saturation, Sor is the
residual oil saturation, and n is the Corey water exponent.

kro = kro,max

( 1− Sw − Swi
1− Swr − Sor

)m
(B.2)

where kro is the oil relative permeability, kro,max is the maximum oil relative permeabil-
ity, Sw is the water saturation, Swi is the initial water saturation, Sor is the residual oil
saturation, and m is the Corey oil exponent.

We also use a power law to express the capillary pressure:

Pc = Pc,entry

(
Sw − Swi

1− Swi − Sor

)α
(B.3)

where Pc is the capillary pressure, Pc,entry is the entry capillary pressure, Sw is the water
saturation, Swi is the initial water saturation, Sor is the residual oil saturation, and α is
the capillary pressure exponent.

This example is different from chapter 3, because in chapter 3 we were trying to find
the relative permeability and capillary pressure and fit it to our measurements, while
in this example we have a fixed value for relative permeability and capillary pressure
and we only try to find the C value that will satisfy the conditions that we will discuss
below.

We use the following equations to construct the solution:
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for co-current flow:

F (Swi) =
(
F (Swi−1)− 0.5F (Swi−2) + 0.5f(Swi)

)
+
√

0.25
(
F (Sw−2)− 2F (Swi−1)− f(yi)

)2

−
(
f(Swi)(F (Swi−2)− 2F (Swi−1)) +

( φ

2C2

)
D(Swi)∆S2

w

)
(B.4)

while for counter-current flow:

F (Swi) =
(
F (Swi−1)− 0.5F (Swi−2)

)
+

√(
F (Swi−1)− 0.5F (Swi−2)

)2
−
( φ

2C2

)
D(Sw)∆S2

w

(B.5)
where D is a non-linear capillary diffusion coefficient as a function of water saturation:

D(Swi) = −kλwλo
λt

∂Pc
∂Sw

(B.6)

where
λw = krw

µw
(B.7)

λo = kro
µo

(B.8)

λt = λw + λo (B.9)

Tables B.2 and B.4 show the procedure in a spreadsheet showing how to construct the
solution for co-current and counter-current spontaneous imbibition respectively. Tables
B.3 and B.5 show the detailed input parameters and results of co-current and counter-
current spreadsheets respectively. After we input all these parameters shown in Table
B.1, we will only have to vary the value of C to satisfy the following conditions:

F (Swir) = 0 (B.10)

In addition, the integrated saturation curve must equal to the total volume imbibed:

∫ Sw,max

Swir

x(Sw, t)dSw = Qw(t)
φ

= 2C
√
t

φ
(B.11)

where we can re-arrange and approximate the integral to give:

Σn
i=1F

′(Sw, i)∆Sw ≈
Qw(t)
φ

= φ

2C = 1 (B.12)

We start the process by guessing an initial value of C and we keep iterating until we
satisfy Equation B.10. The outcome of the analytical solution is in the form of ωD which
is the dimensionless form of ω. ω can be achieved by multiplying ωD by the constant C.
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Table B.1. Input parameters used for the construction of the analytical solution example
of spontaneous imbibition.

Input Parameter Value
Swi 0
Sor 0.4
n 3

krw,max 0.2
m 1.5

kro,max 0.85
Pc, entry [Pa] 12000

α -0.7
Maximum Pc [Pa] 400000

µw [Pa. s] 0.001
µo [Pa. s] 0.003

k [× 10−13 m2] 2.96
φ 0.20
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B.1.2. Results

In this part, we will show the results after applying the data in the tables above. Figure
B.1 shows the imbibition capillary pressure used in this study which is plotted using
the power law from the data in Table B.1. Figure B.2 shows the imbibition relative
permeability used in this study which is plotted using Corey exponents. Figure B.3 shows
the fractional flow curves for co-current and counter-current spontaneous imbibition from
this study in addition to the Buckley-Leverett fractional flow. Figure B.4 shows ω as a
function of water saturation.

Figure B.1. Imbibition capillary pressure as a function of water saturation used in this
example.
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Figure B.2. Imbibition relative permeability as a function of water saturation used in
this study.

Figure B.3. Three fractional flow curves based on this analysis: Buckley-Leverett, co-
current, and counter-current.
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Figure B.4. The results of the co-current and counter-current spontaneous imbibition in
the form of ω as a function of water saturation.
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