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Abstract 16 

Underground hydrogen storage (UHS) is the injection of hydrogen into the geologic porous 17 

medium for subsequent withdrawal and reuse during off-peak periods to contribute to the 18 

energy mix. Recently, UHS has gained prodigious attention due to its efficiency for the storage 19 

of hydrogen on a large scale. Nonetheless, an adequate understanding of the storage process is 20 

required for efficient and safe monitoring and to preserve reservoir integrity. Herein, the 21 

hydrodynamics of injected hydrogen (H2) gas, reservoir fluids, and reservoir rock systems are 22 

reviewed. Moreover, critical factors inherent to the reservoir (such as temperature, pressure, 23 

salinity, and rock mineralogy) that affect the UHS process are elucidated. Based on the 24 

available literature, the interplay of H2 solubility, interfacial tension, wettability, adsorption, 25 

and diffusion properties influence the geologic storage process. Overall, this review provides 26 

extensive insight into fluid-fluid and fluid-rock interactions and their effect on underground 27 

hydrogen storage process. Future research should focus on optimizing the process parameters 28 

to improve storage and withdrawal efficiency, thus guarantee energy security.  29 

 30 

Keywords: Underground hydrogen storage, interfacial tension, wettability, adsorption, 31 

solubility, diffusivity. 32 
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 33 

1. Introduction 34 

There is a constant increase in global energy demand due to increasing population and global 35 

industrialization [1,2]. Currently, a significant contribution to the world’s energy demand 36 

comes from non-renewable sources like petroleum, and coal [3–5]. The use of fossil fuels for 37 

energy is a cause for concern due to post-combustion emissions of carbon monoxide (CO), 38 

carbon dioxide (CO2), and nitrous oxide (NO2) which constitute greenhouse gas emissions 39 

[6,7]. The release of these gases into the atmosphere causes the greenhouse effect and 40 

consequently, contributes to global warming and climate change. Intergovernmental policy on 41 

recent (IPCC) and several other global organizations are working assiduously to ensure a 42 

reduction in emissions to save the planet earth. Consequently, renewable sources such as hydro, 43 

geothermal, wind, solar, and hydrogen are receiving enormous attention [8–10]. 44 

Of the numerous renewable energies, hydrogen offers the greatest potential based on 45 

technoeconomic analyses [11,12]. It has inherent characteristics and unique properties such as 46 

light weight, high calorific value, and high gravimetric density. The utilization of hydrogen in 47 

the energy mix includes applications such as direct fuel for heat and power, power-to-gas 48 

technology, and utilization in fuel cells, aerospace, and metallurgical industries [13–15]. 49 

Moreover, hydrogen is also applied for refining and upgrading fossil fuels, and conversion of 50 

syngas to value-added products [7,16]. Compared to other sources of renewable energy, they 51 

are unaffected by cyclic seasonal changes which may disrupt power generation and usage [17]. 52 

To achieve full incorporation of hydrogen energy for global energy supply, concerted efforts 53 

are required to ensure suitable and sustainable large-scale storage of hydrogen [18,19]. Hence, 54 

hydrogen storage has attracted global interest because it poses the major stumbling block to 55 

achieving several targets for hydrogen contribution towards energy generation and utilization 56 

[20]. 57 

Hydrogen is usually stored in the gaseous or liquid form and several storage methods have been 58 

proffered for hydrogen. These can be widely categorized into physical storage methods, 59 

material-based storage, and underground hydrogen storage [21]. Physical storage methods 60 

involve the compression of hydrogen at extremely low temperatures and high pressures in tanks 61 

and cylinders. However, the shortcoming of this method includes high energy consumption, 62 

low volumetric capacity, and the requirement of heat management to avoid explosion [22,23]. 63 
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Contrariwise, material-based storage entails the storage of hydrogen on solid-state materials 64 

such as hydrogen clathrates, porous adsorbents, and metal hydrides [24,25]. Nevertheless, the 65 

stability, kinetics, and thermodynamics of the process remain challenging. 66 

More recently, underground hydrogen storage has gained prominence due to its efficiency for 67 

large-scale storage of hydrogen. Underground hydrogen storage (UHS) offers a low-cost 68 

pathway for the storage of hydrogen in a geological medium [26,27]. As compared to other 69 

storage techniques that require the use of expensive tanks or materials, UHS offers savings on 70 

storage expenses as it can be conducted with modifications of existing facilities used for 71 

depleted natural gas fields. The recognized media used for UHS includes coal seams, saline 72 

aquifers, and depleted hydrocarbon reservoirs [20,28,29]. Currently, depleted gas reservoir and 73 

salt cavern accounts for large percentage of existing UHS projects worldwide. Field 74 

applications of UHS have been reported in Clemens (USA), Beynes (France), Diadema 75 

(Argentina), and Teesside (United Kingdom) [30,31]. 76 

UHS in depleted oil and gas reservoirs offers immense benefits [30,32]. Firstly, they have a 77 

confirmed trap structure, caprock, and porous and permeable reservoir formation [33]. 78 

Moreover, they have inherent fluids that can act as buffer to improve the H2 storage process. 79 

Nonetheless, the petrophysical properties of the porous medium are complex. With varying 80 

porosities, permeabilities, heterogeneities, and rock compositions, the process of injection and 81 

withdrawal of hydrogen during UHS requires appropriate screening of the subsurface 82 

formations to be utilized such as to minimize and/or eradicate avoidable losses that may occur 83 

in such formations. For suitable screening of subsurface formation for UHS, fluid-fluid and 84 

fluid-rock interactions are crucial parameters. These parameters govern the sealing capacities 85 

of caprock, pore-scale distribution and saturation of H2 in the pore space, and displacement of 86 

fluids as illustrated in Figure 1.  87 

Numerous reviews exist in the literature on UHS processes. However, most of the reviews 88 

focus on potential storage sites such as salt caverns, and saline aquifers and identifying the 89 

challenges associated with UHS [11,20,27,34–36]. Due to the paucity of data, only a handful 90 

of review exists on UHS in conventional and unconventional reservoirs. Besides, few of the 91 

existing reviews on UHS in depleted oil/gas reservoirs have focussed on the comparative 92 

analysis of hydrogen gas (H2) gas, carbon dioxide (CO2), methane (CH4), and Nitrogen (N2) as 93 

pressure-support/cushion gases for UHS applications [10,37]. More recently, due to an upsurge 94 

in research on UHS, an avalanche of data has emerged providing more insights into the 95 
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hydrodynamics of UHS processes. Herein, an extensive review of UHS in conventional and 96 

unconventional reservoirs with adequate consideration of fluid-fluid and fluid-rock interaction 97 

is conducted. Firstly, the fluid-fluid properties of solubility and fluid-fluid IFT are discussed. 98 

Subsequently, the rock-fluid properties such as rock-fluid IFT, wettability, adsorption, and 99 

diffusion behavior of the H2 gas are elucidated. This work intends to assess and properly 100 

elucidate the current state-of-the-art, identify the research gaps, and provide recommendations 101 

for future works on UHS. 102 

 103 

Fig. 1. (a) Fluid-fluid, (b) fluid-rock, and (c) reservoir system interactions during UHS. 104 

Modified after [17]. 105 

2. Solubility 106 

The concept of solubility is an important factor in determining losses and gas trapping in 107 

subsurface formations. For instance, gases are usually contained (or trapped) in the subsurface 108 
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via structural, capillary, dissolution (solubility), mineralization, and adsorption mechanisms 109 

[10,30].  110 

Structural trapping occurs when gas is trapped within the pores or fractures of the rock 111 

formation due to the shape, size, and pore network connectivity. This trapping mechanism is 112 

dependent on the properties of the reservoir rock such as permeability, porosity, and pore throat 113 

size. Capillary trapping occurs when gas is trapped in the form of small droplets due to capillary 114 

forces at the interface between the gas and the liquid phases and is dependent on the properties 115 

of the pore fluid such as surface tension and contact angle. Solubility trapping occurs when gas 116 

is dissolved in the pore fluid and is prevented from escaping due to the low solubility of the 117 

gas in the liquid phase. Mineralization trapping on the other hand occurs when the injected gas 118 

interacts with the formation’s minerals and fluids. These trapping mechanisms (i.e., dissolution 119 

and mineralization) are dependent on the properties of the pore fluid such as salinity, pH, and 120 

temperature. Adsorption trapping, however, occurs when gas molecules are adsorbed onto the 121 

surface of the mineral grains in the rock formation due to the attractive forces between the gas 122 

molecules and the mineral surfaces. This trapping mechanism is dependent on the properties 123 

of the mineral surface such as surface area, surface chemistry, and pore size distribution 124 

[10,30]. 125 

In the case of UHS, trapping mechanisms such as solubility (fluid-fluid – discussed herein) and 126 

mineralization (fluid-rock) can lead to the permanent loss of the injected gas, making them 127 

unfavorable. For example, if the solubility of a gas is high, more of the injected gas will dissolve 128 

into the fluids, which can reduce the amount of gas trapped in the pore spaces. However, if the 129 

solubility of  gas is low, less of the injected gas will dissolve into the fluids, thus, the amount 130 

of gas trapped in the pore space increases (see refs. for three phase IFT study [38]). Therefore, 131 

understanding the solubility of hydrogen gas in the reservoir fluids (e.g., brine) in a three-phase 132 

region is an important factor that determines how much of the injected gas can be lost via 133 

dissolution into the fluids and how much will remain as a separate gas phase. 134 

The experimental data depicted in Figure 2 reveals that H2 solubility is dependent on factors 135 

such as pressure, temperature, and salinity. However, the solubility characteristics of H2 differ 136 

when it is dissolved in an aqueous solution compared to a non-aqueous solution [39]. This 137 

disparity is attributed to the diverse types of fluid compositions present, which will be 138 

elaborated upon in the subsequent discussion. 139 
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According to literature [40,41], temperature, pressure, and reservoir salinity have a significant 140 

impact on H2 solubility under UHS conditions, as depicted in Figures 2(a) to (c). An increase 141 

in pressure and temperature generally results in an increase in H2 dissolution, while an increase 142 

in brine salinity leads to a decrease in H2 solubility. For example, at 372 K, raising the pressure 143 

from 3.3 MPa to 23 MPa increased the H2 solubility in 3 mol/kg NaCl brine from 2.15 ×  10  144 

mole fraction to 1.3 ×  10  mole fraction (refer to Figure 2(a)). Similarly, at 10.1 MPa, 145 

increasing the temperature from 323 K to 373 K resulted in an increase in H2 solubility in 3 146 

mol/kg NaCl brine from 6.32 ×  10  mole fraction to 7.03 ×  10  mole fraction (see 147 

Figure 2(b)). Additionally, H2 solubility slightly decreased from 9.38 ×  10  mole fraction 148 

to 6.62 × 10  mole fraction at 15.1 MPa and 323 K as brine salinity increased from 3 mol/kg 149 

to 5 mol/kg (see Figure 2(c)) [40,41]. 150 

The observed trend in Figure 2 has been reported in various solubility studies, including both 151 

experimental and simulation works. Experimental studies have been conducted on H2-pure 152 

water [40–46] and H2-aqueous solution [41,47,48] systems. On the other hand, simulation 153 

studies have focused solely on H2-aqueous solution systems, as observed in different literature 154 

[39,49–51].  155 
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 156 

Fig. 2. H2 solubility at different experimental conditions. Adapted from [52]. 157 

 158 
As anticipated, the solubility of hydrogen in water decreases in the presence of salt due to the 159 

salting-out effect [39,51]. This effect occurs because the salt ions compete with the gas 160 

molecules for space in the liquid, thereby decreasing the concentration of dissolved gas. 161 

However, the magnitude of the effect depends on the nature of the gas as well as the salt 162 

concentration. For example, the effect may be stronger for non-polar gases (as they do not have 163 

a permanent dipole moment) like H2, CH4, N2, and CO2 [53] than for polar gases (as they have 164 

a permanent dipole moment due to an uneven distribution of charge within the molecule, 165 

resulting in a partial positive and partial negative end) like CO, water [54]. Additionally, 166 

different salts may have different effects on gas solubility due to differences in ion size and 167 

charge. The H2 solubility behavior with respect to brine concentration is often validated by 168 

models. Chabab et al. [41] and Torín-Ollarves and Trusler, [47] models for H2 solubilities in 169 

pure water and at NaCl molalities below 0.5 mol NaCl/kg H2O, as observed by van Rooijen et 170 
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al. [39]. However, for NaCl concentrations higher than 0.5 mol NaCl/kg H2O, the two models 171 

are likely to predict different H2 solubilities.  172 

With respect to temperature, the solubility of hydrogen decreases as the temperature increases, 173 

possibly due to the shift in hydrogen's phase behavior. According to Rooijen et al. [39], despite 174 

the use of different force fields for Na+, Cl–, and H2 gas, the models by Torín-Ollarves and 175 

Trusler, [47] and Lopez-Lazaro et al. [50] showed good agreement in terms of temperature. 176 

Furthermore, Gholami [51] in Figure 3 compared the effect of monovalent ions (Na+ and K+) 177 

with that of divalent ions (Ca2+ and Mg2+) in terms of temperature. The study showed that 178 

divalent ions have a greater impact on reducing the solubility of hydrogen in water compared 179 

to monovalent ions. Among the monovalent ions, K+ was found to decrease the solubility more 180 

than Na+, while among the divalent ions, Ca2+ had a stronger effect on the solubility than Mg2+. 181 

This observation may be attributed to the size of the ions and their ionic energy in the solution 182 

[51]. This trend can be seen to decrease as the temperature increased from 50 ℃ to 100 ℃.  183 

 184 

Fig. 3. Hydrogen solubility in brine for different salt types at 20 MPa for (a) 50 °C and (b) 185 

100 °C [51]. 186 

Lastly, the effect of hydrogen solubility with increasing pressure is that it generally leads to an 187 

increase in the solubility of gases in liquids. This is because increasing pressure causes more 188 

gas molecules to be forced into the liquid, thereby increasing the concentration of dissolved 189 

gas in the liquid. However, the changes in solubility are influenced by the phase and 190 

thermodynamic behavior of hydrogen in relation to the ionic solution [51,55]. As a result, the 191 

relationship between solubility and pressure depends on the nature of the gas and the liquid. 192 
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 193 

 194 

 195 

3. Interfacial tension (IFT) 196 

A phase boundary exists at the interface of H2 and other fluids in the reservoir. A crucial 197 

characteristic of the phase boundary is the IFT amongst the several phases present in the 198 

reservoir. The IFT of H2 in the presence of reservoir fluids determines the fluid behavior in the 199 

reservoir. Hence, this parameter is considered important for estimating the gas storage 200 

efficiency and crucial for the proper design of injection and withdrawal schemes [37]. To 201 

determine the IFT at the fluid-fluid interface, the pendant drop method is more commonly used. 202 

The procedure involves profile drop analysis of a fluid droplet (liquid) suspended from a needle 203 

in a chamber containing another fluid (gas). 204 

3.1 Fluid-Fluid Interfacial Tension 205 

Several factors impact the IFT of H2 at the fluid-fluid interface. These include pressure, 206 

temperature, salinity, presence of organic acids, and cushion gas.  207 

3.1.1 Effect of pressure  208 

Pressure influences the intermolecular interaction between H2 and other fluids in the reservoir. 209 

Increasing the pressure of the system causes the density of the gas to become higher and a 210 

corresponding decrease in IFT is obtained at the fluid-fluid interface. However, the pressure 211 

effect is considered infinitesimal on the IFT between H2 and reservoir fluids [39]. This is often 212 

attributed to the low solubility of H2 in brine. Moreover, H2 has extremely low density. Higgs 213 

et al. [56] noted that increasing the pressure of the H2-brine interface from 6.89 MPa to 20.68 214 

MPa resulted in a minimal reduction of IFT at the interface from 72 mN/m to 69 mN/m. Chow 215 

et al. [57] conducted a comprehensive investigation of the IFT of (H2 + H2O) at varying 216 

temperatures and pressures. At a constant temperature (25 ℃), increasing the pressure of the 217 

system from 0.5 MPa to 45.2 MPa cause a slight reduction of the IFT from 72.3 mN/m to 68.7 218 

mN/m (Figure 5). Also, Al-Mukainah et al. [58] observed a slight reduction in the H2–brine 219 

interfacial tension (𝛾 ) with an increase in the pressure of the system. At 14.7 psi, 63.68 220 

mN/m was recorded for the (𝛾 ) which decreased to 51.29 mN/m at 1,000 psi. Their 221 
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observation corroborated the study of  Hosseini et al. [59] with increasing pressure on H2-brine 222 

interfacial study as shown in Figure 4. Likewise, Esfandyari et al. [60] measured the IFT of 223 

H2-distilled water at varying temperatures and pressures. At 80 ℃, the IFT of the H2–H2O 224 

interface decreased from 71.0 mN/m to 68.4 mN/m when the pressure of the system was raised 225 

from 10 to 100 bar, respectively. However, van Rooijen et al. [39] used molecular simulation 226 

to compute IFT between H2/H2O/NaCl as a function of pressure (1 – 600 bar), temperature 227 

(298 – 523 K) and salinity (0.6 M NaCl). In terms of pressure, their simulation result found no 228 

significant pressure dependence with IFT. More experimental and modeling studies are 229 

required to understand the impact of the pressure of IFT during UHS. 230 

  231 

Fig. 4. Effect of pressure on the IFT of H2-brine (brine molality = 1.05 mol./kg) [59]. 232 

3.1.2 Effect of temperature 233 

As compared to pressure, increasing temperature causes the IFT of H2-brine to decrease 234 

significantly [39]. The reduction in IFT with temperature is due to the higher thermal activities 235 

of the molecules of H2 and the reservoir fluids which result in adhesive interaction between the 236 

fluids at the interface. Hosseini et al. [59] investigated the IFT of the H2-H2O interface at 237 

varying temperatures, pressures, and salinity conditions. At a constant pressure of 34.47 MPa, 238 

the IFT of the H2-H2O interface was lowered from 69.25 mN/m at 25 ℃ to 46.97 mN/m at 150 239 

℃. Similarly, at 10.1 MPa, Chow et al. [57] recorded the IFT of H2-H2O interface as 71.9 240 

mN/m at 25 ℃, and 59.3 mN/m at 100 ℃, respectively. The recent work by van Rooijen et al. 241 

[39] observed a nonlinear decrease of IFT with increasing temperature. Their findings 242 
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corroborated the experimental data of Chow et al. [57] compared to Hosseini et al. [59] who 243 

reported a linear decrease of IFT with temperature. The authors reinforce their argument by 244 

highlighting that the IFT between two phases in contact is nonlinearly dependent on the density 245 

difference as noted by Poling et al. [61]. Additionally, since temperature also has a nonlinear 246 

effect on the density difference between H2 and H2O, it is logical to assume that the relationship 247 

between IFT and temperature will also exhibit nonlinear behaviour. Therefore, the nonlinear 248 

relationship between IFT and temperature observed by their simulation is not surprising [39]. 249 

In the case of H2-brine IFT, Esfandyari et al. [60] observed a decrease in the IFT of H2-brine 250 

interface with temperature. At constant pressure of 100 bar, the surface tension at the interface 251 

of H2-brine decreased from 62.8 mN/m at 20 ℃ to 57.2 mN/m at 80 ℃, respectively. Similarly, 252 

Isfehani et al. [62] noted a reduction of the IFT of the H2-CO2-brine interface with an increase 253 

in temperature as shown in Figure 5. At constant pressure of 4,000 psi, the IFT of H2-CO2-254 

brine reduced from approximately 70 mN/m at 23 ℃ to 56 mN/m at 100 ℃. Mirchi et al. [17] 255 

recorded the IFT of H2-CO2-brine at 1,000 psi as 70.36 mN/m, 68.04 mN/m, and 65.94 mN/m 256 

for 22, 40, and 60 ℃, respectively. 257 

  258 

Fig. 5. Effect of temperature on the interfacial tension of H2-brine interface at brine molality 259 

of 1.05 mol/kg. Adapted from [62]. 260 

3.1.3 Effect of salinity 261 

Salinity has a pronounced effect on the IFT of the H2-brine interface. Increasing salinity has 262 
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hydrogen solubility in brine decreases with increasing brine salinity [41]. Since there is more 264 

salt packed into the water, salinity notably increases the density of the brine. Meanwhile, H2 is 265 

characterized with a lower density. Thus, the induced high differential density (∆𝜌) causes a 266 

higher IFT [59]. At constant temperature and pressure (323 °K, 20 MPa), the solubility of H2 267 

in 1,000 ppm and 5,000 ppm NaCl brine is 0.0016 and 0.0012 mol/kg, respectively (refer to 268 

Figure 3(a)) [51]. Divalent ion concentration further reduces the solubility of H2 gas in brine. 269 

Hosseini et al. [59] studied the effect of salinity on the IFT of the H2-brine interface. As 270 

illustrated in Figure 6, the interfacial tension of the H2-brine interface becomes higher with 271 

increasing molality of the brine. van Rooijen et al. [39] via molecular investigation also 272 

observed a linear increase of IFT with solution molalities. Besides density difference (since the 273 

density of saline H2O is greater than pure H2O), they observed that ions arrangement (cations 274 

and anions) at the interface can play a significant role in promoting a linear increase of IFT 275 

with salinity [63–68]. Specifically, cations strengthen the hydrogen bond network of H2O while 276 

anions have the opposite effect, leading to cations being absorbed into the bulk phase and 277 

anions being depleted from it [63,66,67]. Overall, the network of hydrogen bonds becomes 278 

toughened and rigid, thereby increasing the IFT [64,65].  279 

 280 

Fig. 6. Effect of salinity on IFT of H2-brine interface. Adapted from [59]. 281 
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To improve the injection scheme and withdrawal efficiency of hydrogen in underground 283 

geologic porous media, cushion gas has been proffered as supplementary gas to be injected 284 

ahead of the working gas (in this case H2 gas). CH4, CO2, and N2 have been evaluated as 285 

cushion gas during UHS. The injected cushion gas acts as a buffer to provide pressure during 286 

the storage process, thereby enhancing H2 gas deliverability during the withdrawal cycle [69]. 287 

Zamehrian and Sedaee [70] performed numerical simulations to study the role of cushion gas 288 

during the hydrogen storage process in a gas condensate reservoir. They noted that the use of 289 

N2 gas improved reservoir pressure, and consequently H2 gas recovery efficiency. Nonetheless, 290 

the introduction of cushion gas with H2 into geological formations influenced the reservoir 291 

hydrodynamics due to unavoidable gas mixing and molecular diffusion. Hence, it is crucial to 292 

understand the effect of the cushion gas on the fluid-fluid interactions with H2 gas.  293 

Mirchi et al. [17] conducted IFT studies of H2 – CH4/brine mixtures at typical reservoir 294 

conditions. The composition of cushion gas in the mixture was varied from 20% to 100% CH4. 295 

Increasing cushion gas concentration caused a reduction in the IFT at the H2-brine interface. 296 

At constant temperature and pressure (60 ℃ and 1,000 psi), the IFT of 80% H2 - 20% CH4 is 297 

65.24 mN/m while the IFT of 50% H2 - 50% CH4 is 62.46 mN/m. Further increasing the CH4 298 

concentration to 80% caused the lowering of IFT to 56.41%. The lower IFT recorded for the 299 

H2 – CH4 mixture was ascribed to the better solubility of CH4 in brine, which caused greater 300 

interaction between them at the interface. Similarly, Isfehani et al. [62] examined the IFT of 301 

H2-CO2-brine mixtures. The IFT of H2-CO2-brine mixtures decreases with increasing 302 

concentration of CO2 as illustrated in Figure 7. At 50 ℃, brine molality of 1.05 mol/kg, and 303 

2,000 psi pressure, the IFT of 70% H2- 30% CO2 mixture is 55.64 mN/m while the IFT of 30% 304 

H2- 70% CO2 mixture is 34.87 mN/m. This was attributed to the increase in the density of the 305 

gas mixture and consequently, a reduction in the density difference between the water solution 306 

and gas mixture. 307 
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 308 

Fig. 7.  IFT of H2-CO2 mixtures, molality = 1.05 mol/kg. Adapted from [62]. 309 

Alanazi et al. [72] recently conducted a study to investigate the IFT of H2-CH4/brine mixtures 310 

with the addition of 2 wt.% NaCl and 1 wt.% KCl. The study was carried out at a temperature 311 

of 323 K and pressures ranging from 0.1 to 1600 psi to assess the possibility of using CH4 as a 312 

cushion gas for structural and residual trapping. As shown in Figure 8(a), the change in 313 

CH4/brine IFT with increasing pressure was more pronounced than that of H2/brine IFT. The 314 

study found that the CH4/brine IFT decreased rapidly after 400 psi due to the attainment of 315 

critical CH4 conditions (i.e., 673 psi and 190.55 K). The study also revealed that the highest 316 

IFT values were recorded in pure H2, while the pure CH4/brine IFT values were the lowest. For 317 

instance, at a temperature of 323 K, the IFT value of pure H2/brine showed a minor decline 318 

from 55 to 53 mN/m, whereas the CH4/brine IFT values reduced from 54.5 to 46.5 mN/m with 319 

an increase in pressure from 200 to 1600 psi. The IFT values of H2-CH4/brine were found to 320 

be intermediate between those of pure H2 and pure CH4. The difference in density between 321 

pure CH4, CH4-H2 mixture, and pure H2 (illustrated in Figure 8(b)) may account for the lower 322 

IFT values recorded in pure CH4/brine and H2-CH4/brine compared to pure H2/brine. This can 323 

be attributed to improved intermolecular interactions in pure CH4 and CH4-H2 molecules at the 324 

interface compared to the H2/brine system. The authors suggest that the use of a cushion gas 325 

(such as CH4) before H2 injection into geological storage formations could result in reduced 326 

capillary pressure by decreasing IFT and increasing contact angles (as discussed in section 4). 327 

However, this raises the possibility of H2 diffusing across the caprock at the mixing zone 328 

between the cushion gas (H2-CH4 mixture) and stored gas. Table 1 summarizes the discussed 329 

fluid-fluid IFTs, including the H2-water, H2-brine, H2-CH4 brine, and H2-CO2 brine systems. 330 
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 331 

Fig. 8. (a) Measured IFT values between gas and liquid (10 wt% NaCl brine) for H2/brine, CH4/brine, 332 

and H2-CH4/brine mixture (50 %/50 %) systems at different pressures (50–1600 psi) and 323 K with an 333 

uncertainty range of ±1.7 to ±2.3 mN/m. (b) Density values of H2/brine, CH4/brine, and H2-CH4/brine 334 

mixture (50 %/50%) systems at varying pressures (50–1600 psi) and 323 K [71]. 335 
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It is noteworthy that despite the advantages of using cushion gas during UHS, the excessive 338 

introduction of cushion gas is highly discouraged. This is because it has the potential of 339 

reducing hydrogen purity [74]. Moreover, a high concentration of cushion gas has the potential 340 

of limiting the structural trapping, and may negatively impact the integrity of injection and 341 

withdrawal wells [17,75]. Hence, more studies are needed to determine the optimum 342 

concentration of cushion gas that is required to safely store H2 in geological formations and 343 

offer the required pressure for high H2 recovery efficiency. Additionally, previous studies have 344 

highlighted the role of N2, CO2, and CH4 as cushion gas for UHS with varying degrees of 345 

efficiency [17,70]. The limitation of utilizing these gases has been identified as unavoidable 346 

mixing which may ultimately result in hydrogen loss. Currently, there is no study that 347 

quantifies the amount of hydrogen loss encountered from the unavoidable mixing of H2 gas 348 

with the existing cushion gases. Moreover, more gases with a lower tendency for unavoidable 349 

mixing during their H2 storage and withdrawal are desired and recommended for future 350 

research. 351 

Overall, studies on fluid-fluid interaction between H2 and reservoir fluids are very few in the 352 

literature. More studies of the interaction between hydrogen and formation brine are required 353 

to ascertain their interaction at the pore scale. More importantly, previous studies have only 354 

established the effect of individual salts as representative of reservoir brine. However, the 355 

formation brine in reservoirs is usually a mixture of monovalent, divalent, and sometimes 356 

trivalent cations. Future studies should consider the effect of the formation’s brine-containing 357 

salt mixture on H2-brine IFT behavior. Furthermore, hydrocarbon reservoirs (especially 358 

depleted reservoirs) contain organic acids. The solubility of H2 in organic acid differs from 359 

aqueous solutions.  Hence, the effect of organic acid concentration on the IFT of H2-brine 360 

should be considered for further studies.  361 

 362 

3.2 Rock-fluid interfacial tension  363 

The importance of rock-fluid IFT during UHS cannot be overemphasized as it determines the 364 

fluid-spreading behavior of H2 gas on reservoir-rock systems [32]. Besides, rock-fluid IFT 365 

dictates the distribution and migration of H2 gas in the underground reservoir [52]. Unlike fluid-366 

fluid IFT which is easily determined experimentally, there is currently a lack of experimental 367 

methods to effectively estimate rock-fluid IFT. Hence, semi-empirical methods and 368 
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correlations such as Young’s equation and Neumann’s equation of state are used to determine 369 

the rock-fluid IFT. 370 

3.2.1 Effect of temperature and pressure 371 

Temperature and pressure are critical parameters that affect the rock-fluid IFT. Several studies 372 

posited that the IFT of rock-H2 decreases with increasing temperature and pressure. Increasing 373 

pressure causes the density of gas to increase and resultantly the rock-H2 intermolecular forces. 374 

Consequently, the IFT of the gas at the rock surface is lowered. In similitude to the effect of 375 

pressure, higher temperature causes the kinetic energy of H2 gas to increase. Resultantly, the 376 

mobility of H2 gas increases, thereby having less time to react with the solid surface [32].  Pan 377 

et al. [76] evaluated the rock-fluid IFT of H2 gas interaction with clean quartz rock using a 378 

semi-empirical method. They noted that the IFT of the rock-fluid (𝛾 ) interface 379 

decreases with an increase in the temperature and pressure of the geologic medium. At 50 ℃, 380 

the 𝛾  decreased from 101 mN/m to 88 mN/m when the pressure is raised from 5 MPa 381 

to 25 MPa. Similarly, at constant pressure of 20 MPa, increasing the temperature from 50 ℃ 382 

to 70 ℃ caused the 𝛾  to decrease from 92 mN/m to 83 mN/m.  383 

Additionally, Ali et al. [77] observed that at 50 ℃, the IFT of mica-H2 reduces from 114 mN/m 384 

to 95 mN/m when the pressure is increased from 5 MPa to 20 MPa as illustrated in Figure 9. 385 

Also, at a constant pressure of 10 MPa, the IFT of mica-H2 reduced from 111 mN/m to 102 386 

mN/m when the temperature condition was increased from 35 to 70 ℃. Yekeen et al. [78] 387 

applied Neumann’s equation to understand the impact of temperature and pressure on clay-388 

hydrogen interfacial tension. At 60 ℃ and 5 MPa, the IFT for 𝛾  is recorded 389 

as 67 mN/m; whereas the IFT decreased to 58 mN/m at 20 MPa. Also, the IFT of 𝛾  390 

decreased from 100 mN/m at 5 MPa to 94 mN/m at 20 MPa. Furthermore, Esfandyari et al. 391 

[79] quantified the 𝛾  as a function of temperature and pressure. At 40 ℃, the 𝛾  392 

decreased from 72.01 mN/m to 68.00 mN/m while the 𝛾  reduced from 64.07 mN/m 393 

to 59.66 mN/m when the pressure of the system was adjusted incrementally from 10 to 100 394 

bars. 395 
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 396 

Fig. 9. Effect of temperature and pressure on the IFT of mica-H2 interface. Adapted from 397 

[77]. 398 

3.2.2 Effect of stearic acid concentration 399 

An increase in the concentration of organic acid causes the 𝛾  to decrease. This is 400 

because the presence of organic acid increases the hydrophobicity of the system which prevents 401 

water from attaching to the surface. Nonetheless, H2 can easily attach to the surface as it 402 

contains no external dipole moment. Hence, less energy is required by H2 gas to interact with 403 

the surface. Pan et al. [76] investigated the role of organic acid on the rock-fluid IFT of quartz 404 

and H2 gas and compared the effect to CO2. As illustrated in Figure 10, at constant temperature 405 

and pressure (50 ℃ and 25 MPa), increasing the concentration of stearic acid from 10  to 406 

10  mol/L decreased the 𝛾  from 85 mN/m to 72 mN/m. Likewise, Hosseini et al. 407 

[80] determined the 𝛾  of calcite-H2 interface at constant temperature and pressure (50 408 

℃, and 10 MPa). They observed that the 𝛾  decreased significantly from 71.77 mN/m 409 

to 29.26 mN/m when the organic acid concentration is raised from 10  to 10  mol/L. 410 
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 411 

Fig. 10. Effect of stearic acid on the IFT of quartz-H2. Adapted from [76].  412 

3.2.3 Effect of salinity 413 

An increase in the ionic strength increases the 𝛾  especially at lower temperatures. 414 

Hosseini et al. [80] measured the effect of salinity on 𝛾  using empirical methods. At 415 

constant temperature and pressure, an increase of the salinity from 0 to 4.95 mol/kg cause the 416 

𝛾  of H2-water system to increase from 50 mN/m to 57.17 mN/m. Similarly,  417 

Esfandyari et al. [79] studied the rock-fluid IFT of mineral/H2/H2O via theoretical methods. At 418 

40 ℃ and 10 MPa, the 𝛾  in distilled water was recorded as 33.02 mN/m while the 419 

𝛾  in brine was recorded as 47.89 mN/m. Comparably, at the same temperature and 420 

pressure, the 𝛾  was 16.52 mN/m and 28.79 mN/m in distilled water and brine, 421 

respectively. This was attributed to the adsorption of the dissolved ions of the brine to the rock 422 

surface, thereby causing an increase in the surface charge and a reduction in the polarity at the 423 

rock surface. Consequently, the van der Waal’s forces on the rock surface decrease whereas 424 

the IFT of the rock-H2 gas increases. 425 

 426 

 427 
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3.2.4 Effect of rock mineralogy 428 

Rock mineralogy has a significant effect on rock-fluid IFT. Pan et al. [76] assessed the rock-429 

fluid IFT of H2 gas interaction with clean quartz and basaltic rock using a semi-empirical 430 

method. At the same temperature and pressure (50 ℃ and 10 MPa), the 𝛾  for clean 431 

quartz is 100 mN/m while the 𝛾  for basaltic rock is 75 mN/m. The observed difference 432 

recorded in the IFT for the two rocks was ascribed to the presence of organic matter in the 433 

basaltic rock. This is consistent with the previous discussion of the role of organic acid on the 434 

rock-fluid IFT. Similarly, Yekeen et al. [78] investigated the impact of rock mineralogy on 435 

rock-fluid IFT for quartz and clay surfaces. At 5 MPa and 60 ℃, the 𝛾  was recorded 436 

as 100 mN/m while the 𝛾  is recorded as 67.26 mN/m. This was ascribed to 437 

the high quantity of silanol function group on the surface of quartz which implies minimal 438 

available sites for interaction with H2. Besides, the 𝛾  and 𝛾  was recorded as 439 

68.64 mN/m and 67.89 mN/m, respectively (see Figure 11). The high IFT recorded during 440 

interaction of clay-H2 is indicative of minimal interaction between the clay mineral and H2 gas. 441 

Since caprock of most geological structure consists of clay and mudstone, the similar IFT of 442 

the rock-H2 interface means the UHS is unlikely to be affected by change in clay composition. 443 

 444 

Fig. 11. Predicted H2-clay interfacial tension as a function of pressure for montmorillonite, 445 

illite and kaolinite at 60 ℃. Adapted from [78]. 446 
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Overall, rock-fluid IFTs are quite tedious to compute, however, the use of these empirical 447 

methods and correlations can help reduce the level of uncertainties in establishing relevant data 448 

for UHS application. Table 2 therefore, summarizes the discussed rock fluid (i.e., rock/H2 and 449 

rock/brine) IFT experiments.450 
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4. Wettability  453 

A key and crucial factor during UHS is the wettability property of the rock. This parameter 454 

dictates the fluid distribution in the reservoir rock system and determines the fluid-flow 455 

behavior, trapping potential, storage capacity, and caprock sealing capacity during UHS [59]. 456 

To measure the wettability of rocks and substrates, several methods have been used. These 457 

include the sessile drop method, titling plate method, Wilhelmy plate method, capillary-rise 458 

method, capillary penetration method, captive bubble method, and micro-computed 459 

tomography imaging method [37]. The wettability property of the H2-rock system is governed 460 

by several parameters. These include temperature, pressure, salinity, surface roughness, the 461 

presence of organic acid, and surface contamination. Generally, for caprock which is 462 

responsible for structural trapping during UHS, a more water-wet and less H2-wet environment 463 

is favored to de-risk the UHS storage process. Besides, the low density of H2 gas and its low 464 

solubility in brine enable its transportation during injection and withdrawal schemes. Table 3 465 

presents the summary of the wettability studies of the H2–brine–rock system. 466 

4.1 Effect of Salinity  467 

Depleted reservoirs being considered for UHS contains inherent formation brine salinity which 468 

may have a considerable impact on the storage process. Hence, it is pertinent to consider the 469 

impact of brine salinity on H2-Brine-rock wettability. Higgs et al. [56] estimated the wettability 470 

of H2/brine/quartz at varying NaCl concentrations (0.1, 0.2, and 0.5 wt.%).  They observed a 471 

weak correlation to no correlation between contact angle and brine salinity at low pressures 472 

and high pressures, respectively. Likewise, Hashemi et al. [82] utilized the captive bubble 473 

technique to evaluate the wettability of a H2/brine/sandstone rock system. The authors 474 

conducted the experiments close to in situ conditions and observed that varying the salinity of 475 

the system is insignificant on the wettability of the sandstone rock surface. Esfandyari et al. 476 

[60] conducted wettability experiments of H2/brine/rock in distilled and formation water brine 477 

at constant temperatures and pressures. At ambient conditions, the change in the salinity 478 

gradient only yielded an infinitesimal increase in the contact angle (CA) of the H2/brine/rock 479 

system.  480 

On the other hand, Zeng et al. [83] conducted surface complexation modelling to investigate 481 

the role of salinity on the H2-rock wettability behaviour of carbonates by calculating the calcite 482 

surface potential to predict the structural disjoining pressure. They noted that the disjoining 483 
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pressure decreases with increasing salinity which consequently causes the contact angle to 484 

increase, and the calcite system became H2-wet. Similarly, Hosseini et al. [84] noted that the 485 

increase of brine salinity of H2/brine/rock for a carbonate rock from 0 mol/kg to 4.95 mol/kg 486 

resulted in an increase in the CA of the system. At 50 ℃ and 15 MPa, the advancing CA 487 

increased from, 69.8° to 80.65° while the receding CA increased from 63.35° to 73.3°. The 488 

dewetting of the surface was ascribed to reduced surface polarity resulting from the increase in 489 

salinity.  490 

Hou et al. [85] conducted a comprehensive investigation on the effect of salinity on 491 

H2/brine/rock wettability of carbonate rock surfaces. As illustrated in Figure 12, an increase in 492 

the solution salinity caused the water contact angle to increase, and consequently a decrease in 493 

the water wettability. Moreover, at the same concentration, the type of ions also influences the 494 

H2 wettability of the surface. For example, the presence of potassium (K+) ions causes more 495 

de-wetting of the surface compared to sodium (Na+) ions. This is adduced to the higher atomic 496 

size of K+ ions which causes more compression of the electrostatic double layer compared to 497 

Na+ ions. Furthermore, the presence of divalent ions increases the H2/brine/rock wettability of 498 

the carbonate rock surface. At 5.0 wt.% concentration, the advancing contact angles of 𝜃 =499 

71.3°, and 109.5° were recorded for NaCl, and CaCl2, respectively. This is attributed to the 500 

more electropositive nature of the divalent cations. Besides, higher adsorption of the divalent 501 

cations will occur on the carbonate rock surface compared to the monovalent ions. 502 

 503 

 504 
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 505 

Fig. 12. Effect of monovalent and divalent ion concentration on the H2/brine/carbonate rock 506 

wettability. Adapted from [85]. 507 

Overall, existing data reported in the literature for the effect of salinity on the wettability of 508 

H2/brine/rock is inconsistent. While some authors reported that salinity has no effect on the 509 

wettability of the H2/brine/rock system, other researchers noted infinitesimal to significant 510 

changes. Moreover, previous studies of the impact of salinity have mostly used individual salt 511 

concentrations (e.g., NaCl) to represent formation brine. This is at variance to real field 512 

conditions where the formation brine consists of a mixture of several salts. Indubitably, more 513 

studies of the impact of salinity on H2-brine-rock wettability are required to de-risk UHS 514 

projects.  515 

4.2 Effect of Pressure  516 

An increase in the system pressure causes the density of H2 gas to increase. Consequently, an 517 

increase in the intermolecular interaction H2/brine/rock occurs, and this is accompanied by an 518 

increase in the contact angle [86]. Hosseini et al. [84] observed an increase in the CA of calcite 519 

rock with an increase in pressure. At 25 ℃, the advancing CA, 𝜃 = 0° at 0.1 MPa, indicative 520 

of strongly water-wetting condition. This changes to 𝜃 = 83.6° at 20 MPa corresponding to 521 

an intermediate wetting condition. Also, Iglauer et al. [87] noted an identical trend of increasing 522 

CA with an increase in the pressure on a quartz surface. Ali et al. [77] investigated the effect 523 

of pressure on the equilibrium CA of a H2/brine/mica system. They remarked that the 524 

equilibrium CA increased at higher pressures. Likewise,  Ali et al. [88] reported that raising 525 

the pressure from 15 MPa to 25 MPa causes the wettability of mica aged with hexanoic acid to 526 

increase from 67.5° to 80.3°. Similarly, an increase in the wettability of the mica substrate was 527 
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recorded for lauric acid and lignoceric acid whose advancing contact angle changed from 75.4° 528 

to 89.2°, and 91.8° to 106.2°, respectively. Al-Yaseri et al. [89] deduced the wettability of 529 

H2/brine/shale using a semi-empirical thermodynamic model at typical geo-storage conditions. 530 

The authors acknowledged that increasing the pressure from 5 MPa to 20 MPa resulted in an 531 

increase in the hydrogen wettability of shale (see Figure 13). 532 

  533 

Fig. 13. Effect of pressure on the wettability of H2/brine/shale [89].  534 

Contrarily, Al-Mukainah et al. [58] noted that the CA of H2/brine on shale decreases with an 535 

increase in pressure. The authors attributed the deviation from previous studies to the ultra-low 536 

density of H2 gas at the pressure studied (1,000 psi). It is worth noting that an improved form 537 

of the sessile drop technique was used by the authors compared to other reported studies where 538 

the tilted plate method was used. It is therefore expected that the adopted methodology will 539 

promote contact angle decrease with increasing pressure as a single pendant was used by 540 

constantly compressing the pendant with increasing H2 gas pressure. Whereas, the existing 541 

tilted plate method procedure involves an initial injection of H2 gas at a set pressure before 542 

releasing the drop. Hashemi et al. [82] reported that the H2/brine/rock contact angle is not 543 

influenced by the presence of pressure. Similarly, Higgs et al. [56] observed no correlation 544 

between the CA of H2-brine-rock and pressure at constant temperature. This was ascribed to 545 
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the low solubility of hydrogen in water. More studies are required to elucidate the effect of 546 

pressure on the wettability of H2-Brine-rock systems.  547 

4.3 Effect of Temperature 548 

At high temperatures, the kinetic energy of H2 gas increases. High collision and accelerated 549 

diffusion occur while the molecular cohesive energy of the H2 gas reduces. Consequently, the 550 

molecular interaction between H2 gas and the rock surface of the geologic medium reduces. 551 

Zeng et al. [83] recorded an increase in the disjoining pressure of the calcite surface with an 552 

increase in the temperature of the system via geochemical modelling of the rock surface. 553 

Resultantly, a decrease in the contact angle and an increase in the hydrophilicity of the H2 554 

/brine/rock system was observed. Ali et al. [90] studied the wetting property of the 555 

H2/brine/rock system and observed that an increase in the temperature of the system resulted 556 

in the reduction of the contact angle. At a fixed pressure of 15 MPa, the contact angle of the 557 

mica/H2/brine was recorded as 𝜃 = 53.1° and 𝜃 = 47.3° at 35 ℃, while 𝜃 = 35.4° and 𝜃 =558 

29.2° at 70 ℃, respectively (see Figure 14). Hosseini et al. [84] observed that an increase in 559 

temperature reduced the water contact angle on H2 /brine/carbonate surface. At 15 MPa, the 560 

advancing CA decreased from 𝜃 = 80.35° at 25 ℃ to 𝜃 = 57.85° at 80 ℃ while the receding 561 

CA decreased from 𝜃 = 76.6° at 25 ℃ to 𝜃 = 53.15° at 80 ℃.  562 

 563 

Fig. 14. Effect of temperature and pressure on the contact angle of H2/brine/mica. Adapted 564 

from [77]. 565 
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Hosseini et al. [91] noted that the brine wettability of basalt increased water contact angle with 566 

an increase in temperature. For example, at 5 MPa, as 𝜃 = 32.29° at 35 ℃, while 𝜃 = 47.86° 567 

at 70 ℃. This was attributed to the breakage of hydrogen bond between the water molecule and 568 

silanol group of silica rich basaltic rock, thereby decreasing the hydrophilicity. Similarly, 569 

Iglauer et al. [87] discovered that an increase in temperature resulted in an increase in the 570 

contact angle for the H2/brine/quartz system. The authors explained this phenomenon by 571 

postulating that as temperature increased, there was a higher probability of breaking hydrogen 572 

bonds between water molecules and silanol groups on the quartz surface. This led to a decrease 573 

in the concentration of surface hydrogen bonds, thereby reducing the hydrophilicity of the 574 

quartz and increasing the hydrogen wettability. At a pressure of 10 MPa, the contact angle 575 

increased from 12.3° at 23 ℃ to 33.7° at 70 ℃, providing evidence for the relationship between 576 

temperature and hydrogen wettability. 577 

4.4 Effect of organic acid 578 

The evolution of hydrocarbon from biological materials in hydrocarbon reservoirs implies that 579 

there is a tendency for trace amounts of organic acids (OA) to be present in depleted 580 

hydrocarbon reservoirs [37]. Hence, to mimic real reservoir conditions, the impact of OA 581 

concentration on the wettability of the H2 /brine/rock has been investigated to understand UHS 582 

trapping and containment security. The presence of organic acid (even in minute quantity) 583 

increases the hydrophobicity due to adsorption at the rock interface and causes the de-wetting 584 

of the rock surface [87]. The de-wetting of rock surfaces has a significant impact on the 585 

trapping potential and containment safety of hydrogen in the geologic medium. Hosseini et al. 586 

[91] observed a reduction in water wettability when the OA concentration is increased. This 587 

was attributed to OA adsorption on the surface of the basaltic rock. Similarly, Ali et al. [86] 588 

studied the H2 – rock wettability using a quartz sandstone substrate. Three organic acids namely 589 

lauric acid, hexanoic acid, and lignoceric acids were used to mimic the presence of 590 

hydrocarbons typical of real reservoir conditions. An increase in hexanoic acid concentration 591 

from 10 𝑀 to 10 𝑀 at a fixed temperature 323 °𝐾 and pressure 25 MPa caused a wettability 592 

alteration to an intermediate wetting condition (𝜃 = 68.2°, 𝜃 = 61.5°) from a water wetting 593 

condition (𝜃 = 42.9°, 𝜃 = 38.6°). Similarly, 10 𝑀 lignoceric acid concentration increased 594 

the CA of quartz/H2/brine to intermediate wetting condition (𝜃 = 91.3°, 𝜃 = 82.7°) from 595 

water wetting condition (𝜃 = 55.6°, 𝜃 = 55.6°).  596 
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As shown in Figure 15, Ali et al. [88] investigated the role of organic acid structures on the 597 

wetting characteristics of mica as a representative of the caprock. At 25 MPa pressure and 598 

10 𝑀 fixed concentration for hexanoic acid, lauric acid, and lignoceric acid, the contact angle 599 

changed to 80.3°, 89.2°, and 106.2°, respectively. Furthermore, at a fixed concentration of 600 

organic acid, the molecular structure of organic acid plays a crucial role in determining the 601 

degree of change of the wetting condition. Increasing the alkyl chain length (number of carbon 602 

atoms) causes an increase in the quartz/H2/brine contact angle. Similar result was reported in 603 

the case of Indiana limestone rock [92]. This is because the increasing concentration of the 604 

alkyl chain causes an increase in the standard energy of adsorption and consequently, stronger 605 

interaction with the mica substrate. Hence, the presence of organic acid in geological 606 

formations at high pressure implies that there is a possibility for the structural trapping capacity 607 

of the caprock to fail and a high possibility for H2 gas leakage.  608 

 609 

Fig. 15. Comparison of H2 /brine/rock wettability for mica and quartz surface at different 610 

temperature and pressure conditions. Adapted from [88]. 611 
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The mineralogy of rock also plays a distinct role in the wettability of rock and hence, the 613 

trapping potential of the geologic medium. Ali et al. [88] studied the H2 /brine/rock wettability 614 

of quartz and mica under similar organic acid concentrations, temperatures, and pressure 615 

conditions. At 10 𝑀 lignoceric acid concentration, the advancing contact angle for quartz/ 616 

H2 /brine is recorded as 51.3°,  69.2°, and 84.6° for 0.1, 15, and 25 MPa, respectively. On the 617 

other hand, at similar conditions, the advancing contact angle for mica/ H2 /brine is recorded 618 

as 60.7°,  85.7°, and 96.2° for 0.1, 15, and 25 MPa, respectively. The higher contact angle 619 

recorded for mica compared to quartz was adduced to the presence of more silanol groups on 620 

the quartz surface which presents it with more hydrophilic sites and enabled maximum 621 

interaction with the H2 moieties.  622 

Al-Mukainah et al. [58] evaluated the potential of UHS in shale formations. Two shale rocks 623 

namely Eagle-ford shale and Wolf-camp shale rocks have total organic carbon (TOC) of 3.83% 624 

and 0.30%, respectively. At low pressures, the Eagle-ford shale was intermediately wet. On the 625 

other hand, the Wolf-camp shale was weakly water-wet throughout the pressure range studied. 626 

This was attributed to the increase in the TOC content of shale which decreases the water-627 

wettability of the H2-brine-rock system. Al-Yaseri et al. [89] studied the effect of shale TOC 628 

on the wettability of the H2 /brine system. They noted that shale with higher TOC recorded 629 

high contact angles due to its high hydrophobicity. Hosseini et al. [93] observed a similar trend 630 

for shale rock samples with different TOC concentrations. The authors noted that when the 631 

TOC of the shale rock sample was increased from 0.09 wt.% to 14 wt.% (at 15 MPa, and 50 632 

℃), the receding contact angle of H2 /brine/rock increased from 31.77° to 82.4°, indicating a 633 

decrease in the water-wetness of the shale rock. It was inferred that the increase in the TOC 634 

cause an increase in the hydrophobicity of the shale rocks and consequently a decrease in the 635 

water-wetness of the shale rock. Furthermore, the authors noted that shale samples with higher 636 

amounts of calcite and clay tend to have more hydrogen wettability (i.e., high water contact 637 

angle and low water-wetness). On the other hand, evaporite rock sample with high content of 638 

gypsum tends to be water wet. 639 

Esfandyari et al. [60] investigated the H2 /brine/rock wettability of different rocks under 640 

varying salinities, temperatures, pressures, and OA concentrations. They observed that the 641 

mineralogy of the reservoir rock system has a distinct effect on the CA values of H2 /brine/rock. 642 

At a temperature of 80 ℃ and pressure of 10 bar, the CA of H2 /brine/rock for gypsum, quartz, 643 

anhydrite, calcite, shale, dolomite, granite, and basalt are recorded as 48°, 45°, 40°, 40°, 39°, 644 
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37°, 27°, 21°, respectively. However, the mechanism of the influence of rock mineralogy on 645 

the wettability of the system was not elucidated. Likewise, Hou et al. [85] measured the H2 646 

/brine/rock wettability of three different rocks namely sandstone, shale coal, and carbonate 647 

rocks. At 5 wt.% NaCl concentration, the average contact angle was recorded as 42.3°, 48.4°, 648 

and 67.2° for sandstone, shale coal, and carbonate rocks, respectively. 649 

Al-Yaseri et al. [94] inferred the H2 /brine/rock wettability of different clays (kaolinite, illite, 650 

and montmorillonite) using empirical correlations on measurement of other similar gases (CO2, 651 

N2, He, and Ar) conducted at subsurface conditions. All evaluated clays were found to strongly 652 

exemplify water-wetting behavior. The water-wetness of the clay surface in the presence of 653 

hydrogen is in the order of kaolinite > illite > Montmorillonite. The lower water contact angle 654 

(i.e., high water wetness) of kaolinite clay surface was ascribed to the hydrophilic surface of 655 

kaolinite clay characterized by a 1:1 tetrahedral siloxane (T-sheet) and octahedral hydroxide 656 

surface (O-sheet). Contrariwise, illite and montmorillonite are 2:1 clay whose O-sheets are 657 

placed in-between two T-sheets. The contact angle result depicts that the structural and residual 658 

trapping of hydrogen would be highly favoured on a clay surface. 659 

4.6 Effect of Cushion gas 660 

The injection of cushion gas as a buffer to improve the storage and withdrawal efficiency of 661 

H2 necessitates that the impact of the cushion gas on the wettability of the process be studied. 662 

Nevertheless, only a handful of experimental studies on mixtures of H2 with cushion gas exist 663 

in the literature. For example, Mirchi et al. [17] performed contact angle experiments using the 664 

captive bubble method for H2/CH4 mixtures on oil-wet sandstone and limestone at 1000 psi for 665 

three different temperatures (22, 40, and 60 ℃) and 2 wt.% salinity. The contact angle of the 666 

oil-wet rock surface was recorded as 130.4° and 136.2°. On the other hand, the presence of the 667 

gas mixtures altered the wettability of the rock surfactant to weakly water-wetting conditions 668 

of 59.72° and 71°. Their findings further posited  CH4 gas as a promising cushion gas option 669 

in a depleted oil and gas reservoir [17].  670 

In a similar manner, Hashemi et al. [95] utilized a captive bubble setup to measure the contact 671 

angle of H2-CH4 Bentheimer sandstone under UHS conditions, including pressures, 672 

temperatures and varying salinities. Their findings indicated a strongly water-wet condition 673 

with contact angles between 25 to 45o. They also revealed that the measured contact angle 674 

remained unaffected by the investigated reservoir temperature, pressure, and salinity. A recent 675 
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study by Alanazi et al. [72] used the tilted plate method to investigate the impact of CH4-676 

cushion gas on substrates derived from organic-oil-rich shale source rocks from Jordan. The 677 

researchers examined the effect of gas type (pure CH4, pure H2, and H2-CH4 mixtures) and 678 

pressure on geo-storage conditions by measuring the contact angle at 50 ℃ under various 679 

pressures and salinities. The results indicated that the contact angle levels for rock/CH4/brine 680 

were greater than rock/H2/brine, while the H2-CH4/brine mixture contact angles were 681 

intermediate between those for pure gases. 682 

From the above cushion gas type, it can be observed that only CH4 has been experimentally 683 

investigated with respect to H2-CH4 mixtures on wettability. Hence more studies on other 684 

cushion gas types such as CO2 and N2 are highly encouraged to fully comprehend the general 685 

behaviour during hydrogen injection. Moreover, the choice of cushion gas is determined by 686 

various factors. One such factor is the gas wettability, which is higher in N2 and CO2 [90,96,97], 687 

making them easier to separate during production cycles. Similarly, cost [98,99], physical 688 

properties [100], and geological parameters such as reservoir depth, trap shape, and 689 

permeability [69]  are other considerations that need to be considered during cushion gas 690 

selection.  691 

 692 

 693 



39
 

 

T
ab

le
 3

. W
et

ta
bi

li
ty

 s
tu

di
es

 o
f 

pu
re

 (
H

2/
br

in
e/

ro
ck

) 
an

d 
m

ix
ed

 (
H

2-
C

H
4/

br
in

e/
ro

ck
) 

sy
st

em
s 

re
le

va
nt

 f
or

 U
H

S
. 

69
4 

R
ef

er
en

ce
 

M
et

ho
do

lo
gy

 
Su

bs
tr

at
e 

O
rg

an
ic

 a
ci

d
 

G
as

 
S

al
in

it
y 

T
em

p
er

at
u

re
 

P
re

ss
u

re
 

Si
gn

if
ic

an
t 

fi
n

di
ng

s 

Ig
la

ue
r 

et
 a

l. 
[8

7]
 

T
il

te
d 

pl
at

e 

go
ni

om
et

ry
  

Q
ua

rt
z 

(S
an

ds
to

ne
) 

St
ea

ri
c 

ac
id

 
H

2 
10

 w
t.%

 N
aC

l  
23

 –
 7

0 
℃

 
0.

1 
– 

25
 

M
P

a 

 
C

on
ta

ct
 

an
gl

e 
of

 
th

e 

sy
st

em
 

in
cr

ea
se

d 
as

 
a 

fu
nc

ti
on

 
of

 
pr

es
su

re
, 

te
m

pe
ra

tu
re

, a
nd

 o
rg

an
ic

 

ac
id

 c
on

ce
nt

ra
ti

on
. 

H
as

he
m

i e
t a

l. 
[8

2]
 

C
ap

ti
ve

 b
ub

bl
e 

B
en

th
ei

m
er

 
an

d 

B
er

ea
 S

an
ds

to
ne

 

– 
H

2 
0 

w
t.%

 N
aC

l 

0.
5 

w
t.%

 

N
aC

l, 

5.
0 

w
t.%

 N
aC

l 

S
W

 
3.

67
7 

w
t.%

 

20
, 

30
, 

40
, 

50
 

℃
 

20
, 

50
, 

70
, 

10
0 

ba
rs

 

 
H

2-
br

in
e-

ro
ck

 

de
m

on
st

ra
te

d 
a 

st
ro

ng
ly

 

w
at

er
-w

et
ti

ng
 c

on
di

ti
on

.  

 
V

ar
ia

tio
n 

in
 

ro
ck

 
ty

pe
, 

sa
li

ni
ty

, t
em

pe
ra

tu
re

, a
nd

 

pr
es

su
re

 d
oe

s 
no

t 
ha

ve
 a

 

si
gn

if
ic

an
t 

ef
fe

ct
 o

n 
th

e 

w
et

ti
ng

 p
ro

pe
rt

y 
of

 t
he

 

sy
st

em
. 

A
li

 e
t a

l. 
[8

6]
 

T
ilt

ed
 

pl
at

e 

go
ni

om
et

ry
 

Q
ua

rt
z 

 

(S
an

ds
to

ne
) 

H
ex

an
oi

c 
ac

id
, 

L
au

ri
c 

ac
id

, 

L
ig

no
ce

ri
c 

ac
id

 

H
2 

10
 w

t.%
 N

aC
l 

50
 ℃

 
0.

1,
 

15
, 

25
 

M
Pa

 

 
Q

ua
rt

z 
su

rf
ac

e 

ex
em

pl
if

ie
d 

st
ro

ng
ly

 

w
at

er
-w

et
 

to
 



40
 

 

in
te

rm
ed

ia
te

-w
et

ti
ng

 

co
nd

it
io

ns
.  

 
C

on
ta

ct
 

an
gl

e 
al

so
 

in
cr

ea
se

d 
w

ith
 in

cr
ea

si
ng

 

pr
es

su
re

. 

A
li

 e
t a

l. 
[8

8]
 

T
ilt

ed
 

pl
at

e 

go
ni

om
et

ry
 

M
ic

a 
 

H
ex

an
oi

c 
ac

id
, 

L
au

ri
c 

ac
id

, 

L
ig

no
ce

ri
c 

ac
id

 

H
2 

10
 w

t.%
 N

aC
l 

50
 ℃

  
0.

1,
 

15
, 

25
 

M
Pa

 

 
H

2–
ro

ck
 

w
et

ta
bi

lit
y 

in
cr

ea
se

d 
w

it
h 

an
 

in
cr

ea
se

 
in

 
th

e 

co
nc

en
tr

at
io

n 
of

 o
rg

an
ic

 

ac
id

s 
an

d 
le

ng
th

 o
f 

th
e 

al
ky

l g
ro

up
.  

 
In

cr
ea

se
 

in
 

pr
es

su
re

 

in
cr

ea
se

s 
th

e 
C

A
 o

f 
th

e 

H
2-

br
in

e-
ro

ck
 in

te
rf

ac
e.

 

A
li

 e
t a

l. 
[9

0]
 

T
ilt

ed
 

pl
at

e 

go
ni

om
et

ry
 

M
ic

a 
 

St
ea

ri
c 

ac
id

 
H

2 
10

 w
t.%

 N
aC

l  
35

– 
70

 ℃
 

0.
1 

– 
25

 

M
Pa

 

 
R

oc
k/

H
2/

br
in

e 

w
et

ta
bi

lit
y 

de
cr

ea
se

s 

w
it

h 
in

cr
ea

si
ng

 

te
m

pe
ra

tu
re

. 

 
C

on
tr

ar
iw

is
e,

 
H

2 
/b

ri
ne

 

w
et

ta
bi

lit
y 

in
cr

ea
se

s 

w
it

h 
in

cr
ea

si
ng

 p
re

ss
ur

e 



41
 

 

an
d 

or
ga

ni
c 

ac
id

 

co
nc

en
tr

at
io

n.
 

H
ig

gs
 e

t a
l. 

[5
6]

 
C

ap
ti

ve
 

bu
bb

le
, 

in
-s

itu
 

m
ic

ro
-C

T
 

sc
an

ni
ng

 

Q
ua

rt
z,

 

B
en

th
ei

m
er

, 

B
er

ea
 

– 
H

2 
0.

1,
 

0.
2,

 
an

d 

0.
5 

w
t.%

 N
aC

l 

16
.7

 w
t.%

 K
I 

25
 ℃

 
0.

69
 –

 2
0.

68
 

M
Pa

 

 
H

2-
br

in
e-

ro
ck

 
ex

hi
bi

te
d 

a 
w

at
er

-w
et

ti
ng

 

co
nd

it
io

n.
 

 
N

o 
co

rr
el

at
io

n 
w

as
 fo

un
d 

be
tw

ee
n 

th
e 

C
A

 o
f 

th
e 

ro
ck

-H
2 

sy
st

em
 

w
ith

 

sa
li

ni
ty

 a
nd

 p
re

ss
ur

e.
 

A
l-

Y
as

er
i a

nd
 J

ha
 [

96
] 

T
il

te
d 

pl
at

e 

go
ni

om
et

ry
 

B
as

al
t 

– 
H

2 

C
O

2,
 N

2,
 

an
d 

H
e.

 

4.
0 

w
t.%

 

N
aC

l, 
4.

0 

w
t.%

 C
aC

l 2
, 

1 

w
t.%

 
K

C
l, 

1 

w
t.%

 M
gC

l 2
 

50
 ℃

  
5,

 
10

, 
15

, 

an
d 

20
 M

P
a 

 
T

he
 

ba
sa

lt
 

ex
hi

bi
te

d 
a 

st
ro

ng
ly

 
w

at
er

-w
et

ti
ng

 

st
at

e.
 

 
B

es
id

es
, 

th
e 

co
nt

ac
t 

an
gl

e 
of

 
ro

ck
-H

2 

in
cr

ea
se

s 
w

ith
 p

re
ss

ur
e.

 

A
l-

Y
as

er
i e

t a
l. 

[9
4]

 
T

il
te

d 
pl

at
e 

go
ni

om
et

ry
 

K
ao

li
ni

te
, 

Il
li

te
 

an
d 

M
on

tm
or

ill
on

ite
 

cl
ay

s.
 

– 
H

2,
 C

O
2,
 

A
r,

  N
2,
 

an
d 

H
e.

 

B
ri

ne
, 

20
 

N
aC

l, 
an

d 
1 

K
C

l 

60
 ℃

 

 

72
5 

– 
29

00
 

ps
i 

 
A

 
st

ro
ng

ly
 

w
at

er
-w

et
 

co
nd

it
io

n 
w

as
 r

ep
or

te
d.

 

 
T

he
 

pr
ed

ic
te

d 
co

nt
ac

t 

an
gl

e 
in

cr
ea

se
s 

w
it

h 



42
 

 

pr
es

su
re

 f
or

 a
ll

 th
e 

te
st

ed
 

cl
ay

 s
am

pl
es

. 

A
l-

M
uk

ai
na

h 
et

 a
l. 

[5
8]

 
S

es
si

le
 d

ro
p 

Sh
al

e 
(W

ol
f 

ca
m

p 
an

d 
E

ag
le

 

fo
rd

) 

– 
H

2 
10

 w
t.%

 N
aC

l 
50

 ℃
  

14
.7

 –
 1

00
0 

ps
i 

 
T

he
 

co
nt

ac
t 

an
gl

e 

in
cr

ea
se

s 
as

 a
 f

un
ct

io
n 

of
 

th
e 

T
O

C
 c

on
te

nt
 o

f 
th

e 

sh
al

e 
ro

ck
. 

 
C

on
ta

ct
 

an
gl

e 
al

so
 

de
cr

ea
se

d 
w

it
h 

in
cr

ea
si

ng
 p

re
ss

ur
e.

 

H
os

se
in

i e
t a

l. 
[9

1]
 

T
il

te
d 

pl
at

e 

go
ni

om
et

ry
  

B
as

al
t 

St
ea

ri
c 

ac
id

 
H

2 
1.

05
 

M
 

br
in

e 

(0
.8

64
 

m
ol

 

N
aC

l 
&

 0
.1

36
 

m
ol

 K
C

l)
 

35
 –

 7
0 

℃
 

5 
– 

20
 M

Pa
 

 
A

t l
ow

er
 p

re
ss

ur
es

 (5
 a

nd
 

10
 M

P
a)

, 
th

e 
ba

sa
lt

-H
2-

ro
ck

 s
ys

te
m

 e
xh

ib
it

ed
 a

 

st
ro

ng
ly

 
w

at
er

-w
et

ti
ng

 

be
ha

vi
ou

r.
 

 
N

on
et

he
le

ss
, 

at
 

hi
gh

er
 

pr
es

su
re

s 
(1

5 
an

d 
20

 

M
P

a)
, 

th
e 

w
et

ta
bi

li
ty

 o
f 

th
e 

sy
st

em
 c

ha
ng

ed
 t

o 
a 

w
ea

kl
y 

w
at

er
-w

et
ti

ng
 

co
nd

it
io

n.
  



43
 

 

 
In

cr
ea

se
 

in
 

th
e 

or
ga

ni
c 

ac
id

 
co

nc
en

tr
at

io
n 

an
d 

te
m

pe
ra

tu
re

 c
ha

ng
ed

 t
he

 

w
et

ta
bi

lit
y 

to
 

an
 

in
te

rm
ed

ia
te

 
w

et
ti

ng
 

co
nd

it
io

n.
 

H
os

se
in

i e
t a

l. 
[8

4]
 

T
il

te
d 

pl
at

e 

go
ni

om
et

ry
  

C
al

ci
te

 
St

ea
ri

c 
ac

id
 

H
2 

0 
– 

4.
95

 

m
ol

/k
g 

25
 –

 8
0 

℃
 

0.
1 

– 
20

 

M
Pa

 

 
A

n 
in

cr
ea

se
 

in
 

th
e 

pr
es

su
re

 o
f 

th
e 

H
2-

bi
ne

-

ca
lc

it
e 

ro
ck

 
sy

st
em

 

ch
an

ge
d 

th
e 

w
et

ta
bi

lit
y 

of
 t

he
 r

oc
k 

su
rf

ac
e 

fr
om

 

st
ro

ng
ly

 
w

at
er

-w
et

 
to

 

in
te

rm
ed

ia
te

-w
et

. 

 
Si

m
il

ar
 

be
ha

vi
ou

r 
w

as
 

ob
se

rv
ed

 f
or

 a
n 

in
cr

ea
se

 

in
 

sa
lin

it
y 

an
d 

or
ga

ni
c 

ac
id

 
co

nc
en

tr
at

io
n.

 

H
ow

ev
er

, 
an

 
op

po
si

te
 

tr
en

d 
w

as
 o

bs
er

ve
d 

fo
r 

an
 

in
cr

ea
se

 
in

 

te
m

pe
ra

tu
re

. 



44
 

 

H
os

se
in

i e
t a

l. 
[9

3]
 

T
il

te
d 

pl
at

e 

go
ni

om
et

ry
 

S
ha

le
, 

ev
ap

or
it

e,
 

an
d 

oi
l s

ha
le

 

St
ea

ri
c 

ac
id

 
H

2 
1.

05
 

M
 

br
in

e 

(0
.8

64
 

m
ol

 

N
aC

l 
&

 0
.1

36
 

m
ol

 K
C

l)
  

25
 –

 8
0 

℃
 

0.
1,

 
5,

 
10

, 

20
 M

P
a 

 
T

he
 o

ut
co

m
e 

of
 th

e 
st

ud
y 

re
ve

al
ed

 t
ha

t 
an

 i
nc

re
as

e 

in
 

th
e 

T
O

C
 

of
 

sh
al

e,
 

pr
es

su
re

, 
an

d 
or

ga
ni

c 

ac
id

 
co

nc
en

tr
at

io
n 

ca
us

es
 a

n 
in

cr
ea

se
 i

n 
th

e 

co
nt

ac
t 

an
gl

es
 o

f 
th

e 
H

2-

br
in

e-
ro

ck
 s

ys
te

m
. 

 
A

 
re

ve
rs

e 
tr

en
d 

w
as

 

ob
se

rv
ed

 f
or

 a
n 

in
cr

ea
se

 

in
 

te
m

pe
ra

tu
re

 

co
nd

it
io

ns
. 

E
sf

an
dy

ar
i e

t a
l. 

[6
0]

 
C

ap
ti

ve
 

dr
op

 

te
ch

ni
qu

e 

C
al

ci
te

, 

do
lo

m
it

e,
 q

ua
rt

z,
 

sh
al

e,
 

an
hy

dr
it

e,
 

gy
ps

um
, 

gr
an

it
e,

 

an
d 

ba
sa

lt 

St
ea

ri
c 

ac
id

 
H

2 
D

is
ti

lle
d 

w
at

er
, 

F
or

m
at

io
n 

br
in

e 

20
 –

 8
0 

℃
 

10
 

– 
10

0 

ba
rs

  

 
T

he
 

co
nt

ac
t 

an
gl

es
 

of
 

gr
an

it
e,

 
qu

ar
tz

, 
ba

sa
lt

, 

an
d 

gy
ps

um
 

de
m

on
st

ra
te

s 
a 

w
at

er
-

w
et

ti
ng

 b
eh

av
io

ur
 o

f 
H

2, 

in
di

ca
ti

ve
 

of
 

go
od

 

st
or

ag
e 

ca
pa

bi
li

tie
s.

  

 
O

n 
th

e 
ot

he
r 

ha
nd

, 
th

e 

su
rf

ac
e 

w
et

ta
bi

li
ty

 
of

 

ca
lc

it
e,

 s
ha

le
, 

do
lo

m
it

e,
 



45
 

 

an
d 

an
hy

dr
ite

 

ex
em

pl
if

ie
d 

w
ea

kl
y 

w
at

er
-w

et
ti

ng
 o

r 
ne

ut
ra

l 

w
et

ti
ng

 b
eh

av
io

ur
. 

S
ed

ev
 e

t a
l. 

[1
01

] 
T

ilt
ed

 
dr

op
 

m
et

ho
d 

B
it

um
in

ou
s 

co
al

 
– 

H
2 

2.
0 

w
t.%

 N
aC

l 
25

, 5
0,

 7
0 

℃
 

5 
– 

90
 b

ar
s 

 
T

he
 c

on
ta

ct
 a

ng
le

 o
f 

th
e 

H
2-

bi
ne

-c
oa

l 
sy

st
em

 
is

 

w
ea

kl
y 

w
at

er
-w

et
 

th
ro

ug
ho

ut
 

th
e 

te
m

pe
ra

tu
re

 a
nd

 p
re

ss
ur

e 

co
nd

it
io

ns
 s

tu
di

ed
.  

H
ou

 e
t a

l. 
[8

5]
 

S
es

si
le

 d
ro

p 
A

ge
d 

ca
rb

on
at

e,
 

sa
nd

st
on

e,
 

an
d 

sh
al

e 
sa

m
pl

es
 

n-
de

ca
ne

/s
te

ar
ic

 

ac
id

 s
ol

ut
io

ns
 

H
2 

0.
1 

to
 5

 b
ri

ne
 

so
lu

ti
on

s 
of

 

N
aC

l, 
C

aC
l, 

N
a 2

SO
4,

 

M
gC

l 2
, 

an
d 

M
gS

O
4 

25
 –

 7
0 

℃
 

14
 

– 
43

51
 

ps
i 

 
St

ro
ng

ly
 

w
at

er
-w

et
 

to
 

in
te

rm
ed

ia
te

-w
et

 

co
nd

it
io

ns
 

w
er

e 

ob
se

rv
ed

 
w

it
h 

io
ni

c 

ch
an

ge
s.

  

 
O

ve
ra

ll
, 

th
e 

co
nt

ac
t 

an
gl

es
 

in
cr

ea
se

d 
w

it
h 

de
cr

ea
si

ng
 

te
m

pe
ra

tu
re

 

bu
t 

w
er

e 
fo

un
d 

to
 

in
cr

ea
se

 
w

ith
 

th
e 

in
cr

ea
se

 
of

 
io

ns
 



46
 

 

co
nc

en
tr

at
io

n,
 

an
d 

pr
es

su
re

, r
es

pe
ct

iv
el

y.
 

 
D

iv
al

en
t 

io
ns

 
ha

d 
a 

si
gn

if
ic

an
t 

im
pa

ct
 o

n 
th

e 

H
2 

w
et

ta
bi

lit
y 

al
te

ra
ti

on
 

th
an

 m
on

ov
al

en
t i

on
s.

 

H
as

he
m

i e
t a

l. 
[9

5]
 

C
ap

ti
ve

 b
ub

bl
e 

B
en

th
ei

m
er

 
– 

H
2 

C
H

4 
 a

nd
 

H
2–

C
H

4 

m
ix

tu
re

 

P
ur

e 
w

at
er

, 0
.5

 

w
t.%

 N
aC

l, 
5 

w
t.%

 N
aC

l 

30
, 5

0 
℃

 
20

, 
50

, 
70

, 

10
0 

ba
rs

 

 
T

he
 

H
2-

br
in

e-
ro

ck
 

de
m

on
st

ra
te

d 
a 

w
at

er
-

w
et

ti
ng

 b
eh

av
io

ur
.  

 
B

es
id

es
, 

th
e 

co
nt

ac
t 

an
gl

e 
of

 H
2 

an
d 

H
2–

C
H

4 

m
ix

tu
re

s 
do

es
 n

ot
 c

ha
ng

e 

w
it

h 
sa

li
ni

ty
, 

te
m

pe
ra

tu
re

, 
an

d 
ga

s 

co
m

po
si

ti
on

. 

M
ir

ch
i e

t a
l. 

[1
7]

 
C

ap
ti

ve
-

B
ub

bl
e 

O
il

-a
ge

d 

sa
nd

st
on

e 
an

d 

li
m

es
to

ne
 

– 
H

2,
 C

H
4 

an
d 

H
2–

C
H

4 

m
ix

tu
re

 

 

B
ri

ne
, 2

 N
aC

l 
22

, 4
0,

 6
0 

℃
 

10
00

 p
si

 
 

W
ea

kl
y 

w
at

er
-w

et
 

co
nd

it
io

ns
 

w
er

e 

ob
se

rv
ed

, 
w

ith
 t

he
 s

ta
tic

 

co
nt

ac
t 

an
gl

e 
hi

gh
er

 f
or

 

pu
re

 C
H

4 
ga

s 
th

an
 H

2–

C
H

4 
m

ix
tu

re
s.

 



47
 

 

 
Fu

rt
he

rm
or

e,
 

th
e 

re
po

rt
ed

 
co

nt
ac

t 
an

gl
e 

be
ha

vi
ou

r 
w

as
 

in
de

pe
nd

en
t 

of
 

te
m

pe
ra

tu
re

 in
cr

ea
se

. 

A
la

na
zi

 e
t a

l. 
[7

1]
 

T
il

te
d 

pl
at

e 
Jo

rd
an

ia
n 

or
ga

ni
c 

oi
l 

sh
al

e 

sa
m

pl
es

 

– 
H

2,
 C

H
4 

an
d 

H
2–

C
H

4 

m
ix

tu
re

 

B
ri

ne
, 2

 N
aC

l 

B
ri

ne
, 1

 K
C

l 

50
 ℃

 
0.

1 
to

 1
60

0 

ps
i 

 
T

he
 

or
ga

ni
c-

ri
ch

 
sh

al
e 

de
m

on
st

ra
te

s 
a 

w
ea

kl
y 

w
at

er
-w

et
 t

o 
w

ea
kl

y 
H

2-

w
et

ti
ng

 
pr

op
er

ty
 

es
pe

ci
al

ly
 i

n 
th

e 
m

ix
in

g 

zo
ne

. 

 
Si

m
il

ar
ly

, 
th

e 
dy

na
m

ic
 

co
nt

ac
t 

an
gl

es
 i

nc
re

as
ed

 

w
it

h 
pr

es
su

re
 

at
 

a 

co
ns

ta
nt

 te
m

pe
ra

tu
re

. 

Ja
ng

da
 e

t a
l. 

[1
02

] 
M

ic
ro

 
C

T
 

sc
an

ne
r 

B
en

th
ei

m
er

 

S
an

ds
to

ne
 

– 
H

2  

B
ri

ne
 

50
 ℃

  
 1

00
 b

ar
s 

 
A

ft
er

 
po

re
 

sc
al

e 

di
sp

la
ce

m
en

t 
pr

oc
es

se
s,

 

th
e 

po
ro

us
 

sa
nd

st
on

e 

ro
ck

 
w

as
 

fo
un

d 
to

 
be

 

no
n-

w
et

ti
ng

 
to

 
H

2 
an

d 

w
et

ti
ng

 to
 b

ri
ne

. 



48
 

 

 
C

on
ta

ct
 

an
gl

es
 

of
 

53
° 

an
d 

54
° w

er
e 

re
po

rt
ed

 fo
r 

th
e 

ro
ck

 s
am

pl
e 

in
 n

on
-

H
2-

eq
ui

li
br

at
ed

 b
ri

ne
 a

nd
 

H
2-

eq
ui

li
br

at
ed

 
br

in
e,

 

re
sp

ec
ti

ve
ly

. 

A
gh

ae
i e

t a
l. 

[1
03

] 
C

ap
ti

ve
 b

ub
bl

e 

m
et

ho
d 

C
al

ci
te

, 

D
ol

om
it

e,
 

A
nh

yd
ri

te
 

– 
H

2  

B
ri

ne
 

30
 ℃

, 7
5 

℃
  

3.
44

, 
10

.3
4,

 

an
d 

17
.2

3 

M
Pa

 

 
T

he
 

ca
rb

on
at

e 
ro

ck
s 

re
m

ai
n 

st
ro

ng
ly

 
w

at
er

-

w
et

 
(c

on
ta

ct
 

an
gl

es
 

<
 

30
°)

 
fo

r 
al

l 
co

nd
it

io
ns

 

st
ud

ie
d.

  

 
M

or
eo

ve
r,

 
te

m
pe

ra
tu

re
 

an
d 

pr
es

su
re

 
ha

ve
 

no
 

si
gn

if
ic

an
t 

ef
fe

ct
 o

n 
th

e 

co
nt

ac
t 

an
gl

e 
of

 
th

e 

re
pr

es
en

ta
ti

ve
 

ho
st

-r
oc

k 

an
d 

ca
pr

oc
k.

 

H
2O

 =
 P

ur
e 

w
at

er
, K

I 
=

 P
ot

as
si

um
 I

od
id

e,
 K

C
l =

 P
ot

as
si

um
 c

hl
or

id
e,

 N
aC

l =
 S

od
iu

m
 c

hl
or

id
e,

 C
aC

l =
 C

al
ci

um
 c

hl
or

id
e,

 N
a 2

S
O

4 
=

 S
od

iu
m

 
69

5 

su
lf

at
e,

 M
gC

l 2
 =

 M
ag

ne
si

um
 c

hl
or

id
e,

 a
nd

 M
gS

O
4 

= 
M

ag
ne

si
um

 s
ul

fa
te

.
69

6 



49 
 

5. Adsorption 697 

Adsorption of hydrogen is another important parameter that plays a critical role in fluid-rock 698 

interaction and hence, is considered very crucial to the success of underground hydrogen 699 

storage. Previous studies of gas adsorption processes have investigated N2, CO2, and CH4 700 

adsorption on reservoir rock, shale, and coal. However, only a handful of research contributions 701 

exist on H2 adsorption due to the complexity involved in handling H2 gases. The adsorption of 702 

H2 on reservoir rock systems is controlled intrinsically, based on the van der Waal’s bonding 703 

the gas exhibits on the host rock system. Hence, it has lower/weaker adsorption compared to 704 

other gases (e.g., CO2, CH4) on a reservoir rock system due to the low hydrogen density. The 705 

adsorption of H2 on porous media is dependent on several factors; these include temperature, 706 

pressure, organic acid content, mineral content, and surface chemistry.  707 

Samara et al. [104] studied the adsorption behavior of H2 and CO2 on Jordanian shale rocks. 708 

Mineralogical characterization of the rock depicts that it predominantly contains calcite and 709 

other minerals such as quartz, dolomite, and pyrite. The adsorption of H2 and CO2 gas at 50 710 

bars measured from a magnetic suspension balance was recorded as 0.015 wt.% and 0.83 wt.%, 711 

respectively. The higher adsorption of CO2 on the shale rock surface compared to H2 gas is 712 

attributed to the composition of the shale, with calcite as the dominant mineral which provides 713 

a higher affinity for CO2 gas due to higher electronegativity difference. Also, the dissolution 714 

of CO2 on kerogen increases the quantity of CO2 trapped on the surface of the shale. 715 

Conversely, H2 gas has a quadrupole moment which is one order of magnitude lower than CO2, 716 

hence recording lower adsorption due to the weaker interaction between H2 with calcite, and 717 

H2 with kerogen.  718 

Additionally, the storage of hydrogen in shale is a function of its aromaticity. Raza et al. [105] 719 

evaluated the effect of kerogen content and maturity on H2, CO2, and CH4 storage potential in 720 

underground reservoirs via molecular dynamics simulation. The adsorption process was 721 

conducted at a broad range of pressure (2.75 to 20 MPa) and temperature (50 – 150 ℃) regimes. 722 

To portray the impact of maturity, four kerogen structures were used, namely type II-A, II-B, 723 

II-C, II-D. The carbon content and hence the maturity of the kerogens are in the order of II-A 724 

< II-B < II-C < II-D. At a given temperature and pressure, the computational result indicates 725 

that the sorption of the gases increases with an increase in kerogen maturity and carbon content. 726 

For example, the adsorption of H2 increased from 2.4 to 3.0 mmol/g for type II-A (40% carbon 727 
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content) and type II-D (80% carbon content), respectively. This was ascribed to the increasing 728 

heteroatomic functional groups of the kerogen and the effective volume of the pores. 729 

Furthermore, Abid et al. [106] investigated the effect of organic acid (humic acid) on the 730 

adsorption behaviour of H2 and CH4 on shale rock via a PCT pro adsorption analyzer. The 731 

experiment was carried out to depict real geo-storage conditions. Experimental results revealed 732 

high adsorption of H2 gas on shale contaminated with humic acid compared to the raw shale 733 

sample. At 30 ℃ and 42.7 bar, the adsorption of raw shale and shale with humic acid (shale-734 

HA) is recorded as 0.056 mol/kg and 0.3 mol/kg, respectively (see Figure 16). The high 735 

adsorption witnessed by shale-HA was adduced to the increase in total organic content (TOC) 736 

caused by the presence of humic acid, higher micropore content and increased surface area.  737 

 738 

Fig. 16. Adsorption behaviour of H2 gas on raw shale and shale aged with humic acid [106]. 739 

Apart from shale, hydrogen storage has also been explored in coal seams due to its large surface 740 

area and its previously established capacity for the sequestration of carbon dioxide [107,108]. 741 

Iglauer et al. [109] experimentally determined the feasibility of storing hydrogen in coal seams. 742 

The H2 adsorption experiment on sub-bituminous coal was performed using a PCTpro 743 

adsorption analyzer and compared to CO2. Notably, the H2 adsorption increases drastically as 744 
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a function of pressure until it reaches a plateau as depicted in Figure 17. Meanwhile, H2 745 

adsorption decreases as a function of temperature albeit infinitesimally. The maximum H2 746 

adsorption on the monolayer of the coal was recorded as 0.60183 moles of H2/kg of coal at 747 

14.3207 MPa. Similarly, Keshavarz et al. [110] evaluated the adsorption behaviour of H2 on 748 

coal seam and noted that the adsorption of H2 decreases with an increase in temperature. 749 

Additionally, H2 adsorption on coal is a function of the aromatic content of coal. Arif et al. 750 

[111] experimentally analysed hydrogen storage as a function of coal ranking at varying 751 

temperatures and pressures using anthracite, bituminous, and sub-bituminous coals with a 752 

vitrinite content of 78.9, 58.7, and 33.3, respectively. At a particular temperature and pressure, 753 

the highest adsorption was recorded on high-rank coal (see Figure 18). This implies anthracite 754 

coal with relatively higher aromatic and lower oxygen content demonstrated the highest 755 

adsorption compared to bituminous and sub-bituminous coals (anthracite > bituminous > sub-756 

bituminous). 757 

 758 

  759 

Fig. 17. Adsorption of hydrogen on sub-bituminous coal. Modified from [109] 760 
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 761 

Fig. 18. H2 adsorption versus vitrinite content of coals [111]. 762 

Underground hydrogen storage has also been conducted in representative reservoir rock 763 

systems. Carchini et al. [112] assessed the feasibility of UHS in depleted gas reservoirs via 764 

experimental and molecular modelling approaches. The adsorption/desorption experimental 765 

analysis was conducted using a Rubotherm magnetic suspension balance on carbonates and 766 

sandstone rocks. At a moderate temperature of 50 ℃ and pressure of 20 bar, no adsorption of 767 

H2 gas on calcite was recorded while a negligible quantity (0.06 mg/g) of H2 gas adsorption on 768 

dolomite was achieved. Likewise, no uptake of H2 gas was recorded on Berea and Scioto 769 

sandstone, indicative of low and high clay-rich sandstone, respectively. Moreover, a further 770 

increase in the temperature to 100 ℃ yielded no considerable result. The low physisorption of 771 

H2 gas in the pore network of the reservoir rock system was adduced to a lower kinetic diameter 772 

of hydrogen. 773 

López-Chávez et al. [113] conducted a modelling and simulation study of the adsorption 774 

behaviour of H2 on calcite rock for geo-storage. Firstly, they described and optimized the 775 

calcite rock model using density function theory (DFT). Moreover, the naturally fractured rock 776 

was characterized using DFT to obtain the Mulliken population analysis, electronic, 777 

thermodynamic, structural, and thermodynamic properties. Lastly, molecular dynamics 778 

simulation process was carried out to simulate the adsorption process and to estimate the H2 779 

adsorption on the surface of the calcite rock. The simulation process revealed that 0.42 mass 780 

percent of H2 is adsorbed on the surface of calcite rock. 781 
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The adsorption/desorption behaviours of H2 on clay structures have also been studied. It is 782 

crucial to understand the integrity of the caprock which is typically made up of a clay structure. 783 

Wolff-Boenisch et al. [114] evaluated the adsorption behaviour of hydrogen on 784 

montmorillonite clay. As can be seen in Figure 19, the adsorption process was fitted using 785 

Langmuir and Freundlich isotherm. At 30 ℃, 0.18 mol/kg of H2 was adsorbed on the clay 786 

indicative of low adsorption. This was attributed to the lack of dipole moment on H2 symmetry 787 

to enable intermolecular bonding with the clay structure. Besides, desorption of the H2 gas on 788 

the montmorillonite clay was observed with increasing temperature due to an increase in kinetic 789 

energy. Conspicuously, the gas prefers to stay in the gas phase rather than adsorb on the solid 790 

phase of the clay structure. Hence, the authors recommended the injection of H2 deeper into 791 

the formation because the temperature and pressure reduce hydrogen loss via adsorption, and 792 

this enhances higher storage volumes of H2 gas. 793 

 794 

Fig. 19. Adsorption of hydrogen on clay [114]. 795 

Likewise, Bardelli et al. [115] determined hydrogen adsorption on clay-rich rock formation. 796 

The experiment was carried out on raw clay samples (𝐶𝑂𝑋 ) and pure clay sample 797 

(𝐶𝑂𝑋 ) at pressures up to 80 bars and temperature of up to 90 ℃. The sorption experiment 798 

at the highest temperature indicates that the hydrogen uptake reaches a plateau at around 40 – 799 

60 bars and the adsorption for 𝐶𝑂𝑋  and 𝐶𝑂𝑋  was estimated as 0.12 ± 0.01 wt.% and 800 

0.2 ± 0.02 wt.%, respectively. Moreover, Didier et al. [116] evaluated H2 adsorption on similar 801 



54 
 

rock samples at the same temperature (90 ℃) but a lower pressure of 0.45 bar. H2 sorption of 802 

0.05 wt.% and 0.06 wt.% was recorded for 𝐶𝑂𝑋  and 𝐶𝑂𝑋  samples, respectively. 803 

The low adsorption behaviour of H2 gas on conventional and unconventional reservoir rock 804 

systems is indicative of the good potential for storage and subsequent withdrawal from the pore 805 

networks of their geologic structure. However, only a few studies exist on the adsorption 806 

behaviour of H2 gas on reservoir rock systems. Most of the existing H2 adsorption studies were 807 

carried out on representative reservoir rock systems. Extended studies on the adsorption 808 

property of H2 gas on carbonate, sandstone, and dolomite rocks at typical reservoir conditions 809 

are desired. Moreover, most experimental studies of H2 adsorption at high pressures are 810 

conducted over a short time due to volatility issues. A systemic approach that allows for long-811 

term evaluation of H2 storage at typical geo-storage conditions is required to ascertain real field 812 

conditions. Furthermore, cushion gas has been suggested to act as a buffer during UHS. 813 

However, studies of the impact of cushion gas on the sorption behaviour of H2 gas are lacking 814 

in the literature. Finally, the effect of fluid composition, pore structure, and pore geometry on 815 

H2 adsorption behaviour on reservoir rocks remains obscure. This is required to fully 816 

understand the trapping mechanism of H2 storage in reservoir rock systems. 817 

6. Diffusion 818 

Diffusion is a transport phenomenon that describes the spreading of fluids and particles through 819 

a medium. In fluid-fluid systems, diffusion is related to the transport of one fluid component 820 

through another fluid whereas in fluid-rock systems, diffusion can be used to describe the 821 

transport of fluids (such as gas) through a porous rock matrix. Diffusivity, on the other hand, 822 

is a physical quantity that describes the ability of a substance to diffuse through a medium.  823 

Hydrogen diffusivity (D ) – herein, refers to the ability of hydrogen molecules or atoms to 824 

move through a medium by diffusion. It is a measure of how quickly or slowly hydrogen can 825 

move through a material and is influenced by factors such as temperature, pressure, brine 826 

salinity, fluid type and the properties of the material or transport medium itself. Therefore, 827 

understanding D  is important in hydrogen storage and transport through the porous media as 828 

it can be used to calculate the amount of H2 lost [39]. The role of D  with respect to UHS 829 

cannot be overemphasized as it is one of the key factors influencing the leakage tendency of 830 

H2 in the overlying caprock during structural trapping. 831 
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Figure 20 illustrates the dependence of D  on various temperatures, pressures, and fluid types. 832 

It can be observed that, for each hydrocarbon fluid type, D  decreases with increasing 833 

temperature and pressure. For example, when the pressure increased from 0.53 MPa to 2.2 MPa 834 

at 323 K, D  in C4H10 decreased from 740 × 10  m2/s to 250 × 10  m2/s, whereas it 835 

decreased from 620 × 10  m2/s to 220 × 10  m2/s at 298 K. A similar trend is also 836 

observed for C3H8, C2H6, and CH4 gases [52,117–119]. Additionally, the number of carbon 837 

atoms in the hydrocarbon fluid is inversely proportional to the value of D . This can be 838 

observed in the decrease of D  values for CH4, C2H6, C3H8, and C4H10 at 323 K and 1.4 MPa, 839 

which were 650 ×  10  m2/s, 480 ×  10  m2/s, 390 × 10  m2/s, and 350 ×  10  m2/s 840 

respectively [52,117]. 841 

 842 

Fig. 20. H2 diffusivity for hydrocarbon fluids as a function of temperature and pressure. 843 

Adapted from [52]. 844 

On the other hand, Figure 21 illustrates D in water as a function of pressure and temperature. 845 

Unlike the case of hydrocarbon fluids, it can be observed that D increases with an increase in 846 

both temperature and pressure. For instance, at 25 MPa, as the temperature increased from 650 847 

K to 970 K, D  in water increased from 15.1 ×  10  m2/s to 219 × 10  m2/s [119]. This 848 

phenomenon is attributed to the effect of temperature on molecular momentum, and 849 
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intermolecular forces, which ultimately influence diffusivity [120]. When both cases (i.e., 850 

Figures 20 and 21) are compared, it can be seen that hydrogen has a relatively high diffusion 851 

rate in water (or brine) compared to other gases. As a result, diffusion-induced hydrogen loss 852 

from aquifers is likely to be higher than in depleted oil and gas reservoirs where less residual 853 

brine is present. This, amongst many other factors, makes depleted gas reservoirs to be 854 

considered the most promising means for large-scale H2 storage in porous media as the leakage 855 

potential is minimal [30,32]. However, only a 1% loss of injected H2 via diffusion in aquifers 856 

has been reported after 15 years of simulation in a 7 m high reservoir with 20% porosity [121]. 857 

The reason for the difference in diffusion can be adduced to its small molecule size 858 

characteristics compared to other gases [118,119].  859 

 860 

Fig. 21. H2 diffusivity in water as a function of temperature and pressure. Adapted from [52]. 861 

 862 

D  has also received significant attention from both experimental and simulation perspectives. 863 

In both cases, the available literature sources – experimental [122–128] and theoretical, via 864 

molecular dynamics simulation [118,119,129–131] have been limited to the case of H2-pure 865 

water systems. Only, the recent study by van Rooijen et al. [39] made an effort to assess the 866 

self-diffusivity of H2 in an aqueous solution at various pressures (1 – 1000 bar), temperatures 867 

(298 – 723 K) and brine molalities of 0 – 6 m NaCl/kg. As presented in Figure 22(a), the self-868 

diffusivities of H2 show weak pressure dependence, which is consistent with the findings of 869 

Tsimpanogiannis et al. [132]. However, at a higher temperature of 723 K, the effect becomes 870 
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more noticeable. This was attributed to the increase in compressibility of the solution with 871 

increasing pressure of the H2 gas. 872 

 873 

Fig. 22. Computed finite-size corrected D in aqueous NaCl solutions as a function of (a) pressure at 874 

constant molality of 5 mol NaCl/kg H2O solution for varying temperatures of 298 to 723 K, (b) molality 875 

of the solution at a constant pressure of 400 bar for varying temperatures of 298 to 723 K, and (c) 876 

reciprocal temperature at 100 bar constant pressure for varying molalities of 0 to 6 NaCl/kg H2O 877 

solution. Note that the solid lines represent the calculated fitted values [39]. 878 

Conversely, in the case of molality as shown in Figure 22(b), the logarithm of hydrogen self-879 

diffusivities was found to decrease linearly with increasing NaCl molality. This behaviour is 880 

attributed to the exponential increase in viscosity of aqueous NaCl solutions with increasing 881 

NaCl molality, as reported by Laliberté, [133]. Specifically, Laliberté observed that the 882 

viscosities of aqueous NaCl solutions increase exponentially with increasing NaCl molality, 883 

and since the diffusivities of gases in liquids are inversely proportional to the solution 884 
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viscosities, this, therefore, accounts for the observed linear trend [133]. Finally, the influence 885 

of temperature was examined by van Rooijen et al. [39] as shown in the panel of Figure 22(c). 886 

They observed that the self-diffusivity of hydrogen follows an Arrhenius-type relation 887 

𝐷 ∝ 𝑒𝑥𝑝 , which is consistent with the behavior of gases such as O2 and CO2 when 888 

dissolved in aqueous solvents [132,134]. 889 

7. Perspective 890 

Existing studies in literature have shown that high IFT exists in reservoir at the H2-brine 891 

interface due to solubility and density contrast. High IFT is desirable for H2 storage in 892 

underground reservoirs because it ensures the different gas phases do not mix. Moreover, at 893 

high IFT, H2 can be safely stored in the reservoir with lowered risk of geo-mechanical failure 894 

[23]. On the other hand, a low IFT of H2 and other gases is favourable during withdrawal 895 

schemes of H2 from reservoirs to enable gas stored in pores of the reservoir rock system to 896 

easily flow to the surface during production. Future research should consider determining the 897 

optimal IFT suitable for the storage and production of H2 in porous geologic formations. 898 

Furthermore, wettability alteration studies on host rock, caprock, and representative reservoir 899 

rock systems have demonstrated strongly water-wetting condition in the presence of H2-brine 900 

[103,135]. This indicates that the H2 does not wet the surface of the reservoir rock system and 901 

portends good storage efficiency for H2 in geological porous media. Moreover, since H2 cannot 902 

displace the water layer on the caprock, the sealing efficiency of the rock is protected, thereby 903 

preventing potential losses due to leakage, and ensuring containment security.  However, in 904 

situ studies of H2-brine wettability in porous media have shown that water-wetting condition 905 

of reservoir rock system also increases the residual and capillary trapping potential of H2 in the 906 

formation [102,136]. Increasing residual and capillary trapping of H2 in geologic formation is 907 

undesired due to its negative effect on withdrawal efficiency of H2 from reservoir formation. 908 

The residual and capillary trapping effect of H2 in the water-wet formation can be minimized 909 

via the introduction of cushion gas such as CH4, N2, and CO2 [137,138]. Nonetheless, the 910 

introduction of cushion gas instigates the issue of unavoidable gas mixing. The gas mixing 911 

process contaminates the H2 purity during withdrawal process. To this end, some authors have 912 

opined the use of H2 as a cushion gas during the storage process. Nevertheless, this will increase 913 

the project economics as this implies that more H2 will be required for the cushioning process. 914 

In our view, the issue of unavoidable gas mixing that may be encountered due to the 915 
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introduction of cushion gas can be solved via the installation of an efficient and effective H2-916 

permeable membrane in the producer well during the withdrawal process. The H2-membrane 917 

will selectively allow the passage of H2 while retaining other associated gases in the geologic 918 

formation.  919 

Adsorption of hydrogen on pure reservoir rock system is low compared to other gases such as 920 

N2, CO2, and CH4. This is due to the low density of H2 gas on the rock surface. Contrarily, rock 921 

surface contaminated with organic acid tends to have a higher wettability and become H2-wet. 922 

This can be adduced to the adsorption of the molecules of organic acid on the surface of the 923 

rock, thereby increasing its hydrophobicity. The increased hydrophobicity introduced by the 924 

organic acid causes de-wetting of water molecules, and resultantly increased spreading of H2 925 

on the rock surface. Low adsorption of H2 gas recorded on rock surface is desirable for good 926 

storage efficiency and subsequent withdrawal from the geologic formations.  927 

Additionally, the effect of inherent reservoir parameters such as temperature, pressure, salinity, 928 

and organic acid concentration on reservoir rock-fluid and fluid-fluid properties during UHS 929 

have been studied. The outcome of numerous studies of inherent reservoir parameters on 930 

storage efficiency of H2 have showed some discrepancies in literature. For example, some 931 

studies showed no significant effect of temperature and pressure on the IFT and wettability of 932 

reservoir rock system while other studies noted slight to notable changes. Based on the reported 933 

studies, we observed that the changes in method for conducting the experiment may have 934 

caused the changes observed in some experiment. For example, Al-Mukainah et al. [58] 935 

presented a new method to conduct sessile drop method by using the same drop of water to 936 

conduct contact angle measurements at varying pressure by gradually pressurizing with H2. 937 

The method reported is different from that adopted in other studies whereby different brine 938 

droplet is used. Also, while some studies preferred sessile drop method, other studies were 939 

conducted using captive bubble, and core flooding incorporated with in situ X-ray tomography. 940 

To overcome the discrepancies reported for inherent reservoir parameters on storage efficiency, 941 

a standard approach devoid of uncertainties needs to be developed. Furthermore, it is 942 

noteworthy that the inherent reservoir parameters have implications for withdrawal efficiency 943 

of H2 from geologic formations. For example, low pressure sites were recommended for future 944 

hydrogen storage projects because increasing pressure (characteristic of deeper reservoirs) was 945 

found to increase residually trapped H2, thereby reducing recovery during imbibition process 946 

[136]. Similarly, increasing organic acid concentration causes increased wetting, adsorption, 947 
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and retention of H2 in geologic porous media. Meanwhile, H2 recovery increased with injection 948 

of brine at high capillary number. Undoubtedly, the optimization of inherent reservoir 949 

parameters is required to achieve the desired H2 storage and withdrawal efficiency. 950 

8. Conclusion and recommendation 951 

UHS has been identified as a promising option for storing hydrogen and reducing greenhouse 952 

gas emissions. Various geological formations have been studied as potential storage sites, and 953 

advancements in technology and modelling have made it possible to accurately predict the 954 

performance and safety of these storage facilities. An adequate understanding of fluid-fluid and 955 

fluid-rock interactions is of fundamental importance as it plays a dominant role in the 956 

distribution of the injected fluid within the reservoir's pore space. More importantly, it dictates 957 

the maximum amount of fluid that can be withdrawn from the reservoir from these storage 958 

media. Herein, we have expounded on these influencing parameters with emphasis on 959 

solubility, interfacial tension (fluid-fluid and rock-fluid), wettability, adsorption, and 960 

diffusivity to comprehend the underpinning interactions between the injected H2 gas, reservoir 961 

fluids, and geologic rock surface. Based on the extensive analysis of fluid-fluid and fluid-rock 962 

interactions in UHS, there are certain knowledge gaps that need to be addressed for the 963 

successful implementation of future UHS projects. These gaps are outlined as follows: 964 

 Optimization of critical factors that govern the hydrodynamics of UHS processes is 965 

required to improve process efficiency. 966 

 A systematic approach that allows for the quantification of adsorption and desorption 967 

of H2 gas on a typical reservoir rock system is desired. Moreover, the influence of 968 

temperature, pressure, salinity, and reservoir surface area typical of the geologic porous 969 

medium on the long-term adsorption and desorption process should be evaluated. 970 

 Large datasets in the literature concerning the effect of salinity on UHS processes have 971 

focussed on investigating the use of sodium chloride (NaCl) solution as a representative 972 

of formation brine. Under real reservoir conditions, formation brine is a mixture of 973 

monovalent, divalent, and sometimes trivalent ions. Further research that considers the 974 

admixture of brine should be considered in future studies as they are more 975 

representative of typical reservoir conditions. 976 

 Due to its low molecular weight and viscosity, the H2 diffusion process causes a viscous 977 

fingering phenomenon which may result in H2 loss during UHS. Thus far, extensive 978 

diffusivity studies of hydrogen into nanopores and micropores of depleted oil/gas 979 
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reservoir is lacking in the literature. Multiscale adsorption and diffusion modelling 980 

studies capable of estimating H2 loss during UHS in depleted oil/gas reservoirs are 981 

recommended for further studies. 982 

 Finally, considerable further research is required to fully understand the interplay of 983 

interactions at the pore scale during UHS. 984 

 985 

 986 

Nomenclature  987 

CA  Contact angle 988 

CaCl2  Calcium Chloride 989 

CH4  Methane 990 

CO2   Carbon dioxide 991 

DFT   Density Functional Theory 992 

GHG  Green House Gas 993 

HA   Humic Acid 994 

H2  Hydrogen 995 

H2O  Water 996 

IFT  Interfacial tension  997 

KCl  Potassium Chloride 998 

KI  Potassium Iodide  999 

MgCl2  Magnesium Chloride 1000 

MgSO4  Magnesium sulfate1001 

NaCl  Sodium Chloride 1002 

Na2SO4 Sodium sulfate 1003 

N2  Nitrogen 1004 

NO2  Nitrous oxide 1005 

OA  Organic acids 1006 
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TOC   Total Organic Content 1007 

UGS  Underground Gas Storage 1008 

UHS  Underground Hydrogen Storage 1009 

µ − CT  Micro Computerized Tomography 1010 

ρ   Density (kg m⁄ ) 1011 

∆ρ   Liquid and gas density difference (kg m⁄ ) 1012 

θ   Contact angle (o) 1013 

θ   Advancing CA (o) 1014 

θ   Receding CA (o) 1015 

γ   IFT (mN/m) 1016 

γ   Fluid brine IFT (mN/m) 1017 

γ  Fluid gas IFT (mN/m) 1018 

γ   Rock brine IFT (mN/m) 1019 

γ  Rock gas IFT (mN/m) 1020 

D    Hydrogen diffusivity (m s⁄ ) 1021 
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