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Abstract

In recent years, global concerns about greenhouse gas emissions have stimulated considerable interest in CO, storage as a
potential “bridging technology”, which could reduce significantly CO, emissions, while allowing fossil fuels to be used until
alternative energy sources are more widely deployed. Flow modeling is a relevant step in the characterization of a CO, storage
site, to provide quantitative predictions of reservoir behavior and assessing the uncertainty [1].

The scope of this work is to analyze the impact of CO, injection in Pliocene offshore water-bearing sands potentially suitable
for CO, storage, through the implementation of an integrated reservoir study. The approach undertaken was first to build
several geological models (local and regional), stochastically populate them with petrophysical properties and, through the
gathering and generation of representative dynamic data, develop a dynamic model to simulate a set of possible CO, injection
scenarios. Furthermore a base case scenario was identified to perform a comparison between two different simulators:
COORES™, a code designed by IFPEN, and ECLIPSE300 - CO2STORE™, the Schlumberger compositional tool designed
specifically for CO, storage in saline aquifers.
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1. Introduction

This paper presents the integrated reservoir study performed during the assessment of a potential CO, storage

site. One of the areas identified during a first regional screening study is a deep saline aquifer at a depth of around
2200 m in a formation constituted by Pliocene sands. The approach undertaken was first to build several geological
models (local and regional), stochastically populate them with static parameters and, through the gathering and
generation of representative dynamic data, develop a reservoir model, simulating a set of possible CO, injection
scenarios. Three main phases, described below, are shown in Fig.1:

Data gathering: the input consists in data coming from eight boreholes and in a 440 km” of 3D seismic dataset,
acquired during a previous hydrocarbon exploration campaign and re-interpreted in order to build the structural
model. Core measurements were performed at IFPEN laboratories, the results of which were interpreted to build
the petrophysical model and generate relative permeability curves. PVT data, rock compressibility, cap-rock
threshold entry pressure and fracturation gradient, were taken from literature.

Modeling: two geological grids, at local and regional scale (the latter being just a volume extension of the
former), were generated and populated following a stochastic approach for the generation of the petrophysical
model. A sensitivity analysis was performed on the local model accounting for the uncertainty associated with
the reservoir heterogeneity.

Simulation: the software used for the simulations was COORES™, a code designed by IFPEN. Many
sensitivities were performed in order to analyze the impact of relevant factors on pressure distribution and CO,
plume spread. A base case for the local model was identified to operate with one well injecting supercritical
CO, for ten years at a rate of 1 Mton/y, followed by a hundred years observation period. Further simulations
were run on an extended grid (regional model), increasing the injection rate up to 10 MtonCO,/y, followed by
an observation period of one thousand years, that could be extended in future analysis.

The software normally used to perform dynamic simulations are either borrowed from the petroleum industry,

with some adjustments, or “recently” customized for the CO, store injection. Thus, it becomes noteworthy to
compare the forecast coming from different tools. A base case scenario for the regional model was used to evaluate
the difference in the simulation performance between COORES™ and ECLIPSE300 - CO2STORE™, the
Schlumberger compositional tool designed specifically for CO, storage in saline aquifers.

Finally, a preliminary sensitivity study concerning trapping mechanisms involved in the process was done,

including an evaluation of the molecular diffusion impact.
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Fig. 1. Work flow overview
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2. Data gathering and modeling
2.1. Static reservoir models (Local and Regional)

Two main tasks were performed by IFPEN, aimed at building the static model: structural modeling including
the 3D grid building and petrophysical modeling, both achieved using SKUA-GOCAD™ software (Paradigm).
The set of data used as input for the models was available from a previous hydrocarbon campaign and consists of
seismic and borehole data, including some core samples available for laboratory measurements. It was decided to
model only the reservoir volume.

Major horizons and faults were used along with stratigraphic column, well correlation, log analysis and a
regional permeability (k) vs. porosity (®) relationship (Fig. 2) to build a fine scale local geological model,
covering an area of about 7x10 km® with an average cell size of 150x150x10m.The model is limited
southwestward by a major thrust, considered sealing, while the other geometrical lateral boundaries can be
considered open or closed in the dynamic simulation.
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Fig. 2. Examples of data used to build the local geological model- a) well log correlation; b) regional k/® relationship;

The geological model was populated through a stochastic method (Sequential Gaussian), exploring the reservoir
heterogeneity by means of three correlation lengths (isotropic variogram ranges of 5000 m, 3000 m and 500 m),
thus leading to three realizations of the local model. Since no relevant impact on the injection performances were
observed in any of the cases, it was decided to use the medium case (variogram range of 3000 m representing the
off-set between correlated wells). The regional model covers a larger area (24x26 km®) compared to the local one
(Fig.3), while the structural and petrophysical modeling methodology applied are the same.

The fine scale models (both local and regional) were upscaled in a coarser grid, using a cell volume weighted
average for porosity and a numerical method based on steady state fluid flow simulations for permeability.

a

Regional >

e
“

Fig. 3. Regional model — (a) volume of the local and regional models (coarse grid); (b) porosity distribution; (c) permeability distribution
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2.2. Dynamic Model and Storage criteria
The cells of the coarse dynamic grid have the following dimensions:

e Local model: 250x250m with variable layer thickness ranging from around 30 m to 100 m
e Regional model: 500x500m with variable layer thickness ranging from around 30 m to 100 m

Dynamic parameters were taken from literature (PVT data, rock compressibility). Drainage relative
permeability curves were estimated from the results of high pressure mercury injection experiments performed in
the IFPEN laboratories. The measured capillary pressure curves (Fig.4.a) were collapsed into a dimensionless
curve (Leverett J-Curve), representative of the reservoir (Fig.4.b). The relative permeability curves for the wetting
and non-wetting phases were calculated according to the Brooks-Corey method through the linearization process of
the J-curve, [2] and a rescaling based on end-points taken from literature [3].
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Fig. 4. Method used to generate the relative permeability curves: (a) capillary pressure measured at the lab; (b) dimensionless Leveret-J curve
in a log-log plot; (c) relative permeability curves

Data used as safety criteria for all simulations are the cap-rock threshold pressure (Py,) and the fracturing
pressure (Pg..)considered as maximum values not to be exceeded during the operations, on which a reasonable
safety coefficient (10-20%) has to be applied. Since no measured data were available, both values were estimated
from literature.

The fracturation gradient assumed is in line with regional data and is equal to 0.17 bar/m [4], as shown in Fig. 5.
In the injection zone, the maximum allowed overpressure ranges from 170 bar to 200 bar, from top to bottom.

Regarding the threshold entry pressure of the cap-rock, the relationship usually used for CH, storage design was
applied [5], correcting it by taking into account the different interfacial tension for CO,. Assuming a cap-rock
permeability of 10° md, the value considered is 96.62 bar.
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3. Simulation results
3.1. Simulations performed on the local model

Simulation scenarios performed on the local model by IFPEN are described in Table 1. For all of them the
injection scheme consisted in one vertical well operating at a rate of 1 Mton/y of supercritical CO,.

Table 1. Sensitivity cases and associated parameters (k, is the vertical permeability, ki is the horizontal permeability).

Boundary Injection Permeability Dissolution Injection period

conditions interval (m)
Case 1 Closed 200 ky/k,=0,1 NO 10 years
Case 2 Open 200 k./ky, =0,1 NO 10 years
Case 3 Closed 200 ky/ky =0,1 NO Till fracturation
Case 4 Closed 200 kn *0,1; ky/k, =0,1 NO Till fracturation
Case 5 Closed 50 k./ky =0,1 NO 10 years
Case 6 Closed 200 k./ky, =0,1 YES 10 years
Case 7 Closed 200 ky/kn =1 YES 10 years

Different parameters considered as uncertain were varied according to the regional knowledge. It is important to
underline that the reservoir volume is a closed box except in case 2, where the three geometrical sides are open to
flow (constant pressure boundary condition). Results obtained from the analysis are also available as guidelines for
the further design of the CO, storage operations. An example can be seen in Fig. 6 showing results of Case 5 which
corresponds to a targeted injection in a few layers (conservative case). A maximum overpressure of around 10 bar
was reached during the injection, followed by a slow overpressure cooling during the relaxation period. The
observed overpressure is far from the limits defined in the section 2.2. The CO, saturation after one hundred years
shows a lateral extension of about 2 km.

A base case scenario was indentified starting from Case 6 and performing an optimization of the well
positioning, following the best practice of placing it as far as possible from any potential escape routes for the
injected CO2, i.e. faults and abandoned wells.

Subsequently, a “what if” analysis was also performed, assuming that a single well could only inject part of the
target (50% or less) and a second well was required. Different strategies for the second well location and
completion were analyzed, aiming to find the best injection scheme to minimize the induced overpressure (Table
2).

Table 2. “What-if” case (S1) and relative optimization scenarios

Injection schemes

S1 One well injecting 0.5 MtCO,/year (same condition than base case)

S2 Two wells injecting 0.5 MtCO,/year

S3 Same as S2, with the start of the injection in the 2" well delayed by 1 year.

S4 Same as S3, with the injection scheme involving a shift of the injection zone in the 2" well downward.
S5 Same as S4, with an horizontal shale barrier encountered from the 2" well at the top of the perforation.

The simulations performed showed that such a scheme can be achieved (overpressure gain of about 10%) by
delaying the start of the injection in the second well and adequately varying the injection intervals between wells,
especially if the injection intervals are located on different sides of an horizontal shale barrier. Results are seen in
Fig. 7.
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Fig.6. Case 5 simulation results: overpressure during injection (a) and relaxation (b) periods; (c) model maximum and minimum

overpressure vs time; (d) evolution of the CO2 plume after injection (100 years).
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Fig.7. Optimization Simulation Results
3.2. Simulations performed on the Regional model

Simulations on the regional model were performed for the base case identified for the local model and an "high
rate" injection scenario (10 MtCO,/yr), with an observation time of one thousand years. Here only the results for
the "high" case are shown (Fig.8), since, for the base case, as expected, no relevant differences were observed
compared to the local model. The base case was used mainly for the software comparison, as seen in the following
section. The overpressures reached in the high case still remain inside the safety range, with a maximum value of
55 bar, but, after one thousand years, the CO, plume reaches the bottom of the cap-rock. Anyway, this cannot be
considered as a high risk since the overpressure does not reach the threshold pressure value.
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Fig.8. Regional Model Simulation: (a) model maximum and minimum overpressure vs time; (b) CO2 saturation 1000 year after the injection
3.3. Software comparison

The base case scenario for the regional model was used to evaluate the difference in the simulation performance
between COORES™ and ECLIPSE300 - CO2STORE™, currently utilized in Enel-Upstream Gas division.

The initialization of the dynamic model was performed considering the same static and dynamic parameters in
order to start from the same initial conditions.

A two-phase (water, gas) three-components (H,O, CO,, NaCl) model was considered, with a single equilibrium
zone in hydrostatic regime. It is worth-noticing that fluid properties and equation of state parameters are intrinsic to
the CO2STORE option [6], as well as solubility coefficients. It has also to be noted that the CO2STORE-option
takes into account the mutual solubility of CO, and brine following the Spycer-Pruess model [7, 8]. The mole
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fraction of CO, in each phase, among other parameters, depends on thermodynamic equilibrium constants that can
be modified in COORES. Therefore, a tuning was applied to obtain the same solubility model, leading to less than
10% difference of dissolved CO, molar fraction at saturation between the two software.

The results were compared in terms of pressure variation, CO, saturation and CO, dissolved in brine, during and
after injection, at the well location (Fig.9) and at field scale (Fig.10). At this stage DIFFUSION and SOLID
options were not activated.

A detailed analysis of the cells around the well shows very small discrepancies between the two software:
generally pressure values are higher for the simulations obtained with COORES with a maximum absolute
difference of 1 bar at the cell 26, that has the lowest permeability (Fig.9.a); the same observation can be done for
the CO, free saturation with a difference of smaller than 4% (Fig.9.b).

At a global scale, no significant differences are observed in the evolution of the CO, plume (Fig.10).

3.4. Trapping mechanism analysis

An analysis of the trapping mechanisms using ECLIPSE300 was carried out, consisting in an estimation of the
percentage of free, residual and dissolved CO, that can be expected in the reservoir, one thousand years after the
end of the injection period. Dissolution trapping is characterized by the amount of CO, dissolved in the brine. The
key factors influencing dissolution kinetics are: flow of the supercritical CO, in the reservoir, dispersion, molecular
diffusion, linked to the concentration gradient, and convection, which is due to the density gradient between CO,
enriched brine and original brine [9]. On the other hand, residual CO, is trapped in the reservoir by local capillary
forces, governing the rock—pore interaction during the imbibition phase. To take into account this last mechanism,
the hysteresis option was activated in Eclipse.
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Fig. 9. Comparison between COORES (green) and Eclipse (blue) simulation results at the well (the k index of the completed cells ranges
between 22 and 30 on the x-axis): absolute value and difference in terms of pressure (a) and free gas saturation (b) at 10 years (left side) and
100 years (right side).



Barbara Di Pasquo et al. / Energy Procedia 51 (2014) 289 — 298 297

CO2 Saturation
COORES ECLIPSE

T=1year T=10 year T=1year T=10 year

Fig. 10. Comparison between COORES and Eclipse simulation at a global scale: cross section zoomed at well location, showing the CO2
plume spread during injection (1 year) and at the end of the injection (10 years). COORES results left side, ECLIPSE results right side.

Since no imbibition lab measurements were acquired on the available cores, a simple rescaling of the drainage
relative permeability curves was performed. The residual gas value used during imbibition was taken from
literature [10] and is equal to 0.297, while the Killough hysteresis model was applied to generate the scanning
curve [11]. The results obtained can be considered as representative of the range of possible free CO, present in the
reservoir: from a maximum value, when no hysteresis is considered (Fig.11.a) to a minimum value in case of
activation of residual trapping (Fig.11.b). In both cases, at the beginning of the injection, 100% of CO, is dissolved
since water is under-saturated. At the completed cells, when water reaches saturation, free gas starts to appear, then
a rapid decline of the fraction of dissolved CO, occurs. The following small peak, that can be observed before the
end of injection, might be a grid size effect, due to a discrete representation of a continuous front displacement..
Immediately after the injection, a slow increase of dissolved CO, occurs, due to the dissolution kinetic factors
described above.

When residual CO, is present, i.e. when the hysteresis is activated, all the previous considerations are still valid
but dissolution is generally slowed down, because part of the CO, in gas phase is immobile (red area in Fig.11.b).
It has to be noticed that, after 1000 years, almost no free gas is present and CO, in place is approximately equally
distributed in residual and dissolved phases (Fig.11.b).

A local grid refinement around the well would be appropriate to more accurately model the front advance. This
should allow to further investigate the initial high rate of change in free/dissolved CO2 and to reduce a possible
overestimation of the real dissolution fraction, characterizing the injection phase (first 10 years).
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Fig. 11. Free, residual and dissolved CO2 fraction vs time: (a) no hysteresis; (b) with hysteresis

In the last part of this study, a sensitivity was performed including molecular diffusion effect by considering
different diffusion coefficient values. No major impact was observed in the range of values taken from literature
[9]. The overall effect of diffusion starts to be consistent after 500 years of simulation, dissolved CO, increases
while residual CO, decreases. A minimal impact is observed on the free CO, (Fig.12).
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Fig. 12. Evolution of free (green line), residual (red line) and dissolved CO2 (Blue line) in time, with and without diffusion effect included.
4. Conclusions

A summary of an integrated reservoir study was presented for the characterization of a CCS project in its
screening phase. Simulation results shown that the CO, plume is confined all along the observation period at
operative conditions, and the overpressure remains below the considered threshold values. Therefore, the site is
theoretically suitable for storage. Finally, an optimization of the injection strategy, to mitigate the overpressure
during the injection phase, showed some leeway in the project concept.

In terms of reservoir simulation, the benchmark performed between two software, namely COORES from
IFPEN and ECLIPSE from Schlumberger, showed a good agreement. Adding further complexity in the simulation
model allows to analyze how phenomena like hysteresis (mainly) and diffusion (in a lower manner) can impact the
long term trapping mechanisms.
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