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Abstract:
Water flooding is a commonly used technique to improve oil recovery, although the amount
of oil left in reservoirs after the procedure is still significant. Gas displacement after water
flooding is an effective way to recover residual oil, but the occurrence state and flow
principles of multiphase fluid after gas injection are still ambiguous. Therefore, the gas
displacement process after water flooding should be studied on the pore scale to provide
a basis for formulating a reasonable gas injection program. Most of the current pore-scale
studies focus on two-phase flow, while simulations that account for the influence of oil-
gas miscibility and injected water are seldom reported. In this work, the multi-component
multi-phase Shan-Chen lattice Boltzmann model is used to simulate the gas displacement
after water flooding in a porous medium, and the effects of injected water, viscosity ratio,
pore structure, and miscibility are analyzed. It is established that the injected water will
cause gas flow path variations and lead to premature gas channeling. Under the impact of
capillary pressure, the water retained in the porous medium during the water flooding stage
further imbibes into the tiny pores during gas injection and displaces the remaining oil.
When miscibility is considered, the oil-gas interface disappears, eliminating the influence
of the capillary effect on the fluid flow and enabling the recovery of remaining oil at the
corner. This study sheds light on the gas displacement mechanisms after water flooding
from the pore-scale perspective and provides a potential avenue for improving oil recovery.

1. Introduction
The water flooding technology has been widely used

to improve oil recovery rates; however, most oilfields have
entered the high water cut stage. Continuous water flooding
has little effect on improving oil recovery (Ji et al., 2012). Gas
displacement can further enhance the recovery factor of high
water-cut reservoirs and lead to long-term stable production in
oilfields (Preston et al., 2005; Kong et al., 2021). In addition

to raising the recovery factor, gas injection has additional
advantages. For example, CO2 injection can contribute to
reducing carbon emissions by geological storage, mitigating
the problems of global warming and environmental pollution
(Ren et al., 2016, 2022; Liu et al., 2022b), and hydrocarbon
gas injection can help to regulate natural gas peaks in different
seasons (Davarpanah et al., 2019; Mazarei et al., 2019; Cao
et al., 2020; Liu et al., 2022c). However, due to the influence
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of various factors such as reservoir heterogeneity and the oil-
gas-water viscosity difference, the injected gas may transport
quickly and reach the bottom hole of the production well
much earlier, impeding the oil production rate and causing
ineffective gas circulation in the rock stratum. This reduces the
recovery factor of oil reservoirs and their gas storage capacity,
which is unfavorable for gas injection (Qu et al., 2020; Zhao
et al., 2020; Shen et al., 2021). Therefore, it is necessary to
understand the gas flow mechanisms in a porous medium after
water injection, in order to lay a solid basis for effective gas
injection program design and enhanced oil recovery.

Several experimental studies have attempted to understand
gas flooding behaviors. Hustand and Torleif (1992) analyzed
gravity-stabilized hydrocarbon gas displacement after water
flooding using core-scale experiments. They injected gas from
the top and bottom of the core separately, and reported that oil
banks formed in both cases. They further analyzed the effects
of oil-gas relative permeability, capillary force, and compo-
sition variations on the oil recovery. Sohrabi et al. (2008a,
2008b) explored the mechanisms of near-miscible gas flooding
and water alternating gas flooding using a high-pressure glass
micromodel, and suggested that near-miscible gas flooding
enhances flow and cross-flow between the bypassed pores and
the injected gas, which significantly contributes to oil recovery.
Alemu et al. (2013) carried out CO2 displacement experiments
with core samples adopted from the parallel and perpendicular
directions of the formation. Three-dimensional images of
fluid distribution and saturation during the displacement were
obtained using an industrial X-ray CT scanner, and the results
showed that the layering and displacement direction have
significant effects on the fluid distribution. The experiments
of Tovar et al. (2014) revealed that CO2 permeated through
the shale matrix from the fractures and almost all of the oil
was recovered.

Despite the above advances, core-scale experiments, es-
pecially those requiring the generation of high pressure and
temperature, are costly and time-consuming. It is difficult to
reveal the gas transport mechanisms in the cores, as the images
of continuous dynamics cannot be obtained experimentally
with high temporal and spatial precision (Andrew et al.,
2014). Pore-scale simulations can complement experimental
studies and have become an efficient and economical approach
in exploring flow behaviors (Feng et al., 2020; Zhu et al.,
2022). In the past ten years, the lattice Boltzmann method
(LBM) based on dynamic theory has evolved into a powerful
computational fluid dynamics tool because of its advantages in
the easy implementation of complex boundaries, auto-tracking
phase interface, and natural parallelism (Zhang, 2011; Li et
al., 2013; Zeidan et al., 2019). LBM has been widespread
in the simulations of multiphase flow in the porous medium,
chemical reactions, and heat transfer process (Chen et al.,
2013, 2015; Golparvar et al., 2018; Zhang et al., 2021; Wei
et al., 2022). At present, the commonly utilized multiphase
models include the Shan-Chen model, the color gradient model
(Diao et al., 2021; Liu et al., 2022a), and the phase field model
(Wang et al., 2019). These have been described in detail by Liu
et al. (2016). Some models have been extended to three-phase
systems. Zhang et al. (2019) employed a multi-relaxation time

lattice Boltzmann model to study the relative permeability
of three immiscible fluids in a 3D random porous medium
and analyzed the effects of capillary number, wettability, and
viscosity ratio. Tang et al. (2019) used the three-phase LBM
model to analyze the flow behavior of water, oil, and CO2 in
a porous medium, and explored the microscopic displacement
of CO2 in rocks under different injection conditions. Wei et
al. (2020) studied the process of slug-assisted water injection
at the pore scale using the three-phase Shan-Chen model
and summarized the enhanced oil recovery mechanisms in
different porous structures. Li et al. (2021) investigated the dis-
placement process in a simple pore-throat connection model,
and suggested that an oil layer spreading over the gas-water
interface would form under supercritical conditions, leading to
a higher oil recovery regardless of the wetting properties of the
solid surface. On the basis of the pore-scale three-phase flow
simulation results, Zhu et al. (2022) identified some typical
microscopic displacement behaviors, including coalescence
and split-up, pinch-off, double and multiple displacement, as
well as parallel flow. However, there are few reports on the
three-phase flow mechanisms of gas displacement after water
flooding (GDAWF).

In this work, the multi-component multi-phase (MCMP)
Shan-Chen model is utilized to study three-phase flow behav-
ior in a porous medium during gas displacement after water
flooding while considering the effects of different factors, such
as injected water, viscosity ratio, pore structure, and oil-gas
miscibility.

2. Numerical method
In the MCMP model, each fluid component (i.e., oil, water,

or gas phase) requires a distribution function. The lattice
Boltzmann equation with external force term is given by (Zhao
et al., 2017):

f σ (x+ ceδt , t +δt)− f σ (x, t) =−(M−1Sσ M)( f σ (x, t)

− f σ(eq)(x, t))+
[

M−1(I− Sσ

2
)M
]

Fσ
(x, t)

(1)

where f σ (x, t) stands for the density distribution function of
component σ at position x and time t; c= δx/δt represents the
lattice velocity, and δx and δt are the lengths of each lattice
and time step, respectively (i.e., 1); I is the unit diagonal
matrix of order nine. The collision operator adopts the multi-
relaxation time format to improve the simulation stability and
accuracy. The parameter e is the discrete velocity direction,
and the values of different directions in the D2Q9 model are
as follows:

e =

0 1 0 −1 0 1 −1 −1 1

0 0 1 0 −1 1 1 −1 −1

 (2)

Furthermore, f σ(eq)(x, t) is the equilibrium distribution
function of component σ , expressed as:
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f σ(eq)
i (x, t) = ρσ ωi

[
1+

3
c2

(
ei ·ueq

σ

)
+

9
2c4 (ei ·ueq

σ )2− 3
2c2

∣∣ueq
σ

∣∣2] (3)

where ωi denotes the weight of each direction, ω0 = 4/9,
ω1−4 = 1/9, and ω5−8 = 1/36. In the MCMP model, the
equilibrium velocity ueq

σ is defined as:

ueq =
∑σ sσ

ρ ρσ uσ

∑σ sσ
ρ ρσ

(4)

where ρσ and uσ represent the density and velocity of com-
ponent σ , respectively, and are estimated by:

ρσ = ∑
i

f σ
i ,ρσ uσ = ∑

i
ei f σ

i +
δ t

2
Fσ (5)

The transform matrix M in Eq. (1) is used to transform the
distribution function f σ and equilibrium distribution function
f σ(eq) from velocity space to momentum space, which can be
constructed from the discrete velocities via the Gram-Schmidt
orthogonalization procedure (Yu et al., 2019):

M =



1 1 1 1 1 1 1 1 1

−4 −1 −1 −1 −1 −2 −2 −2 −2

4 −2 −2 −2 −2 1 1 1 1

0 1 0 −1 0 1 −1 −1 1

0 −2 0 2 0 1 −1 −1 1

0 0 1 0 −1 1 1 −1 −1

0 0 −2 0 2 1 1 −1 −1

0 1 −1 1 −1 0 0 0 0

0 0 0 0 0 1 1 1 −1



(6)

The matrix Sσ in Eq. (1) is the diagonal relaxation matrix:

Sσ = diag
[
sσ

ρ ,s
σ
e ,s

σ
ε ,s

σ
j ,s

σ
q ,s

σ
j ,s

σ
q ,s

σ
υ ,s

σ
υ

]
(7)

where sσ
ρ and sσ

j ensure the conservation of mass and mo-
mentum, respectively, and their values are equal to 1. The non-
conserved moments sσ

e , sσ
ε , and sσ

q are independently adjusted
to improve the accuracy and stability of the simulation. In this
work, the three parameters are taken as sσ

e = 0.6, sσ
ε = 1.54,

and sσ
q = 1.2 (Zhao et al., 2017); sσ

υ is the dimensionless
relaxation time and is related to the fluid viscosity:

υσ = c2
s

(
1
sσ

υ

− 1
2

)
δt (8)

where cs denotes lattice speed velocity (c2
s = 1/3).

The force term Fσ

i in Eq. (1) adopts Guo’s force scheme
(Guo et al., 2002a):

Fσ

i =
Fσ · (e−ueq)

ρσ c2
s

f σ(eq)
i (9)

where Fσ is the total force exerted on the component σ and
can be divided into three parts: fluid-fluid interaction force
(Fσ

f ), fluid-solid interaction force (Fσ
ads), and body force (Fσ

b ),

such as:

Fσ = Fσ
f +Fσ

ads +Fσ
b (10)

The fluid-fluid interaction force is estimated by:

Fσ
f (x) =−gσσ ψσ (x)c2

s

N

∑
i=1

ω(|ei|2)ψσ (x+ ei)ei (11)

where gσσ represents the interaction parameter between the
component σ and σ . The interaction parameter between
the same components (gσσ ) is 0 because the single phase
transition is not taken into account. To characterize the phase
separation, the parameter between the different components
is set to 0.65, which is reduced appropriately when the two-
phase miscible process is considered. The parameter ψ(x) =
1−exp(−ρ(x)) is the effective mass dependent on the density
of each lattice. The weights ω(|ei|2) are ω(0) = 0, ω(1) =
1/3 , and ω(2) = 1/12 in the four-order isotropic discretization
scheme (Chen et al., 2014).

Similar to the estimation of fluid-fluid interaction force, the
fluid-solid interaction force is given by:

Fσ
ads(x) =−gσwψσ (x)c2

s

N

∑
i=1

ω(|ei|2)ψ(ρw)s(x+ ei)ei (12)

where gσw is the interaction parameter between the component
σ and the solid, ρw denotes the solid density, and s is a flag
function with 0 representing the fluid phase and 1 representing
the solid phase. The body force is given by Fσ

b = ρσ g and g
is the body force per unit mass.

3. Model validations

3.1 Laplace’s law
The bubble test is commonly used to evaluate the inter-

facial tension between two phases, and can be employed to
examine the accuracy of the two-phase flow model. When
placing a circular droplet in the center of another immiscible
liquid, the pressure difference inside and outside the droplet
is proportional to the reciprocal of the droplet radius, and the
slope is the interfacial tension between the two phases. The
correlation is given by (Wei et al., 2022):

pi− po =
γ

R
(13)

where pi and po represent the pressure inside and outside the
droplet, respectively; R denotes the droplet radius; γ is the
interfacial tension.

Herein, the bubble test is extended to three-phase systems.
The size of the computing area is 100× 100, and two con-
centric droplets containing the first phase and second phase
with radius R1 and R2, respectively, are placed in the center
of another immiscible third phase fluid. The initial density
distribution in the calculating region is:

ρ1 = 1,ρ2 = ρ3 = 10−5 (x−60)2 +(y−60)2 ≤ R2
1

ρ2 = 1,ρ1 = ρ3 = 10−5 R2
1 < (x−60)2 +(y−60)2 < R2

2

ρ3 = 1,ρ1 = ρ2 = 10−5 otherwise
(14)

The pressure in each lattice is estimated by (Zhao et al.,
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Fig. 1. Simulation result of three-phase Laplace’s law. The
lattice unit is used for the coordinate axes. The red, blue, and
yellow regions in the inset represent the first, second, and third
phase fluid, respectively.

2017):

p = ∑ρσ c2
s +

c2
s

2 ∑gσσ ψσ ψσ (15)

Three different cases corresponding to the R1 values of
15, 17, and 20 are simulated. Periodic boundary condition
is applied around the computational domain and there is no
extra force in the entire system. The viscosity of the three
phases remains the same at 1/6 (lattice unit). The maximum
simulation time step is 200,000, which is sufficient for the
whole system to reach a steady state. The radii of the droplets
are determined from the edge of the three-phase interface,
where the density is ρ = ρ0/2 (ρ0 is the initial density, i.e.,
2 in this study). The pressure differences between phases 1-2
and 2-3 are estimated using the method of Chen et al. (2013).
Fig. 1 indicates that there is a linear correlation between the
pressure difference and the reciprocal of radius, which well
agrees with Laplace’s law.

3.2 Contact angle test
The static contact angle can reflect the varying wettability

between different phases, which is an important parameter
for multiphase flow in a porous medium. As shown in Fig.
2, the contacting droplets consisting of the first and second
phases are placed on a solid plane surrounded by the third
phase fluid. Subsequently, the contact angles θ13, θ12, and
θ23 are obtained to characterize the wettability of the three-
phase system. According to Young’s equation, the correlation
between contact angle and interfacial tension is given by:

cosθσσ =
γσw− γσw

γσσ

(16)

where γσw and γσw represent the fluid-solid interfacial tension
and γσσ is the fluid-fluid interfacial tension; θσσ denotes the
contact angle between two phases, and θσσ = π−θσσ .

In the MCMP Shan-Chen model, the interfacial tension
is proportional to the interaction parameters given in Eqs.
(11) and (12). Therefore, Eq. (16) is reformulated to more

readily predict the contact angle (Huang et al., 2007; Wei et
al., 2020):

cosθσσ =
2(gσw−gσw)

gσσ (ρσ ,eq−ρσ ,dis)
(17)

where ρσ ,eq and ρσ ,dis respectively denote the equilibrium
density (i.e., 2) and the dissolved density (i.e., 10−5).

The size of the calculation area is 200× 100, and the
top and bottom are solid walls. Initially, the first and second
phases are placed on the solid wall as quarter circles (radius:
50) surrounded by the third phase. The viscosity of the three
phases are identical (1/6 lattice unit). The periodic boundary
condition is adopted in the four directions, and the half-way
bounce-back boundary is used at the solid surface. First, six
different sets of contact angles are determined. For each set of
contact angles, their values are incorporated into Eq. (17) to
obtain a set of equations related to fluid-solid interaction
parameters. Then, the parameters are obtained by solving these
equations and used to conduct the LBM simulations. These
specific parameters and the simulation results are shown in
Table 1 and Fig. 2, respectively. The shapes of the three-phase
droplets are distinct under different parameters. The measured
contact angle is consistent with the prediction of Eq. (17),
which indicates that the LBM model can well characterize the
different wetting conditions.

3.3 Three-phase layered flow
The layered flow between parallel plates is often used

to examine the accuracy of a multiphase model. In this
simulation, the size of the computational domain is 20×202,
and the top and bottom are solid walls. For the initial three-
phase distribution, the first phase is in the middle area of the
parallel plates (0 < |y|< a), the third phase is located near the
solid wall (b < |y|< c), and the second phase is between the
first phase and the third phase (a≤ |y| ≤ b). Periodic boundary
condition is adopted in the x-direction, and half-way bounce-
back boundary condition is used for the upper and lower solid
walls. A body force (Fb = 5× 10−5) is applied in the x-
direction to mimic Poiseuille flow. The saturation of the second
phase remains constant (0.2), and the regions of the first and
third phases are tuned to achieve different saturations. The
relative permeability of each phase under different saturations
is estimated by: 

Kr,1(S3) =

∫ a
|y|=0 u1dy∫ c
|y|=0 u1dy

Kr,2(S3) =

∫ b
|y|=a u2dy∫ c
|y|=0 u2dy

Kr,3(S3) =

∫ c
|y|=b u3dy∫ c
|y|=0 u3dy

(18)

where Kr,k and Sk represent the relative permeability and
saturation of the k-th phase, respectively. The denominator in
the formula stands for the flow velocity of a single phase. The
analytical solution for the relative permeability is related to
the saturation (S1, S2, and S3) and viscosity ratio (M) (Zhu et
al., 2021), such as:
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Fig. 2. LBM simulation results for different fluid-solid interaction parameters. Panels (a)-(f) correspond to the cases shown in
Table 1.

Table 1. Six sets of contact angles and the corresponding
fluid-solid interaction parameters.

Case θ13 (°) θ21 (°) θ32 (°) g1w g2w g3w

a 90 60 120 0.2 -0.125 0.2

b 60 90 120 -0.2 -0.2 0.125

c 120 60 90 0.125 -0.2 -0.2

d 60 120 90 -0.125 0.2 0.2

e 90 90 90 0.2 0.2 0.2

f 90 120 60 -0.2 0.125 -0.2



Kr,1 =−
3
2

[(
M1,2−

2
3

)
S3

1− (M1,3

−M1,2)S1(1−S3)
2−M1,3S1

]
Kr,2 =−

3
2

[(
M2,3−

2
3

)
(1−S3)

3−M2,3(1−S3)

−1
3

S3
1− (M2,3−1)(1−S3)

2 +M2,3S1

]
Kr,3 =

1
2

S2
3(3−S3)

(19)

where Mk,l = ρkυk/ρlυl denotes the dynamic viscosity ratio
between the k-th phase and l-th phase.

Three-phase viscosity ratios of 1:1:1 and 5:1:1 are simu-
lated, and the estimated relative permeability curves are shown
in Fig. 3. Notably, the relative permeability of the 1st phase
is greater than 1 when the viscosity ratio M is 5:1:1. This
phenomenon is normal and the reason should be attributed
to the “lubrication” effect (Zhang et al. 2019; Zhu et al.
2021). Fig. 3 indicates that the simulation results are in good
agreement with the analytical solution, which justifies the
accuracy of the three-phase flow model.

4. Results and discussion
In this section, the three-phase Shan-Chen model is imple-

mented to study the GDAWF process in the porous media, and
the effects of water injection, viscosity ratio, pore structure,
and oil-gas miscibility are explored in detail.

4.1 Comparison between direct gas displacement
(DGD) and GDAWF

Two simulations are carried out to analyze the differences
between DGD and GDAWF from the pore-scale perspective.
The porous medium structure is adopted from the CT images
of core samples in the Tarim Oilfield (Fig. 4). Two porous
models in the upper and lower parts of the image are selected
to carry out the three-phase flow simulation. The porosities
of the two models and the original one are 0.428, 0.358, and
0.374, respectively. Their permeabilities estimated using the
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Fig. 3. Relative permeability curves for three-phase layered flow under different viscosity ratios. (a) 1:1:1 and (b) 5:1:1.

Fig. 4. The porous models used in this study. Left: the
binarized image of the original CT image from the Tarim
Oilfield; Right: two porous structures used for the water
flooding and gas flooding simulations.

incompressible single-phase flow model (Guo et al., 2000) are
75.42× 10−3, 45.50× 10−3, and 56.28× 10−3 µm2, respec-
tively. The porosities and permeabilities of the two porous
models fluctuate around those of the whole porous media,
which demonstrates that the porous structures are represen-
tative.

The size of the selected porous model is 680×400 lattices
(corresponding to 68 µm× 40 µm). The black and white
colors represent the solid and pore region, respectively (Fig.
4). The half-way bounce-back boundary condition is utilized
for the solid surface. The constant velocity boundary condition
characterized using the non-equilibrium extrapolation method
(Guo et al., 2002b) is used for the inlet of the porous medium
(the left side). For the outlet (the right side), a fully developed
boundary condition is adopted; that is, the distribution function
of the lattice at the outlet boundary and the adjacent lattices
are identical. To ensure the simulation stability, 30 and 170
lattices are added to the inlet and outlet of the porous model,
respectively, as the buffer layers; thus, the final size of the
computational area is 880×400 lattices.

During the simulation, the porous medium is first saturated
with oil and then displaced with water. When the injected
water reaches the outlet of the porous medium, the simulation
continues for a while and then switches to gas flooding. This is

because the maximum recovery of water flooding is usually not
reached when the injected water has arrived at the production
well, and water flooding will continue to improve the recovery.

Wettability is a multiscale property linking molecular-scale
interactions with core-scale properties (Cha et al., 2022). In an
actual reservoir, the wettability of the rock surface decreases
in the order of water-wet, oil-wet, and gas-wet. Therefore,
the fluid-solid interaction parameters of water, oil, and gas
are set as -0.2, 0, and 0.3, respectively. The corresponding
contact angles θ13, θ23, and θ21 estimated by Eq. (16) are
62.5°, 39.7°, and 72°, respectively. To ensure consistence with
the actual conditions, the values of sυ in Eq. (7) are set
as 5.5, 1, and 0.55, respectively, leading to a three-phase
viscosity ratio of 100:10:1. These parameters are used in the
subsequent simulations unless otherwise specified. The oil-gas
interaction parameter is 0.65. To facilitate the understanding,
the lattice units (lu) are converted to physical units, and
the conversion factors (physical unit/lattice unit) of different
physical quantities are as follows: length, 1×10−7 m/lu; time,
1/6×10−8 s/lu; pressure difference, 1.8×106 Pa/lu.

During the GDAWF simulation, water is first injected for
0.5 ms and then the gas drive continues for 0.33 ms. During
the DGD simulation, the gas injection time and rate remain
the same as GDAWF. The simulation results of DGD shown
in Fig. 5 suggest that there is an obvious gas flow path
(termed gas channel) due to the reservoir heterogeneity and the
large viscosity difference; thus, the gas swept area is smaller.
However, owing to the smaller viscosity difference between
oil and water and the reservoir hydrophilicity, water flooding
shows a larger swept area during GDAWF, while the gas
channel still forms after gas injection. A comparison of the two
cases reveals that there are two (upper and lower) dominant
channels in this porous medium. In the DGD process, the
injected gas preferentially advances along the lower channel.
However, in the GDAWF process, due to the existence of pre-
injected water, the main flow channel of injected gas changes,
which advances along the upper part of the porous model.
Therefore, the pre-injected water changes the flow channel
of subsequently injected gas. The simulation results at 0.25
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Fig. 5. Simulation results of DGD and GDAWF. (a)-(d): direct gas displacement at 0.083, 0.167, 0.25, and 0.333 ms, respectively;
(e)-(f): gas displacement after water flooding at 0.583, 0.667, 0.75, and 0.833 ms, respectively (the water flooding is converted
to gas flooding at 0.5 ms).
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Fig. 6. Pressure distribution in the porous medium. (a) DGD 0.333 ms and (b) GDAWF 0.833 ms (the water flooding is
converted to gas flooding at 0.5 ms).

ms suggest that gas channeling occurs in GDAWF but not in
DGD. This should be attributed to the lower viscosity and flow
resistance of water compared to oil, which makes the injected
gas transport quickly through the porous medium, resulting in
early gas breakthrough. Fig. 5 also indicates that there is no
gas on the right side of Fig. 5(h) because gas snap-off occurs
(Cha et al., 2021) in the white circle of Fig. 5(g) during the
injection, and then the gas after snap-off location is expelled
from the porous model in the displacement process.

Furthermore, the pressure distributions (Fig. 6) in the
porous medium at the end of gas displacement are analyzed.
The blue line in the figure is generated by the large pressure
fluctuation at the multiphase interface, which is unphysical due
to a sharp density variation and should be ignored (Chen et
al., 2013). In comparison to DGD, GDAWF contains various
interfaces (gas-water, oil-water, and oil-gas interfaces), which
leads to a more complex pressure distribution and a larger
internal pressure drop. Quantitative analysis shows that the
pressure differences across the porous models are 0.086 and
0.113 MPa, respectively; therefore, GDAWF requires a higher
injection pressure.

As expected, the oil recovery factor in the porous media

gradually increases with time (Fig. 7). During DGD, the
recovery factor tends to be stable after gas breakthrough,
which is consistent with the two-phase displacement reported
by Wei et al. (2022). This is because gas forms the main flow
channels inside the porous medium, it has less flow resistance
and makes it difficult for the subsequent gas to spread to other
areas. During GDAWF, gas displacement further enhances
oil recovery by 20% over water flooding. Fig. 7(b) further
reveals that the recovery factor tends to level off after gas
breakthrough. However, when gas snap-off occurs, the stable
gas flow channel is destroyed, and the injected gas re-enters
some pores with lower flow resistance and yet again increases
the recovery factor.

4.2 Effect of viscosity ratio
Large viscosity ratios can cause the viscous fingering

of injected fluid. Thus, this section evaluates the effect of
different oil-water-gas viscosity ratios on the GDAWF. Two
different oil-water-gas viscosity ratios are simulated: 1:1:1 and
100:10:1. The values of sυ in Eq. (7) corresponding to the two
cases are 1, 1, 1 and 5.5, 1, 0.55, respectively. The simulation
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Fig. 7. Variation in the recovery factor with time during gas flooding. (a) DGD and (b) GDAWF.
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Fig. 8. Simulation result of GDAWF under different viscosity ratios. Upper panel: M = 1:1:1; lower panel: M = 100:10:1.
(a)-(d) and (e)-(h) represent the different time steps: 0.583, 0.667, 0.75, and 0.833 ms, respectively (the water flooding is
converted to gas flooding at 0.5 ms).
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Fig. 9. Variation in the gas displacement fronts with time under
different viscosity ratios.

details remain the same as reported above, and the results are
shown in Fig. 8. At a lower viscosity ratio, the injected water
and gas advance uniformly in the porous medium and have a
greater sweeping range. When the viscosity ratio is larger, the
viscosity difference between oil, water, and gas increases and
viscosity fingering occurs in the porous medium, resulting in a
smaller swept area. Therefore, more remaining oil is observed
at the right side of the porous medium (Fig. 8).

Subsequently, the gas injection capability under different
viscosity ratios is examined. The pressure difference across
the gas-water interface (A1, B1 and A2, B2 in Fig. 8) under
different viscosity ratios are 57.31 KPa (1:1:1) and 16.75 KPa
(100:10:1), respectively, at 0.667 ms. For a higher viscosity
ratio, the pressure difference across the interface is smaller,
so the gas at the inlet is less likely to be displaced into
the interior of the porous media, which corresponds to an
increasing injection difficulty.

The positions of the gas displacement fronts under different
viscosity ratios are compared in Fig. 9. At the early stage, the
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Fig. 10. Simulation result of GDAWF in the two porous models. Upper panel: porous media 1; lower panel: porous media
2. (a)-(d) and (e)-(h) represent the different time steps: 0.583, 0.667, 0.75, and 0.833 ms, respectively (the water flooding is
converted to gas flooding at 0.5 ms).
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Fig. 11. Oil saturations along the flow direction in two porous
models.

gas injection capability is stronger under lower viscosity con-
ditions, and the gas front advances much faster (Fig. 9). The
viscosity difference gradually appears when more gas enters
the porous medium; thus, viscous fingering occurs under the
condition of larger viscosity ratio, leading to the rapid advance
of gas flooding front. The oil recoveries are 76.77% and
67.38% for the lower and higher viscosity ratios, respectively;
therefore, the oil-water-gas viscosity ratio should be kept at a
lower level to improve the effect of GDAWF.

4.3 Effect of porous structure
The pore structures in actual cores can vary greatly, which

will affect the fluid flow process (Rokhforouz and Amiri,
2019). Thus, the process of GADWF in another porous model
(Fig. 4) is studied. To make a direct comparison between the
two models, the factor proposed by Wang et al. (2016) is used
to quantitatively evaluate the heterogeneity:

H =
1
φ

√
∑(φi−φ)2

n−1
(20)

where H represents the heterogeneity factor, n denotes the
total number of divided regions in the porous medium, and
φi and φ are the porosity of the i-th region and the total
model, respectively. The estimated heterogeneity factors of
the first and second porous medium are 0.2229 and 0.3306,
respectively. Consequently, the second porous model is more
heterogeneous.

The simulation results shown in Fig. 10 indicate that, due to
the stronger heterogeneity, the injected water and gas primarily
transport through the upper half, and the lower half is not
swept. The oil saturations at different locations at 0.833 ms
are shown in Fig. 11. Caused by the greater heterogeneity,
the remaining oil saturation in the second model is higher.
The increase in the remaining oil saturation in the upper half
of the first porous model is attributed to viscous fingering.
When observing the throat in the white circles of the second
model (Fig. 10), it can be found that oil in the throat was
not recovered during water flooding. However, because the
rock surface is hydrophilic, water re-enters the throat under
the capillary pressure during subsequent gas injection, which
displaces the oil and further improves recovery (Cai et al.,
2021).

4.4 Effect of oil-gas miscibility
Miscibility is an important mechanism influencing the

enhancement of oil recovery in gas flooding. The miscible
process basically comprises the diffusion of gas into the oil
phase, which is described by Fick’s second law (Mukherjee et
al., 2020):

∂C
∂ t

= ∇ · (D∇C) (21)

where C and D respectively denote the concentration and
diffusion coefficients of the gas phase. As recommended by
Wang et al. (2022), the interaction parameter g between oil
and gas in Eq. (10) is set to 0.45 to take into account the
miscibility. Under this condition, the gas diffusion curve is in
good agreement with Fick’s second law. Because the miscible
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Fig. 12. Simulation result of immiscible (upper panel) and miscible (lower panel) GDAWF. (a)-(d) and (e)-(f) represent the
different time steps: 0.583, 0.667, 0.75, and 0.833 ms, respectively (the water flooding is converted to gas flooding at 0.5 ms).
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Fig. 13. Variation in the recovery factor with time during
immiscible and miscible gas flooding.

process only occurs between the oil and gas phases and it
cannot exist between oil-water and gas-water, their interaction
parameters remain unchanged. When the gas phase meets the
oil phase, the gas gradually diffuses in the oil under the
concentration gradient, and the gas concentration in the oil
phase continues to increases for a while. With the continued
increase in the gas phase concentration, viscosity in this lattice
gradually approaches that of the gas phase, which reflects
the viscosity reduction effect from phase mixing. When the
concentration difference on both sides of the interface is suf-
ficiently small, the diffusion reaches the dynamic equilibrium,
and the two phases become completely miscible.

The simulation results of immiscible and miscible GDAWF
are shown in Fig. 12. If the injected gas does not contact oil,
there is no obvious difference in the displacement process.
When the gas and oil come into contact, miscibility occurs
and the interface between the two phases is eliminated; thus,
oil that remained at the corners during water flooding is further
recovered (Fig. 13). Sohrabi et al. (2008b) reported a similar
process when using microfluidic chips to study CO2 near-

miscible displacement in porous media. By comparing the
white circles in Fig. 12, it can be found that the injected
gas has a larger sweep area under miscible conditions. The
reason is that oil-gas miscibility increases the viscosity of
the injected gas and reduces that of the oil phase, which
weakens the viscosity difference between oil and gas and
improves the oil transport capability. In addition, the reduced
oil-gas interfacial tension after miscibility also promotes oil
recovery. Therefore, to improve the production effect during
gas flooding, the formation pressure should be kept higher than
the oil-gas minimum miscible pressure.

5. Conclusions
In this work, we used the multi-component multi-phase

Shan-Chen lattice Boltzmann model to study the three-phase
flow behavior during gas displacement after water flooding,
and explored the effects of water injection, viscosity ratio, pore
structure, and oil-gas miscibility. The following conclusions
were drawn:

1) If water flooding is taken into account, the pre-injected
water will change the flow channel of injected gas,
resulting in premature gas breakthrough. Meanwhile,
the interfaces that are rather multiphase (oil-water, oil-
gas, and water-gas interfaces) cause a more complicated
pressure distribution in the porous medium and a larger
pressure drop. Therefore, gas displacement after water
flooding requires a higher injection pressure.

2) With the increase in the viscosity ratio, the gas fingering
phenomenon is more likely to occur, which leads to
a reduced gas swept area and greater remaining oil
saturation. For a larger viscosity ratio, other than the
preferential flow path, the injected gas tends to be trapped
near the inlet and is difficult to penetrate into the porous
medium, indicating an increased injection difficulty.

3) During the subsequent gas flooding, water retained in
the porous medium after water injection will imbibe into
the small pores under the capillary effect, which will
further displace the remaining oil. When accounting for
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the miscible process, the oil-gas interface disappears,
eliminating the influence of capillary pressure between
oil and gas phases and leading to the further recovery of
the remaining oil at the corners.
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