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Pore-scale X-ray imaging combined with a steady-state flow experiment was used to study the displacement
processes during waterflooding in an altered-wettability carbonate, Ketton limestone, with more than two orders
of magnitude difference in pore size between macropores and microporosity. We simultaneously characterized
macroscopic and local multiphase flow parameters, including relative permeability, capillary pressure, wetta-
bility, and fluid occupancy in pores and throats. An accurate method was applied for porosity and fluid saturation
measurements using greyscale based differential imaging without image segmentation. The relative permeability
values were corrected by considering the measured saturation profile along the sample length to account for the
so-called capillary end effect. The behaviour of relative permeability and capillary pressure was compared to
other measurements in the literature to demonstrate the combined effects of wettability and pore structure.
Typical oil-wet behaviour in resolvable macropores was measured from contact angle, fluid occupancy and
curvature. The capillary pressure was negative while the oil relative permeability dropped quickly as oil was
drained to low saturation and flowed through connected oil layers. Brine initially largely flowed through water-
wet microporosity, and then filled the centre of large oil-wet pore bodies. Thus, the brine relative permeability
remained exceptionally low until brine formed a connected flow path in the macropores leading to a substantial
increase in relative permeability. Overall, this work demonstrates that not only wettability but also pore size
distribution and microporosity have significant impact on displacement processes.

1. Introduction imaging-based work includes calculation of capillary pressure from

interfacial curvature (Armstrong et al., 2012; Andrew et al., 2014b;

Multiphase flow in porous media is encountered in many natural and
industrial processes (Blunt, 2017), such as in soil contamination and
remediation (Parker, 1989; Bear and Cheng, 2010), CO2 (Benson and
Cole, 2008; Boot-Handford et al., 2014) and H, (Zivar et al., 2021)
storage, hydrocarbon recovery (Gerritsen and Durlofsky, 2005), as well
as gas and water transport in fuel cells (Niu et al., 2007). In these pro-
cesses, understanding the pore-scale fluid displacement, which depends
on pore geometry and wettability, is of vital importance.

In recent years, pore-scale X-ray imaging has been combined with
core flooding experiments to study multiphase flow in porous media
(Blunt et al., 2013; Wildenschild and Sheppard, 2013). This technique
characterizes not only macroscopic multiphase flow parameters (rela-
tive permeability, capillary pressure) but also provides insight into the
pore-by-pore fluid distribution and wettability. Pioneering X-ray
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Garing et al., 2017), measurement of relative permeability including the
effect of intermittency (Gao et al., 2017; Zou et al., 2018a; Zou et al.,
2018b; Gao et al., 2019; Spurin et al., 2021), characterization of
wettability by contact angle measurements (Andrew et al., 2014a; Klise
et al., 2016; Alhammadi et al., 2017; AlRatrout et al., 2017; Scanziani
etal., 2017; Blunt et al., 2019; Sun et al., 2020), and studies of dynamic
displacement phenomena (Berg et al., 2013; Andrew et al., 2015; Pak
et al., 2015; Riicker et al., 2019; Scanziani et al., 2020).

The key determinants controlling local and macroscopic behaviour
are pore geometry (including topology) and wettability. In particular it
is difficult to predict the multiphase flow behaviour in complex rocks
with broad pore size distributions (Arns et al., 2005; Bultreys et al.,
2015; Pak et al., 2016). Previous experimental studies with pore-scale
X-ray imaging have mostly been reported on multiphase flow in
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Fig. 1. (a) A two-dimensional cross-section of a three-dimensional greyscale image, and (b) the bimodal pore size distribution of Ketton limestone measured by the
mercury injection capillary pressure (MICP) method: there is almost three orders of magnitude variation between the peak of the throat radius distribution in

microporosity below 0.1 pm, and the peak in the macropores, above 10 pm.

homogeneous sandstone rocks with unimodal pore size distributions
(Gao et al., 2017; Lin et al., 2018; Zou et al., 2018a; Zou et al., 2018b;
Lin et al., 2019; Gao et al., 2021); only a few experimental studies exist
on more complex rock geometries such as the ones commonly encoun-
tered in carbonates (Gao et al., 2019; Alhammadi et al., 2020; Lin et al.,
2021). Here the impact of geometry can be profoundly different, notably
by the interplay between flow through microporosity (with pore radii of
less than approximately 1 micron, below the resolution of our images)
and macropores (pores larger than a few microns that can be resolved in
the images). Furthermore, relative permeability in all these studies has
not been thoroughly assessed in terms of measurement uncertainty,
which is needed for experimental data evaluation, and image-based
calibration and validation of pore-scale modelling tools (Raeini et al.,
2022).

The main aim of this study is to provide new multiphase flow mea-
surements with complex geometry and wettability and to discuss the
unique features related to contact angle, pore occupancy, curvature,
capillary pressure and relative permeability through comparison with
other datasets in the literature. We will examine the impact of a bimodal
pore size distribution on multiphase flow and displacement in a micro-
porous limestone whose wettability has been altered from a water-wet
state. By bimodal pore size distribution, we mean a complete separa-
tion of length scales in microporosity and macropores, as shown in
Fig. 1, which illustrates at least 2 orders of magnitude difference in pore
sizes in Ketton limestone. Moreover, we will conduct a rigorous analysis
of saturation and relative permeability using new methods that reduce
and quantify measurement uncertainty while accounting for in-
homogeneities in the saturation profiles. We will use a new greyscale-
based differential imaging method for porosity and saturation calcula-
tions without segmentation and demonstrate its accuracy in terms of
image resolution.

2. Material and methods
2.1. Rock sample and fluid properties

A cylindrical Ketton limestone sample of 6.1 mm in diameter with a
length of 54.6 mm was used in this study, as shown in Fig. 1. The sample
is mainly composed of calcite mineral (>99%) and has a helium porosity
of 0.239 + 0.008. The absolute permeability of the sample was
measured based on Darcy’s law at three flow rates under single-phase
(brine) conditions to be 2.45 + 0.03 Darcy.

The oil phase was decane that has a density of 730 kg/m> (n-Decane,
Acros Organics) and a viscosity of 0.838 mPaes (provided by PubChem,
open chemistry database). The brine phase was deionised water doped
with 25 wt% Potassium Iodide (KI) with a viscosity of 0.82 + 0.01
mPaes. The 25 wt% KI was used as a high contrast dopant to distinguish

the brine phase with the other two phases: oil and grain. Details con-
cerning the contrast scans between rock and fluids can be found in
Appendix A. The interfacial tension (IFT) between brine and decane was
measured to be 47.05 + 1.56 mN/m at ambient conditions using a
Rame-Hart apparatus (590 F4 series) based on the pendant drop method
(Andreas et al., 1938; Stauffer, 1965).

2.2. Experimental methods

This study includes three main parts: a) absolute permeability mea-
surement, dry scan, and brine saturated scan of the sample; b) dynamic
ageing of the sample through contact with crude oil at high temperature
and pressure for wettability alteration; and c) a steady-state two phase
flow experiment at low capillary number of 4.1x10~7 with a total flow
rate of 0.04 ml/min. The capillary number, Ca, defined as uq/c, where q
is the total Darcy velocity of the injected fluids, o is the interfacial
tension between oil and brine, and p is the average viscosity of both
fluids. A Hassler type X-ray transparent flow cell made of carbon fibre
epoxy was used for the steady state two-phase flow experiments (Fig. 2).
Brine and decane were injected simultaneously into the sample with
controlled flow rates while measuring the pressure differential across
the sample by a high accuracy transducer (Keller PD-33X). The pore
pressure was controlled by a back pressure regulator (Equilibar zero
flow series which could handle the range of flow rates applied) and the
effluent of brine and decane was collected at the outlet of the regulator.

The step-by-step workflow of this experiment was as follows.

1 The sample was put into the Viton sleeve and then assembled in
the core holder. Polyether ether ketone (PEEK) lines were con-
nected between the core holder within the micro-CT scanner and
the pumps outside.

2 Deionized water as the confining fluid was injected and filled the
space between the Viton sleeve and the carbon fibre sleeve. A
confining pressure of 2 MPa was applied step by step to squeeze
the Viton sleeve onto the sample to avoid bypass flow between
the sample and the sleeve.

3 The dry sample was imaged by four coarser resolution scans for
covering the full sample length, two high resolution scans in the
middle and one high resolution scan near the outlet of the sample.
The scanning locations are shown in Fig. 2. The voxel sizes of
coarser resolution and high-resolution images were 8.91 pm and
3.58 um, respectively. The overlap between one scan to the
neighbour for both coarser resolution images and high resolution
images was approximately 30% in order to stich neighbouring
scans together.

4 More than 200 pore volumes 25 wt% KI brine was injected to
displace air in the pore space and ensure the sample was fully
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saturated by brine. After that, the pore pressure was set at 1 MPa
by the back pressure regulator and the confining pressure was
increased to 3 MPa.

5 The pressure differential for single-phase brine injection was
monitored over three flow rates to measure the absolute perme-
ability: 2.45 + 0.03 Darcy. A reference scan of the sample fully
saturated with brine was then acquired.

6 The core holder was moved into an oven with a temperature of 80
+ 1 °C. A pore pressure of 5 MPa and confining pressure of 7 MPa
were set. The Ketton sample was maintained at these conditions
for 3 days to allow ion equilibration between the solid and brine.

7 Crude oil was injected into the sample by increasing flow rate
from 0.02 mL/min to 2 mL/min stepwise to reach the irreducible
water saturation. This is a primary drainage process. After that,
crude oil was injected at a flow rate of 0.001 mL/min for a period
of 3 weeks. This process is called ageing during which the
wettability of the sample changes to mimic conditions in the deep
subsurface. The composition and properties of the crude oil can
be found elsewhere (Selem et al., 2021). During ageing, the flow
direction was reversed half way through to establish a uniform
initial brine saturation and homogeneous wettability alteration.
At the end of ageing, decalin was first injected into the sample to
displace the crude oil and then decane was injected to displace
decalin. This was done to avoid asphaltene precipitation.

8 After ageing, the pore pressure was decreased to 1 MPa and the
confining pressure was decreased to 3 MPa. The core holder was
then isolated by closing the three-way valve. The core holder was
disconnected from the tubing and moved back to the micro-CT
scanner. The pumps were then connected again to the core
holder and air was flushed out of the lines through the three-way
valves to avoid any air entering the system.

9 Brine and decane were injected simultaneously into the sample at
different fractional flows, the ratio of the volumetric brine flow
rate to the total flow rate of oil and brine (f,, = 0, 0.05, 0.15, 0.3,
0.5, 0.7, 0.95, 1) with a constant total flow rate of 0.04 mL/min.
At the last fractional flow point (f,, = 1) the brine flow rate was
increased 100 times, from 0.04 mL/min to 4 mL/min (this is
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Fig. 2. Schematic diagram of the two-phase
flow system coupled with X-ray imaging. Oil
and brine can be injected simultaneously into
the sample from the bottom end with the
designed dual injection head. Two high resolu-
tion tomographic scans with voxel size of 3.58
4 pm were taken in the middle section, and one
g was taken near the downstream (upper) end.
E Another four coarser resolution tomographic
© scans with voxel size of 8.91 um were taken for
— the full length of the sample. Note that
approximately 2 mm was cropped at the top
and bottom of the sample with voxel size of

8.91 um to avoid image artefacts.

10 mm

called a bump flood) for over 100 pore volumes to reach the re-
sidual oil saturation. Then brine injection continued at 0.04 mL/
min to measure the pressure differential when the fractional flow
was 1.

10 For each fractional flow, injection continued for at least 20 h to
reach a steady-state condition, which was indicated by a stable
and constant pressure drop for at least 6 h monitored by the
differential pressure transducer. Once steady state was reached,
X-ray images were taken at the same position as described in Step
3 without stopping fluid injection to investigate the fluid satu-
ration and configuration in the pore space. For the last fractional
flow point (f,, = 1), X-ray images were taken twice: before and
after the higher rate (bump) flood.

11 The sample was taken out the core holder and all eight fractional
flows were repeated but without the rock sample (or imaging) to
measure the pressure differential in the flow lines. A rigorous
tubing (line) pressure validation and uncertainty analysis were
conducted, see Appendices B and C.

2.3. Imaging methods and processing

The images were taken using a Zeiss XRM-510 X-ray CT scanner with
a flat panel detector. The X-ray energy was 80 KeV and the power was 7
W. The exposure time was set to 1.60 s and the number of projections for
each scan was 3201 to enhance image quality. All tomograms were
reconstructed into three-dimensional images using the Zeiss Recon-
structor Software. At each fractional flow, the four coarser images with
8.91 pm voxel size were normalized to the brine-saturated images slice
by slice, as a reference, and stitched to the whole sample, as shown in
Fig. 2. The stitched image size was 6 x 6 x 50.5 mm°. Similarly, the
overlapping images of two high resolution images in the middle of the
sample were also normalized to the brine-saturated images and stitched
together, as shown in Fig. 2. The stitched image size was 6 x 6 x 10 mm>
All images were registered to the brine-saturated image with the same
position.

Instead of segmentation, which has user bias, we conducted
greyscale-based calculations of porosity and saturation without



G. Zhang et al.
Table 1
Measurements, methods and the corresponding image size and voxel size.
Measurement Method Image size / Voxel size /
mm® Hm
Porosity / saturation  Greyscale-based 6 x 6 x 50.5 8.91
differential imaging
Contact angle Segmentation 3.58 x 3.58 3.58
x 3.58
Fluid occupancy Segmentation 3.58 x 3.58 3.58
x 3.58
Mean / Gaussian Segmentation 2x2x2 3.58

curvature

segmentation, as proposed by Withjack (1988) and applied to a wide
range of rock types (Krevor et al., 2012; Akbarabadi and Piri, 2013;
Vega et al, 2014; Pini and Madonna, 2016). We combine
greyscale-based calculations with differential imaging. The solid and
brine phases cancel out during differential imaging — subtracting the
brine saturated image from the dry/partially-saturated images. In this
case, simpler equations to determine porosity and saturation are used
with lower uncertainty (Raeini et al., 2022), see Appendix D. As for
interfacial properties, image segmentation which combines differential
imaging with interactive thresholding segmentation was then performed
to obtain quantitative information, such as contact angle, fluid occu-
pancy, curvature and capillary pressure. The segmentation procedure is
explained in more detail in Appendix E. The measurements used for this
paper and the corresponding methods, image size and voxel size are
described in Table 1.

3. Results and discussion
We start with the characterization of pore structure in Section 3.1

followed by measurement of porosity and fluid saturation by greyscale-
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based differential imaging without segmentation in Section 3.2. Then we
quantify the in situ wettability through the geometric contact angle in
Section 3.3. This is followed by the analysis of the fluid occupancy in
pores and throats in Section 3.4. In Section 3.5, we present the interfa-
cial curvature analysis, including mean curvature and Gaussian curva-
ture, and the calculation of capillary pressure based on mean curvature.
Finally, the relative permeability and implications for recovery are
presented in Section 3.6 with a discussion of other results in the litera-
ture to show how wettability and pore structure control multiphase flow
properties. This analysis includes a method to account for an arbitrary
inhomogeneous saturation profile, allowing for the capillary end effect
and other heterogeneities present in the system.

3.1. Characterization of pore structure

We extracted network models from the stitched high-resolution im-
ages with voxel size of 3.58 pm in the middle of the sample (6 x 6 x 10
mm®). The maximal ball method was used to divide the segmented
macropores into wide regions (pores) separated by restrictions (throats)
(Dong and Blunt, 2009; Raeini et al., 2017). The pore and throat radii
were found from the largest sphere which can fit in the centres of the
pores and throats. The sub-resolution microporosity in rock grains was
not considered in the analysis, as it cannot be resolved in the images.

We compared the pore and throat size distributions of Ketton car-
bonate with Estaillades carbonate, a benchmark microporous carbonate
for relative permeability and displacement analysis (Gao et al., 2019;
Lin et al., 2021) in Fig. 3. Later in the paper we will use this information
to understand the differences in capillary pressure and relative perme-
ability characteristics for these two rocks. Ketton has larger resolvable
(macro) pores and throats compared to Estaillades. In addition, we also
plotted the number of pores and throats which are not connected. This
means they are only connected through sub-resolution microporosity.
While Estaillades has a large number of isolated pores and throats with

Estaillades carbonate
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Fig. 3. The radius distributions of pores and throats comparing Ketton (pores: 13,668; throats: 24,407) and Estaillades carbonate (pores: 104,241; throats: 72,506)
(Lin et al., 2021). The dashed lines indicate resolvable pores and throats which are only connected through sub-resolution microporous pores and throats.
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Fig. 4. (a) Comparison of the porosity profile along the sample obtained by high and coarser resolution images. (b) Comparison of the brine saturation profile along
the flow direction obtained by high (bold) and coarser resolution images, where the results for three fractional flows are plotted for demonstration.

zero coordination number, for Ketton, these isolated elements are
largely absent.

3.2. Porosity and saturation measurements based on greyscale images
without segmentation

The porosity and saturation profiles of the coarser resolution images
are compared to those of high-resolution images slice by slice at the
same location in the middle of the sample and near the downstream end
(Fig. 4). The results show that the coarser resolution images match well
slice by slice with the high-resolution ones, which indicates the
greyscale-based differential imaging method for porosity and saturation
computation is accurate even at the coarser image resolution. Moreover,
the average porosity obtained from the images (0.236 + 0.008) agrees to
within the uncertainty of the measurements with the helium porosity
(0.239 + 0.008), which again demonstrates the accuracy of our
greyscale-based differential imaging method.

The brine saturation profiles across the whole sample for all the
fractional flows are shown in Fig. 5. These profiles are based on the
average greyscale values of the whole sample accounting for both brine
in the macropores and unresolved microporosity. The brine saturation
profile for all the fractional flows was heterogenous along the flow di-
rection. Specifically, the brine saturation is lower near the outlet due to
the so-called capillary end effect: there was retention of the preferen-
tially wetting phase (oil) at the outlet. This heterogenous saturation
profile affects the analysis of relative permeability: we will discuss how
to include the effect of a heterogenous saturation profile in Section 3.6.

T
0 10 20 30 40 50
Distance along flow direction (mm)

Fig. 5. The brine saturation profile based on the coarser images along the flow
direction at eight fractional flows.

3.3. Wettability characterization

We measured the in situ contact angle distribution (Fig. 6) in mac-
ropores using an automated method (AlRatrout et al., 2017). The results
show that there is a wide range of contact angle both above and below
90°. The peak (mode) values are between 110° and 115° for all frac-
tional flows. Table 2 shows that the mean values of contact angles are
larger than 90° and range from 95° to 115°.

The mean contact angle increases slightly as the displacement pro-
ceeds. Initially, brine will invade the more water-wet regions of the pore
space, with three-phase contacts in these regions. Hence, for the lowest
fractional flows we observe a significant fraction of contact angles below
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Fig. 6. The measured contact angle distributions for different fractional flows
based on the segmented images.

Table 2

The geometric contact angle distributions
showing the mean and standard deviation at all
fractional flows.

fw Contact angle
0.05 95.1 + 29.4°

0.15 102.1 + 24.6°
0.3 103.8 &+ 20.5°
0.5 109.8 + 18.5°
0.7 103.1 £+ 20.2°
1 114.8 £ 23.5°
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Fig. 7. Volume-weighted histogram plot showing distribution of pores and throats filled with oil during waterflooding in Ketton carbonate compared with an oil-wet
Estaillades carbonate (Lin et al., 2021) and a mixed-wet Bentheimer sandstone (Lin et al., 2019). The grey areas represent the pore and throat size distributions.
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Fig. 8. The volume fraction of pore/throat radii occupied by oil (red) and brine (blue) as a function of radius.

90°. As displacement proceeds, the brine is forced into both smaller and
more oil-wet regions of the pore space. At the end of waterflooding, the
three-phase contact lines now reside in almost exclusively oil-wet re-
gions of the pore space with contact angles above 90°.

3.4. Fluid occupancy in pores and throats

By using the extracted pore and throat labels described in Section
3.1, we computed the pore occupancy by calculating the fraction of oil-
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filled voxels in the largest sphere at the centre of each pore and throat of
the sample (6 x 6 x 10 mmg) for all fractional flows. We define a pore to
be filled if the oil fraction is larger than 50%, shown in Fig. 7. To further
test how wettability impacts fluid occupancy, the pore occupancy in
different sizes of pores and throats of a smaller sample volume (3.58 x
3.58 x 3.58 mm®) are quantified in Fig. 8. The volume-weighted fraction
of pores and throats whose centres were occupied by brine or oil was
computed to determine the fluid occupancy. During waterflooding,
brine preferentially filled the larger pores and throats first, while the
smaller elements remained oil filled. This is consistent with oil-wet
conditions where brine is the non-wetting phase. As shown in Fig. 7,
similar behaviour - largest pores and throats to be filled with brine first —
has also been seen in an oil-wet Estaillades carbonate (Lin et al., 2021).
On the other hand, we observed brine filling of pores and throats of all
size throughout the displacement in a mixed-wet Bentheimer sandstone
(Lin et al., 2019), where smaller pores and throats in water-wet regions
and larger ones in oil-wet regions were preferentially filled with brine.

3.5. Interfacial curvature and capillary pressure

Capillary pressure, defined as the pressure difference between the oil
and brine phases, is calculated using the Young-Laplace equation.

P.=P,—P, (@]
P, =20k 2
K:%(Kl +K2) 3

where P, is the capillary pressure, ¢ is the interfacial tension, « is the
mean curvature of the interface, which is the average of the two prin-
cipal curvatures, x; and ko, where we define k1 > «o.

The curvature was obtained by approximating the smoothed oil-

2mm
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brine interface locally by a quadratic form. The eigenvalues and eigen-
vectors of the quadratic form correspond to the principal curvature
values and the directions of principal curvature, respectively. More de-
tails about interface extraction and the smoothing process can be found
elsewhere (Lin et al., 2018). The smoothed oil-brine interfaces for
different fractional flows are shown in Fig. 9.

Fig. 10 shows the curvature distribution of 1.3 million measured
curvature values at f;y = 0.5. The peak of the distribution of the mean
curvature is slightly negative, indicating a negative capillary pressure
and, on average, oil-wet conditions. However, as with contact angle, the
pore-by-pore picture is more complex. We separated the mean curva-
tures into three categories: 1) both principal curvatures are positive
(blue), water-wet case; 2) both negative (red), oil-wet case; 3) one value
is positive and the other negative (green), mixed-wet case. Approxi-
mately 70% of the interfaces have one positive curvature and one
negative curvature, giving a negative Gaussian curvature (Fig. 11a), and
this occurs at all fractional flows. This means that most interfaces are
saddle-shaped. This potentially provides good connectivity of both oil
and brine through the pore space (Khanamiri et al., 2018). It implies that
the two phases can flow over a wide saturation range, indicating
favourable pore-scale displacement efficiency (Lin et al., 2019; Alham-
madi et al., 2020; Gao et al., 2020). This is an important observation and
has been seen previously for both sandstones and carbonates with a
range of contact angles both above and below 90°, as observed here (Lin
et al., 2019; Alhammadi et al., 2020; Gao et al., 2020): we describe this
condition as mixed-wettability (AlRatrout et al., 2018).

Fig. 11b shows the capillary pressure based on the measured mean
curvature, compared with literature data from sandstones and carbon-
ates with different wettability conditions. The capillary pressure of
Ketton carbonate was negative, consistent with the mean curvature, and
decreased with brine saturation as brine was principally the non-wetting
phase and forced into smaller pores and throats progressively to displace
oil.

Fig. 9. The smoothed oil-brine interfaces for different fractional flows. Red indicates the side of the interface next to oil, while blue shows the interface next to water.
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We observed a low mean curvature, with two approximately equal,
but opposite principal curvatures in Ketton carbonate as shown in
Fig. 10. Similar behaviour, with a low but slightly negative capillary
pressure from menisci with principal curvatures of opposite sign has also
been seen in a mixed-wet reservoir carbonate (Alhammadi et al., 2020),
mixed-wet Bentheimer sandstone (Lin et al., 2019) and a mixed-wet
reservoir sandstone (Gao et al., 2020). On the other hand, a more
distinctly oil-wet Estaillades carbonate had a lower — more negative —
capillary pressure as a consequence of a stronger wettability alteration,
leading to larger contact angles (Lin et al., 2021), and differences in the
pore and throat size distributions, see Fig. 3, with, on average, smaller
pores than in Ketton. In the next section we will demonstrate how the
combination of pore structure and wettability also affects relative
permeability.

Ketton carbonate
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3.6. Relative permeability and implications for recovery

3.6.1. Measured relative permeability with correction for saturation

heterogeneity
Darcy’s law was used to calculate the steady state relative

permeability.

g, L

"w o= W (4)
0, uL
Ky = T2 (5)

where k,, and k,, are the relative permeabilities of water and oil
respectively, q is the Darcy velocity, u is the fluid viscosity, L is the
sample length, AP is the pressure loss over length L, which was measured
in the oil phase in this work, K is the absolute permeability.

. Mixed-wet Bentheimer sandstone
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Fig. 10. Measured oil-brine mean curvature distribution at f,y = 0.5 in this work compared with a mixed-wet Bentheimer sandstone (Lin et al., 2019), a mixed-wet
reservoir carbonate (Alhammadi et al., 2020) and a mixed-wet reservoir sandstone (Gao et al., 2020). All mean curvatures are shown in black. The distribution of
values where both principal curvatures are positive (blue), k; > 0, ko > 0, both negative (red), k; < 0, k2 < 0, and when one value is positive and the other negative

(green), kiky < 0.
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The brine saturation at each fractional flow was measured on the
coarser resolution greyscale images for the whole sample. As discussed
in Section 3.2, the brine saturation is heterogenous along the flow di-
rection and tends to be lower near the downstream end.

Traditionally, relative permeability in steady-state flow is calculated
using Egs. (4) and (5) assuming that the saturation profile is homoge-
neous with the same pressure drop in each phase (the capillary pressure
is constant). These assumptions are rarely correct, as shown in Fig. 5. It
is possible to account for inhomogeneities in the analysis of core floods
through a quantitative assessment of local heterogeneity (Jackson et al.,
2018): here we will do this using a simpler approach.

In our experiment, with a long, thin core, flow is approximately one-
dimensional. A region where, locally, the saturation of one phase is low
will restrict the flow of that phase, leading to locally a high pressure
gradient. The average saturation over the whole core may be signifi-
cantly higher, but the overall pressure drop may be dominated by these
low-saturation regions. The result is that we assign a high pressure drop
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and hence low relative permeability to a high average saturation. There
is a tendency to underestimate the relative permeability if we assume a
homogeneous saturation profile.

We have developed a method that automatically accounts for an
inhomogeneous saturation profile. We assume that there is a unique
relative permeability as a function of saturation, defined locally in slice-
averages of the image. We find this relative permeability which, when
the pressure gradient is integrated along the measured saturation pro-
file, gives the measured overall pressure drop to within the uncertainty
of the measurements, see Appendices B and C. We also account for
pressure differences between the phases due to differences in capillary
pressure (which we have measured - see Fig. 11b) and buoyancy. The
details are provided in Appendix F. The end result is a corrected relative
permeability with a quantified assessment of uncertainty.

A comparison between the uncorrected (assuming a homogeneous
saturation profile) and corrected relative permeability is shown in
Fig. 12 and Table 3. The results indicate that the relative permeability of

14

- Ketton carbonate
o-- Oil-wet Estaillades carbonate
--A-- Mixed-wet reservoir carbonate

-2 - --v-- Mixed-wet Bentheimer sandstone e f@i‘
--#-- Mixed-wet reservoir sandstone
— T T T T ‘* T * T * T " T * 1
01 02 03 04 05 06 07 08 09
Sw

Fig. 11. (a) Gaussian curvature distribution at different fractional flows. (b) Capillary pressure for Ketton carbonate analysed in this work compared with an oil-wet

Estaillades carbonate (Lin et al.,

2021), a mixed-wet reservoir carbonate (Alhammadi et al.,

2020), a mixed-wet Bentheimer sandstone (Lin et al., 2019) and a

mixed-wet reservoir sandstone (Gao et al., 2020). The error bars indicate the measured uncertainties in the estimation of brine saturation and capillary pressure. The
uncertainty of brine saturation calculation can be found in Appendix D, while the uncertainty of capillary pressure comes from the errors of mean curvature

measurements from the extracted interfaces.
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Fig. 12. The comparison between uncorrected (assuming a homogeneous saturation profile) and corrected (taking into account the measured saturation) relative
permeabilities shown on a linear axis (a) and on a logarithmic axis (b). The shaded areas represent the uncertainty of the corrected oil and water relative perme-

ability values.
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Table 3
Relative permeability of the oil and brine phases with and without correction for
saturation heterogeneity.

fw Sw keo kro krw krw
(uncorrected) (corrected) (uncorrected) (corrected)

0 0.328 0.718 0.708 0 0
+0.048

0.05 0.536 0.112 0.332 0.005 0.005
+0.033

0.15 0.541 0.027 0.296 0.005 0.006
+0.033

0.3 0.573 0.014 0.119 0.006 0.006
+0.031

0.5 0.588 0.007 0.091 0.007 0.008
+0.030

0.7 0.615 0.006 0.055 0.013 0.027
+0.028

095 0.714 0.004 0.005 0.078 0.251
+0.021

1 0.838 0 0 0.597 0.657
+0.012

the oil and brine phases was underestimated by simply using average
brine saturation in the k;-S,, relationship, which assumes a uniform
saturation profile for the whole sample.

It can be seen that the water relative permeability is low until a high
saturation is reached at the last two fractional flows (f,, = 0.95 and f,, =
1). The cross-over saturation when the two relative permeabilities are
equal is above 0.6, which is favourable for oil recovery; furthermore the
oil drained to a low residual saturation (0.16). At the last two fractional
flows, the water relative permeability increased sharply, and the final
water relative permeability is high (0.66). This water relative perme-
ability is not typical oil-wet behaviour, where invasion percolation oc-
curs in the larger pores and the water relative permeability increases
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rapidly; instead we observe more percolation-like mixed-wet relative
permeability characteristics (Blunt, 2017). This is the result of Ketton
carbonate distinct bimodal pore size distribution (Fig. 1) and wetta-
bility, which will be described in detail in the following section.

3.6.2. Brine connectivity and its impact on water relative permeability

Fig. 13 illustrates the displacement of oil in microporosity and
macropores in a small region of the sample. At the beginning of water-
flooding, oil resides in macropores, as well as partially invading the
microporosity, as shown in Fig. 13 from comparing the brine scan with
that taken at f,, = 0. When waterflooding started (from f,, = 0 to f, =
0.05), we observed brine firstly filled the microporosity (greyscale
values increased), which we assume remained water-wet. We also see
forced displacement of oil in an oil-wet pore at a negative capillary
pressure (the water bulges out into the oil). The water flows through the
microporosity to preferentially fill the larger pores throughout the
sample (see Fig. 8) in a percolation-like displacement. The water relative
permeability remains low, limited by flow through microporosity, until
the water in the macropores connects across the pore space.

The three-dimensional volume rendering of the brine phase in
macropores is shown in Fig. 14. Different colours indicate different brine
clusters and the brine connectivity in the macropores of a smaller vol-
ume in the middle of the sample was quantified in Table 4. At f,, = 0.05,
the image shows brine filled the large oil-wet pores as many discrete
clusters. The brine clusters were not well connected between the inlet
and outlet, especially as filling of the restrictions (throats) between
pores is not favoured in oil-wet regions. The brine flowed through the
microporosity, which is the reason why the brine relative permeability
remained very low. As the fractional flow increased from f,, = 0.05 to f,,
= 0.5, the brine saturation increased slightly by 5% and the connectivity
of brine clusters increased gradually but the brine at the outlet remained
poorly connected. As shown in Fig. 12 and Table 3, the water relative

dry scan brine scan

£,=0.05

Fig. 13. Images of one pore space at the same position for different fractional flows. The yellow ellipses indicate brine in microporosity.

50.5 mm

f,=0.05 £,=0.15 £,=0.3 £,=0.5

£,=0.7 £,=0.95 f,=1 f,=1 bump

Fig. 14. Three-dimensional volume rendering of the brine phase in macropores at different fractional flows, showing the development of brine phase connectivity.
Different colours represent discrete ganglia of brine. The stitched three-dimensional volume rendering of the full sample with voxel size of 8.91 uym is shown on the
left and smaller volumes in the middle and near the flow outlet of the sample with voxel size of 3.58 pm are shown on the right for each fractional flow.
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Table 4

The brine connectivity in macropores in a smaller volume in the
middle of the sample with voxel size of 3.58 pm. The connectivity
is defined as the ratio between the volume of the connected brine
from the bottom to the top and the total volume of brine.

fw Brine connectivity in macropores
0.05 0.447
0.15 0.612
0.3 0.793
0.5 0.828
0.7 0.842
1 0.993

permeability was almost constant, as the brine flow was maintained by
the microporosity of the Ketton limestone (with pore sizes of less than
0.1 pm, Fig. 1). From f,, = 0.5 to f;; = 0.7, there is a slight increase in
brine saturation and connectivity especially at the outlet, corresponding
to a small rise in the water relative permeability. At f, = 0.95, a critical
point, the water relative permeability started to increase sharply as the
brine phase formed a connected path. At the last point, f,, = 1, the pump
flow rate was increased 100 times (bump flood) and finally the brine
invaded small throats and broke through in the macropores. Thus, the
brine occupied most of the pore space and consequently was well con-
nected with a high relative permeability of 0.66.

Fig. 14 also illustrates the importance of accounting for saturation
heterogeneity. We calculate our relative permeabilities based on a slice-
averaged saturation. Had we instead used the average saturation of the
whole sample, where the water was poorly connected near the outlet, we
would have significantly underestimated the relative permeability, as
demonstrated in Table 3.

3.6.3. Relative permeability comparison with different carbonates

We compared the relative permeability characteristics of Ketton
carbonate with previously published results on an oil-wet Estaillades
carbonate (Lin et al.,, 2021) and a mixed-wet reservoir carbonate
(Alhammadi et al., 2020) (Fig. 15): see Fig. 11b for a comparison of the
capillary pressures of these samples. By comparing the pore size distri-
butions of these three carbonates, we can see Ketton and Estaillades
have more microporosity than the reservoir carbonate. This explains
why the initial water saturation in these two samples is higher.

Ketton carbonate is a remarkable example of rock with relatively
uniformly distributed microporosity; a separation of scales exists
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between large inter-granular pores (>10 um) and microporosity (<0.1
um) inside the grains, see Fig. 1 (Bijeljic et al., 2018). When the satu-
ration is low, below 0.6, brine in the macropores was poorly connected
with few large clusters (see Fig. 14) and the relative permeability was
exceptionally low (<0.01) limited by flow through microporosity. Once
the brine clusters connected through the macropores, the relative
permeability increased significantly with a high end-point water relative
permeability of 0.66. As discussed above, the displacement is
percolation-like and the relative permeability has mixed-wet charac-
teristics. Similar behaviour — namely a low and almost constant water
relative permeability for low and intermediate saturations followed by a
rapid rise when the water connects in microporosity — is observed in the
reservoir carbonate (Alhammadi et al., 2020); however, in this case the
amount of microporosity was lower, with a lower initial water satura-
tion, and so the relative permeabilities are shifted to the left and
stretched in comparison to Ketton.

In contrast, Estaillades carbonate has a more complex sub-micron
pore space with a large range of pore sizes. Its sub-resolution micropo-
rosity can allow more flow leading to a more rapid rise in relative
permeability with water saturation. Estaillades carbonate has a signifi-
cant fraction of macropores that are connected only through sub-
resolution microporosity (Fig. 3) and it has a much higher initial
water saturation and water relative permeability at the beginning of
waterflooding. The ability of the microporosity to allow significant flow,
combined with the more oil-wet nature of the macropores (see the
capillary pressures in Fig. 11b) lead to an invasion-percolation like
displacement and more oil-wet relative permeability characteristics
(Lin et al., 2021).

In summary, wettability and pore size distribution, and particularly
the role of microporosity, control the relative permeability character-
istics of these carbonates. The use of high-resolution imaging and
analysis allows us to understand and interpret the different behaviour in
terms of pore-scale displacement processes.

4. Conclusions

We used a suite of experimental and image analysis tools to measure
relative permeability and capillary pressure simultaneously on an
altered-wettability carbonate with distinct bimodal porosity.

We used a greyscale-based differential imaging method which pro-
vides accurate porosity and saturation measurements without image
segmentation. We demonstrated the measured porosity and saturation

0
(a) 10 (b) 1.04 Reservoir carbonate
S Ketton carbonate
= 0.8 Estaillades carbonate
2
10 ® 0.64
©
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2 0.44
102 +Mixed—wet reservoir carbonate g
(Alhammadi et al., 2020) 5 02
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Fig. 15. (a) Comparison between the mean of the corrected relative permeability from this work on Ketton and previously published measurements on mixed-wet
reservoir carbonate (Alhammadi et al., 2020) and oil-wet Estlaillades carbonate (Lin et al., 2021). (b) Pore size distributions for these three carbonate rocks.
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profile from the coarser resolution images is consistent slice by slice with
the high-resolution ones, which implies the greyscale-based differential
imaging method is accurate even at voxel sizes of approximately 9 pm.
The measured relative permeability values were corrected by consid-
ering the variation in slice-averaged saturation along the flow direction.
We found both brine and oil relative permeability values were under-
estimated by simply using average saturation values in the k;-S,, rela-
tionship, which assumes a uniform saturation profile in the sample for
each fractional flow.

The resolvable macropores displayed an overall oil-wet behaviour,
measured from contact angle, fluid occupancy, curvature and capillary
pressure on micro-CT images. The oil-brine interfaces had a small
negative mean curvature, implying a low negative capillary pressure.
We observed many saddle-shape oil-brine interfaces with nearly equal
but opposite principal curvatures in orthogonal direction. This implies
that oil and brine phases preserve good connectivity during the
experiments.

Ketton limestone wettability and bimodal pore size distribution
explain the relative permeability behaviour, which is different from
other carbonate rocks. Pore-space images show that brine initially
flowed through microporosity and was then forced to fill the centre of
large oil-wet pores. The brine clusters were not well connected initially
through the macropores and instead the flow was maintained through
microporosity. The oil relative permeability dropped quickly as oil was
drained to low saturation and flowed through connected oil layers. The
brine flowed through microporosity and its relative permeability
remained very low until brine invaded small throats and formed a
connected flow path through the macropores at which point the brine
relative permeability increased significantly.

We propose that this experimental and analysis workflow could be

Appendix A. Contrast scan between rock and fluids
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used to characterize and interpret displacement behaviour in a range of
porous materials.
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Contrast scans between rock and fluids were taken before the experiment. Ketton limestone particles were put into four small glass bottles. 7 wt%,
15 wt%, 20 wt% and 25 wt% KI brine was prepared and poured into the bottles. Then decane was put inside each bottle and well mixed with brine and
rock particles. Quick scans (801 projections) were taken for the bottles with rock and fluids. By comparing the contrast of the rock, oil, and brine
(Figs. Al and A2), 25 wt% KI brine was chosen as the optimum brine salinity for image contrast.

(a) 7 wt% Kl

(b) 15 Wt% KI

(c) 20 wt% KI (d) 25 wt% KI

Fig. Al. Contrast scans between rock and fluids. (a) Using 7 wt% KI in water, it is possible to distinguish water, oil and rock phases, and water is the intermediate
phase between oil and rock. (b) Using 15 wt% KI in water, water is not distinguishable from rock. (c) Using 20 wt% KI, water can be distinguished from rock, but the
contrast is insufficient for accurate quantitative analysis. (d) Using 25 wt% KI, it is possible to distinguish three phases and the contrast is better. The last option was

chosen for the full experiment.
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Fig. A2. Histograms of the grey scale values of the contrast scans.

Appendix B. Tubing pressure validation for single-phase flow

For a circular tube, Poiseuille’s equation for flow is

4
A
_map (B1)

QiSﬂ L

where Q is the flow rate; r is the tube radius; Ap is the pressure loss over length L; u is the fluid viscosity.
From Darcy’s law,

kA Ap

T u L (B2)

Q

where A is the tube area (zr%). By analogy with Darcy’s law Eq. (B2), the absolute permeability of a circular tube can be derived from Eq. (B1)

k=— B3
8 (B3)
The absolute permeability can be calculated analytically based on Eq. (B3). We know r = 0.38 mm, and then we can calculate k = 1.81 x10~% m?.
We have also experimentally measured absolute permeability by single oil phase flow. The tube and fluid properties are as follows

1=0.838x103Pa.s
Q=0.4mL/min=6.67 x 10°m3/s
A=nr’=3.14x0.38’°mm?=4.53 x10m?
L=2.0m

Ap=1340 Pa

Based on Darcy’ law, the experimentally measured absolute permeability is

k= OnL _ 1.84 x 1073m?
AAp

The experimentally measured absolute permeability agrees well with the theoretical one derived from the Poiseuille’s equation. This demonstrated
our tubing pressure measurement is accurate, at least for single-phase flow.
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Appendix C. Tubing pressure uncertainty for multiphase flow

The measured total pressures, tube pressures and associated uncertainties at each fractional flow are shown in Table C1. The core pressure, which
was the difference between total pressure and tube pressure at each fractional flow, is used for the relative permeability calculation. As the tube
pressure was measured after removing the sample from core holder, these values may not be the same as the tube pressures when there was rock
present. Therefore, there is uncertainty with the tube pressure measurement. To properly assess the uncertainties, the ratio of the tube pressure and the
total pressure was calculated at each fractional flow and the ratio ranges from 0.13 to 0.36. We assume the real tube pressures ranges from 0.13 to 0.36
of total pressures for all fractional flows.

Table C1

The measured total pressures and tube pressures at each fractional flow.
fw Total pressure, kPa Tube pressure, kPa Core pressure, kPa Ratio of the tube pressure and the total pressure
0 0.75 £+ 0.04 0.13 0.61 0.18
0.05 5.94 +1.22 2.22 3.72 0.37
0.15 21.32 + 0.47 7.57 13.75 0.36
0.3 34.84 + 0.50 12.68 22.16 0.36
0.5 37.27 £ 0.68 8.01 29.26 0.21
0.7 30.17 + 0.90 7.81 22.36 0.26
0.95 8.08 £ 2.11 2.84 5.24 0.35
1 0.83 £+ 0.07 0.11 0.72 0.13

Appendix D. Greyscale-based differential imaging to compute porosity and saturation

The porosity can be estimated based on the CT numbers (greyscale values) of the phases in the dry image:

CT = CT,p(1 — $) + CTip (D1)
CT — CTrout

=~ " D2

d) CTuir - CTmrk ( )

where ¢ is the porosity, CTrepresents the average CT number of the whole image, CTyocx and CTi; are the representative CT number of solid and air
phases, respectively.

Similarly, fluid saturations can be estimated based on the on the CT numbers of the phases in partially-saturated images — containing oil and brine
and solid:

CT = CT,pek(1 — @) + CT, S, + CT,.p(1 —S,) (D3)

_CT — CTyue(1 — ) — CT,up

’ (CT, — CT,)¢ (D4

where CT represents the average CT number of the whole image, CTock, CTo and CT,, are the representative CT number of solid, oil and water phases,
respectively.

During differential imaging (Figs. D1 and D2) — subtracting the brine saturated image from the dry/partially-saturated images — the solid and brine
phases cancel out reducing the uncertainty. Therefore, Eqs. (D2) and (D4) can be written for the differential images as:

CcT

¢= o (D5)
CcT

S0 =&t y (D6)

One key procedure for differential imaging is greyscale normalization to make sure the greyscale values are consistent for the same phases for the
images at every fractional flow. To achieve this, we normalized all the greyscale images to the brine scan slice by slice by using non-microporous rock
and the Viton sleeve as masks. The uncertainty in porosity and saturation were obtained based on variations of greyscale values for different fluids
(CT,ir and CT, in Egs. D5 and D6). Increasing the contrast between brine and oil can lead to lower uncertainty. However, there is a trade-off as doping
the brine to be excessively opaque to X-rays leads to lower image quality and increased image blur at the boundary between phases. 25% KI was
selected after conducting contrast scans between rock and fluids; see the details in Appendix A.
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Appendix E. Greyscale image segmentation
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Fig. D1. Two-dimensional slices of three-dimensional images
at the same location in the Ketton sample. (a) The dry scan. Air
in the pore space is X-ray transparent shown black. (b) The
brine-saturated image. Brine has a higher X-ray attenuation
than grains and appears bright (white) in the image. (c¢) The
differential image between dry scan (a) and brine scan (b),
where a constant number of 30000 was added to avoid nega-
tive values. The solid phase cancels out during differential
imaging and is light grey in the image. Macropores are in black
and the unresolved microporosity appears dark grey.

Fig. D2. Two-dimensional slices of three-dimensional images
at the same location in the Ketton sample. (a) The partially-
saturated image — containing oil (black) and brine (white)
and solid (grey). (b) The brine-saturated image. (c) The dif-
ferential image between the partially saturated image (a) and
the brine scan (b), where a constant number of 30000 was
added to avoid negative values. The solid and brine phases
cancel out during differential imaging, shown light grey in the
image. The oil phase is black.

Greyscale images with a voxel size of 3.58 pm for each fractional flow are illustrated in Fig. E1. Black is oil, grey is rock grain (solid), and white is
brine. The macropore space and rock phases were segmented firstly from the differential image of dry and brine scans (Fig. D1). The high salinity brine
was even brighter than the solid and the differential image helps distinguish solid and macropores. Macropores can be easily segmented from the rock
using the interactive thresholding method without segmenting microporous grains where a complex segmentation method is needed (Lin et al., 2016).
The next step was to segment oil in the macropores. Similarly, oil in the macropores was segmented from the differential image between the
multiphase scans and the high salinity brine scan (Fig. D2) using the interactive thresholding method based on the greyscale values. The segmented oil
phase was masked by the solid and the remaining phase was brine. The segmented images are shown in Fig. E2, where the grey is solid with
microporosity and the fluids in the macropores were segmented into brine (blue) and oil (red).

Fig. E1. Two-dimensional cross-sectional views of three-dimensional X-ray images of the same slice at each fractional flow for Ketton limestone. The oil, rock and
brine are shown in black, grey and white respectively. Note the image at fractional flow f,, = 0.95 was not included here as we could not achieve steady state when

the image was taken.
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Fig. E2. Two-dimensional cross-sectional views of the segmented image, corresponding to Fig. 6, showing brine (blue), oil (red) and rock (grey) of the same slice at
each fractional flow.

Appendix F. Relative permeability correction method for inhomogeneous saturation profiles

In this two-phase flow experiment, the fluid flow is upward. For any fractional flow the multiphase Darcy’s law for one-dimensional vertical flow is

Kk?‘() aPO
o = ——— ( +/){,g> (F1)
Hy \ Ox
Kk, (0P,
= — . F2
q " ( o +/)wg) (F2)
P.=P,—P, (F3)

where the subscripts o and w stand for oil and water respectively, g is the Darcy velocity, K is the absolute permeability, k; is the relative permeability,
u is the viscosity, P is the fluid pressure, x is the distance along the flow direction, p is the fluid density, g is the gravitational acceleration, and P, is the
capillary pressure.

By integrating Eqs. (F1) and (F2) between sample length from 0 and L, the pressure drop, AP, across the sample length, which was measured in the
oil phase, is given by:

L

Hoqo [ 1
AP = AP, ==2 d. L F4
K / oo () X P8 )
0
L
AP = AP, = Hude / L et pgL 4 P(x=0) — P(x=L) (F5)
K J o s) T
0

where relative permeability is assumed to be a unique function of saturation: k.(S,,) and we assume that the absolute permeability is constant.

We estimated the initial water saturation (Sy,;) and the residual oi saturation (S,;) from the lowest slice-averaged saturations of water and oil
observed in the experiments. We divided the saturation evenly across the saturation range from Sy; to 1-Sy; into eight increments. Then we described
the oil and water relative permeability using eight unknown values at the eight discrete points: ky; and kry ;, with i from 1 to 8. For any saturation
value, we were able to define the relative permeability by linearly interpolating between the eight discrete values. As we have obtained the slice-by-
slice saturation profile (Fig. 5), a unique relative permeability as a function of saturation can be defined locally in slice-averages of the image, and the
integral in Eqs. (F4) and (F5) can be replaced by linear sums as

Iu Go,i - 1
AP, =" AN 4 p gL (F6)
K Z ko(si) " P8
AP; = adtl [ Ax i ; +p.8L+ P i(x=0) — P ;(x=L) (F7)
K Sk (SV)

where Ax is every increment of sample length in the image, which is the voxel size, j is the slice number of images along the measured saturation
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profile, n is the total number of the slices. Here i labels the fractional flow: we have eight different measured pressure differences.

In Egs. (F6) and (F7), we account for pressure differences between the phases due to differences in capillary pressure and buoyancy. We assume the
capillary pressure at the inlet is the same as the values obtained from the high-resolution image in the middle of the sample which we have measured —
see Fig. 11b, whereas the capillary pressure at the outlet is zero due to the capillary end effect. We then find the relative permeability which, when the
pressure gradient is integrated along the measured saturation profile, gives the measured overall pressure drop to within the uncertainty of the
measurements, see Appendix C. This is an optimization process which leads to a range of possible relative permeability values, as presented in the main

text.
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